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Abstract 
The matrix permeability of organic-rich shales and its relationship with lithological 
factors including maturity, TOC (total organic carbon) content, porosity and mineralogy 
is fundamental to the process of shale oil/gas production from these unconventional 
reservoirs. The significances of these individual factors controlling matrix permeability 
are, however, rock-specific and not necessarily of equal importance in all shale gas 
reservoirs.  The matrix permeability of fine-grained sedimentary rocks also depends on 
the type of permeating fluid, moisture content, pore pressure and effective stress. The 
effects of these controlling factors on matrix permeability of fine-grained organic-rich 
shales/mudstones, originating from different potential and producing shale gas plays 
worldwide (China, Canada, US), have been reviewed and discussed in Chapter 2. The 
lithotypes occurring in unconventional oil/gas reservoirs have low to extremely-low 
permeability coefficients which are difficult to measure in the laboratory on a routine 
basis. The routine experimental procedures applied for high-permeable samples should 
be verified and tested for these types of rocks. Chapter 3 compares different 
methodologies (steady state, non-steady state) for the determination of gas permeability 
coefficients in tight shale samples under controlled confining pressure. For the samples 
analyzed in this PhD study, the apparent gas permeability coefficients measured using 
non-steady state techniques were consistently higher than those measured by the 
steady state method (for dry samples). The Klinkenberg-corrected gas permeability 
coefficients obtained from steady state and non-steady state techniques were, however, 
similar but the slip-factors were different, being larger for the non-steady state 
technique. 
The Late Mississippian Upper Alum Shale/Chokier Formation (western Germany, 
Belgium), the Lower Toarcian Posidonia Shale (northern Germany) and the Cambro-
Ordovician Scandinavian Alum Shale (Sweden, Denmark) are among the most 
promising candidates for shale gas production in Western Europe. The fluid transport 
properties within these potential shale gas reservoirs are, however, still poorly 
understood. Chapters 4-6 present results from laboratory studies investigating the fluid 
flow mechanisms/properties in the matrix system of these European organic-rich shales, 
differing in pore network characteristics (porosity, pore size distribution), mineralogy 
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(calcite, clay, quartz), TOC content (3 - 14%) and maturity (0.6 - 2.4% VRr). Gas (He, 
Ar, CH4) and water flow properties were determined at effective stresses ranging 
between 5 and 37 MPa and temperatures of 45°C. The effects of different controlling 
factors/parameters including maturity, porosity, mineralogy, TOC (total organic carbon) 
content, permeating fluid, pore pressure and effective stress on the conductivity were 
analysed and discussed. 
Among the sample suite analyzed, the lowest permeability coefficients parallel and 
perpendicular to bedding were measured at intermediate maturity levels (oil-window; 
0.88 - 1.05% VRr). The Klinkenberg-corrected gas permeability coefficients increased 
significantly with porosity (4 - 16%) ranging between 4·10-22 and 9.7·10-17 m². 
Permeability coefficients measured parallel to bedding were more than one order of 
magnitude higher than those measured perpendicular to bedding. The permeability 
anisotropy appeared, furthermore, to be controlled by the mineral composition. 
Permeability coefficients measured with He were consistently up to five times higher 
than those measured with Ar and CH4 under similar experimental conditions. A 
substantial discrepancy between Klinkenberg-corrected gas permeability coefficients 
and water permeability coefficients (0.5 - 10·10-21 m²) was observed for both immature 
and overmature samples. Klinkenberg-corrected gas (He, Ar, CH4) permeability 
coefficients measured on dry samples were significantly, up to six times, higher than 
those measured on as-received samples (moisture contents up to 1.9 wt%). The rate of 
permeability reduction with increasing effective stress depended significantly on 
orientation and moisture content. The reduction rate was, however, independent of the 
type of permeating gas (He, Ar, CH4). The most significant permeability reduction with 
effective stress was observed for as-received samples (moisture contents up to 1.9 
wt%), compared to those, which were dried (105 °C, vacuum, overnight) before the 
tests.  
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Zusammenfassung 
Die Matrixpermeabilität von Tonsteinen und ihre Abhängigkeit von lithologischen 
Faktoren wie Reife, TOC (Total Organic Carbon) Gehalt, Porosität und Mineralogie sind 
ausschlaggebend für den Erfolg der unkonventionellen Erdgas- und Erdölgewinnung. 
Der Einfluss dieser Parameter auf die Matrixpermeabilität ist allerdings 
gesteinsspezifisch und variiert in unterschiedlichen Schiefergaslagerstätten. Die 
Matrixpermeabilität feinkörniger Sedimentgesteinen hängt auch von der Art des 
transportierten Fluids, Feuchtegehalt, Porendruck und effektiver Spannung ab. Die 
Auswirkungen dieser Einflussfaktoren auf die Matrixpermeabilität feinkörniger, TOC-
reicher Tonsteine aus potentiellen und produzierenden Schiefergassystemen weltweit 
(China, Kanada, USA) werden in dieser Arbeit erläutert und diskutiert (Kapitel 2). Die in 
unkonventionellen Öl/Gas Lagerstätten vorkommenden Lithotypen besitzen niedrige bis 
sehr niedrige Permeabilitätskoeffizienten, die im Labor nur schwer zu bestimmen sind. 
Die experimentellen Methoden, die routinemäßig bei hochpermeablen Gesteinen 
Anwendung finden, müssen für diese Gesteinsarten überprüft und angepasst werden. 
In der vorliegenden Arbeit werden verschiedene (stationäre und nichtstationäre) 
Messmethoden zur Bestimmung von Gaspermeabilitätskoeffizienten in dichten 
Tonsteinproben verglichen (Kapitel 3). Bei Gaspermeabilitätsmessungen an 
getrockneten Proben unter kontrollierten Spannungsbedingungen ergaben die 
nichtstationären Methoden durchweg höhere Werte als die stationären Verfahren. Die 
nach Klinkenberg korrigierten Gaspermeabilitätskoeffizienten beider Methoden sind 
allerdings ähnlich; allerdings ergaben die nichtstationären Messungen höhere 
Klinkenberg Faktoren (slip-factors) als die stationären. 
Die unterkabonische (Namur) Chokier Formation (Westdeutschland, Belgien), der 
Unterjurassische (Toarcium) Posidonienschiefer (Norddeutschland) und der kambro-
ordovizische Alaunschiefer („Alum Shale“; Schweden, Dänemark) gehören zu den 
aussichtsreichsten Kandidaten für die Schiefergasproduktion in Westeuropa. Die 
Fluidtransporteigenschaften in derartigen potentiellen Schiefergaslagerstätten sind 
bislang allerdings nicht vollständig verstanden. Ergebnisse von Laborstudien zum 
Fluidtransport in der Gesteinsmatrix dieser europäischen organisch reichen Gesteine 
werden in den Kapiteln 4-6 dargestellt. Diese Tonsteine unterscheiden sich in der 
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Struktur des Porennetzwerks (Porosität, Porenraumverteilung), der 
Mineralzusammensetzung (Kalzit, Tonminerale, Quarz), dem TOC Gehalt (3 -14%) und 
der thermischen Reife (0,6 - 2,4%). Das Transportverhalten von Gasen (He, Ar, CH4) 
und Wasser wurde bei effektiven Spannungen zwischen 5 und 37 MPa und 
Temperaturen von 45 °C untersucht. Die Auswirkungen der einzelnen Einflussgrößen, 
unter Einbeziehung der thermischen Reife, der Mineralogie, des TOC Gehalts, der 
Fluidphase, des Porendrucks und der effektiven Spannung, auf die Durchlässigkeit der 
Gesteine werden analysiert und diskutiert. 
Die niedrigsten Permeabilitätskoeffizienten - parallel und senkrecht zur Schichtung - 
wurden an Proben mittlerer thermischer Reife gemessen (Ölfenster: 0,85 – 1,05% VRr). 
Die Klinkenberg-korrigierten Gaspermeabilitätskoeffizienten nehmen in Abhängigkeit 
von der Porosität (4 - 16%) von 4,0·10-22 auf 9,7·10-17 m² zu. Die parallel zur Schichtung 
gemessenen Permeabilitätskoeffizienten sind dabei durchweg um eine Größenordnung 
höher als die senkrecht zur Schichtung gemessenen. Diese Permeabilitätsanisotropie 
wird offensichtlich von der mineralogischen Zusammensetzung beeinflusst. Unter 
denselben experimentellen Bedingungen sind die mit Helium gemessenen 
Permeabilitätskoeffizienten bis zu fünfmal höher als die mit Ar und CH4 ermittelten. 
Zusätzlich ergeben sich für thermisch unreife und überreife Proben grundlegende 
Unterschiede zwischen den Klinkenberg-korrigierten Gaspermeabilitätskoeffizienten 
und den Wasserpermeabilitätskoeffizienten (0,5-10·10-21 m²). In trockenen Proben sind 
die Klinkenberg-korrigierten Gaspermeabilitätskoeffizienten für He, Ar und CH4 bis zu 
sechsmal höher als in Proben mit Restfeuchtegehalt (Anlieferungszustand; 
Feuchtegehalt bis zu 1,9 Gew.-%). Die Permeabilitätsabnahme bei zunehmender 
effektiver Spannung hängt von der Orientierung der Probe und dem Feuchtegehalt ab 
und ist unabhängig von der Gasart. 
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List of terms and symbols 
Terms and symbols Definition Unit 
Apparent gas permeability 
coefficient, gask  
Gas permeability coefficient from single-phase 
gas flow tests corresponding to a given mean 
pore pressure – value is not corrected for the 
Klinkenberg effect. 
 
Darcy,m
2
 
1 Darcy= 
9.87 · 10
−13
 m
2
 
Klinkenberg-corrected gas 
permeability, k  
Klinkenberg-corrected gas permeability 
coefficient from single-phase gas flow tests 
corresponding to a range of mean pore 
pressure. 
Darcy,m
2
 
1 Darcy= 
9.87 · 10
−13
 m
2
 
Intrinsic (water) permeability 
coefficient, absk  
Permeability coefficient from steady state, 
single-phase flow experiments with de-ionized 
water 
Darcy,m
2
 
1 Darcy= 
9.87 · 10
−13
 m
2
 
  Gas/water viscosity Pa.s 
A  Cross-sectional area of the sample m
2
 
b  Klinkenberg slip factor Pa
-1
 
c ,  Constant dimensionless 
nK  
Knudsen Number dimensionless 
  Mean free path m 
L  Length of sample m 
2,1P , downupP ,  
Upstream/downstream pressure Pa 
Q  Volumetric gas flow rate m3 
2,1V , downupV ,  Volume of top/bottom chamber m
3 
z  Compressibility factor of gas dimensionless 
.confP  
Confining pressure Pa 
avP , mP  
Mean pore pressure Pa 
eP  
Effective stress Pa 
0,rcP  
Pressures of the reference before the helium 
expansion 
Pa 
scP  
Pressures of the sample volumes before the 
helium expansion Pa 
fP  
Pressure of the connected system after helium 
expansion 
Pa 
sV  
Skeletal volume 
m
3
 
bV  
Bulk volume m
3
 
scV  
Sample cell volume m
3
 
rcV  
Reference cell volume m
3
 
plugscV ,  
Void volumes of the sample cell with the sample 
plug 
m
3
 
plugblankscV ,  
Void volumes of the sample cell with blank-plug 
(steel cylinder) 
m
3
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1. Introduction 
1.1 Natural gas as a source of energy 
Natural gas is one of the primary sources of energy worldwide. Composed mainly of 
methane (CH4) with a comparatively high thermal value (9 MCal/m
3), natural gas 
produces fewer potentially hazardous pollutants than other primary energy sources 
such as oil and coal. Due to the high demands on the energy market, combined with 
these environmental factors, the natural gas consumption has nearly doubled over the 
last 20 years worldwide (Vermylen, 2011). Annual natural gas consumption is expected 
to increase from 3 Tscm (trillion1 standard cubic meter) in 2007 to 4.4 Tscm in 2035 
globally (Vermylen, 2011).  
1.2 Conventional and unconventional reservoirs 
Natural gas reservoirs, in a broad term, are divided into two categories; conventional 
and unconventional reservoirs. Figure 1.1 shows a scheme depicting conventional and 
unconventional gas reservoirs (source: US Energy Information Administration; eia). 
Unconventional shale gas reservoirs include gas hydrates, tight gas sandstones, 
coalbed methane (CMB) and shale gas. In general, the hydrocarbons generated in and 
expelled from the source rocks migrate upward into a trap of reservoir rock below a 
sealing unit (seal/cap rock) to form conventional oil/gas reservoirs. Organic-rich shales 
are generally considered as source rocks for conventional oil/gas reservoirs. The 
organic matter preserved in organic-rich shales converts, through biogenic or 
thermogenic processes, to hydrocarbons, while the remaining organic matter and clay 
minerals within the matrix of shales may form storage media for these generated 
hydrocarbons. Even after initial generation of hydrocarbons from organic-rich shales, 
considerable quantities of gas may remain in compressed (free) and sorbed states 
within the matrix of these lithotypes.  
 
                                                          
1
 Based on the “short scale” definition: 10
12
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Figure 1.1: Conventional and unconventional gas reservoirs (excluding gad hydrates). Conventional gas 
reservoirs can be with/without associated oil. 
 
The majority of natural gas production worldwide comes currently from conventional 
reservoirs. These conventional reservoirs are, however, becoming increasingly difficult 
to find and exploit worldwide (Vermylen, 2011). In the past, organic-rich shales were 
considered only as source/cap rocks for conventional oil/gas resources. In recent years, 
however, two key elements have shifted the focus to unconventional gas reservoirs, 
particularly shale gas reserves: 1) growing demand for energy worldwide; and, 2) a 
substantial increase in unconventional gas production in North America, particularly the 
USA. 
In the USA, the annual natural gas production from coalbed methane and shale gas 
reservoirs represents approximately 15% of the total natural gas production with 40% of 
this production coming from more than 40,000 shale gas wells completed in five primary 
basins (Barnett, Antrim, Bakken, Woodford, Haynesville) (Jenkins and Boyer, 2008). 
While drilling activities for coalbed methane are slowing down, shale gas continues to 
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be one of the hottest topics in the US, and drilling is rapidly expanding, especially in the 
south central USA (the Barnett shale and its equivalents), the Appalachian basin and 
numerous Rocky Mountain basins (Jenkins and Boyer, 2008). The estimates of the 
International Energy Agency show that, under favorable conditions, unconventional gas 
may meet more than 40% of the increasing global demand for gas by the year 2035 
(Jenkins and Boyer, 2008).  
Outside the US, more than 40 countries have investigated the potential of coalbed 
methane (CBM), resulting in commercial projects in Australia, Canada, China, and India 
(Jenkins and Boyer, 2008). Currently no commercial shale gas projects exist outside of 
the US, but exploration continues to identify both new shale gas plays and to increment 
shale gas production from existing reservoirs. Considering the enormous estimate for 
worldwide coalbed methane (252 Tscm) and shale gas (448 Tscm) resources, it is clear 
that tremendous potential exists for future growth (Jenkins and Boyer, 2008). 
1.3 Shale gas reservoirs 
Shale gas reservoirs are self-sourced gas resources in which thermogenic or biogenic 
methane is contained within a fine-grained organic-rich low-permeable shale matrix. In 
addition to these factors a potential shale gas reservoir, according to the United States 
Geological Survey (USGS), must have regional extent and a low expected ultimate 
recovery (Lewis, 2007). The gas produced from gas shale-reservoirs is denoted “shale 
gas”.  
Shale gas reservoirs are organic-rich (up to 25%) with maturity levels well beyond the 
gas window (Tmax> 460°C).  Only at very high maturity levels (>1.4% VRr), are the 
organic-rich shales expected to fulfil the empirical organic geochemical criteria, which 
label them as a gas shale candidates (Jarvie et al., 2007). Depositional environment is 
one of the key elements to define a potential shale gas reservoir. Particularly, deposition 
within an anoxic environment is necessary to preserve organic matter for gas 
generation. Most of the productive oil/shale reservoirs are marine, however, at least one 
lacustrine formation is commercially explored (Green River Shale). Productive organic-
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rich shales have usually substantial thickness (30 meters or more) and are 
geographically extended (hundreds of square kilometers). They range in age from the 
Cambrian to the Jurrassic, however, age is less relevant than the volume of the 
reservoir rock available. 
1.4 Energy and shale gas: Europe 
Fossil fuels including coal, oil and natural gas are the largest sources of energy in the 
EU. These energy resources are widely projected to dominate the European energy 
supply through to at least 2030. The European Commission’s Energy Roadmap 2050 
identifies gas as a critical fuel for the transformation of the energy system. The 
substitution of coal and oil by gas in the short to medium term could help to reduce 
emissions associated with existing technologies until at least 2030 - 2035 (European 
Commission’s publications: http://iet.jrc.ec.europa.eu/). 
In general, potential unconventional gas resources (coalbed methane and shale gas) 
are widely distributed across Europe. Their potential development may, therefore, offer 
a number of benefits for the EU including lower natural gas prices, more readily 
available gas on the European market and adding diversity to the EU's gas supplies. 
While no commercial shale gas enterprises are currently known outside North America, 
many parts of Europe contain prime targets for shale gas exploration (Horsfield et al., 
2008; Littke et al., 2011). These potential targets for shale gas exploration and 
production, particularly in Western Europe, include the Late Mississippian Upper Alum 
Shale/ Chokier Formation (western Germany, Belgium), the Lower Toarcian Posidonia 
Shale (northern Germany) and the Cambro-Ordovician Scandinavian Alum Shale 
(Sweden, Denmark). 
Even though no shale gas has been commercially produced in Europe yet, many oil/gas 
companies have already started conducting extensive exploration during the past five 
years in Sweden, Germany, Poland, and UK to assess these reservoirs. In spite of 
significant advances, which have been made over the last years, there are still great 
Introduction 
 
5 
 
opportunities for major breakthroughs in science and technology addressing gas shales 
(www.gas-shales.org).  
The GASH Project is the first European interdisciplinary shale gas research initiative 
(www.gas-shales.org). It started in October 2009 and the first phase lasted for three 
years until November 2012. The second phase of the GASH Project will, most likely, 
start in 2013. The GASH Project is sponsored by several national and international 
oil/gas companies including Statoil, ExxonMobil, GdF SUEZ, Wintershall, Vermillion, 
Marathon Oil, Total, Repsol, Schlumberger and Bayerngas. During the first phase of 
GASH, multinational expert teams from research institutions, geological surveys and 
universities within the EU conducted around12 research projects. The overall goal of 
GASH is to predict shale gas formation and occurrence in time and space in Europe, 
and the key elements, which control the gas storage and production from these 
reserves. GASH focuses on the potential gas shales of Europe, especially on the 
Scandinavian Alum Shale (Denmark) and Posidonia and Carboniferous Shales in 
Germany. Importantly, it also integrates proven US gas shales (e.g. Barnett Shale) for 
calibration of key variables. Besides the preparation of a regional black shale database 
for Europe, the main deliverables from GASH are expected to be new predictive and 
evaluative tools for exploration and production of these unconventional gas resources 
especially within Europe. 
1.5 Purpose of this study 
Despite considerable gas-in-place (GIP) estimations for shale gas plays, these complex 
heterogeneous reservoirs require innovative exploration and completion strategies to 
produce natural gas economically. Economic gas flow rates in these reservoirs, which 
commonly have permeability coefficients down to the nDarcy-range, are still technically 
difficult to achieve, partially due to the poor understanding of the fluid transport 
processes within the fracture and matrix systems of these lithotypes (Chalmers et al., 
2011, 2012; Bustin and Bustin, 2012). 
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According to Horsfield et al. (2008) and Littke et al. (2011), the Late Mississippian 
Upper Alum Shale/Chokier Formation (western Germany, Belgium), the Lower Toarcian 
Posidonia Shale (northern Germany) and the Cambro-Ordovician Scandinavian Alum 
Shale (Sweden, Denmark) are among the most likely candidates for shale gas 
production in Western Europe. The Posidonia and Scandinavian Alum Shales have 
been the focus of scientific interest for many years with respect to their source rock 
properties including sedimentology, stratigraphy, petrology, geochemistry and fluid 
inclusions. Nevertheless, the fluid transport properties within these potential shale gas 
reservoirs are still poorly understood.  
Apart from providing an experimental fluid flow data-base for these potential reserves, 
the purpose of this study was to investigate different mechanisms of fluid (gas/water) 
transport within the matrix systems of these lithotypes, which are commonly low- to 
extremely low-permeable. The matrix permeability of organic-rich shales and its 
relationship with lithological factors including maturity, TOC (total organic carbon) 
content, porosity, pore size distribution and mineralogy is, furthermore, fundamental to 
the quantification of shale oil/gas production from these reservoirs. The significances of 
these lithological factors on matrix permeability are, however, rock-specific and are not 
necessarily similar among all shale gas reservoirs. Based on laboratory data, this study 
tends, furthermore, to investigate the effects of these lithological factors on matrix 
permeability of European organic-rich shales, differing in porosity (3 - 16%), mineralogy 
(calcite, clay, quartz), TOC content (3 - 14%) and maturity (0.5 - 2.4% VRr). 
1.6 Thesis overview 
1.6.1 Chapter 2 
The mineralogy, total organic carbon (TOC) content, and texture of organic-rich shales 
govern the pore network characteristics (porosity, pore size distribution) and the matrix 
permeability of shale oil/gas reservoirs. The significances of these lithological factors on 
matrix permeability are, however, rock-specific and are not necessarily similar among all 
shale gas reservoirs.  
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The purpose of this chapter is to review and discuss the lithological controls on porosity 
and matrix permeability of fine-grained organic-rich shales/mudstones originating from 
different potential and productive shale gas plays worldwide (China, Canada, US). For 
this purpose a through literature review was performed. Furthermore, a dataset was 
collected from published permeability data for organic-lean and organic-rich shales, 
differing in porosity (1.1 - 26.5%), mineralogy (calcite, clay, quartz), TOC content (0.1 -
17%) and maturity (Rock-Eval Tmax: 369 – 478 °C). Altogether over 1150 geochemical 
and petrophysical data sets, determined on 202 marine organic-lean and organic-rich 
shales were compiled and analyzed in this project. 
1.6.2 Chapter 3 
The lithotypes occurring in unconventional gas reservoirs have low to extremely-low 
permeability coefficients which are difficult to measure in the laboratory on a routine 
basis. For these types of rocks the suitability of experimental procedures commonly 
used for high-permeable samples was to be verified and tested.  
The purpose of this chapter is to compare different methodologies for the determination 
of gas permeability coefficients in tight shale samples under controlled confining 
pressure. The results of the systematic measurements reported here extend the 
experimental database and provide new insights into transport processes in lithotypes 
with permeabilities down to the nanodarcy range. 
1.6.3. Chapter 4 
The Cambro-Ordovician Alum Shale is considered as one of the potential targets for 
shale gas exploration in Western Europe. This chapter presents results from a 
laboratory study investigating the fluid transport properties in the matrix systems of the 
immature (0.50% VRr) and overmature (>2% VRr) samples from Scandinavian Alum 
Shale. Gas (He, Ar, CH4) and water flow properties were determined at effective 
stresses ranging between 5 and 30 MPa and a temperature of 45°C. The effects of 
different controlling factors/parameters on the fluid conductivity including anisotropy, 
moisture content, effective stress, load cycling, permeating fluid and pore pressure were 
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analysed and discussed. Porosity measurements by helium expansion were conducted 
under controlled “in situ” effective stress conditions on a limited number of plugs drilled 
perpendicular and parallel to bedding. 
1.6.4 Chapter 5 
The Lower Toarcian (Lower Jurassic) Posidonia Shale is considered one of the potential 
targets for shale gas exploration in Western Europe. This chapter presents results from 
a laboratory study investigating the fluid transport properties in the matrix system of the 
Posidonia Shale, covering a large maturity range (0.58 – 1.45% VRr). Gas (He, Ar, CH4) 
and water flow properties were determined at effective stresses ranging between 6 and 
37 MPa and a temperature of 45°C. The effects of different controlling 
factors/parameters including maturity, anisotropy, moisture content, effective stress and 
type of permeating fluid on the fluid conductivity were analyzed. 
1.6.5 Chapter 6 
Mineralogy, total organic carbon (TOC) content, and texture of organic-rich shales 
govern the pore network characteristics (porosity, pore size distribution) and the matrix 
permeability of shale oil/gas reservoirs. Recognizing that flow discontinuities such as 
faults and fractures will affect fluid transport in organic-rich shales on a reservoir scale, 
this chapter discusses the lithological controls on matrix permeability of European 
organic-rich shales, differing in porosity (3 – 16%), mineralogy (calcite, clay, quartz), 
TOC content (3 - 14%) and maturity (0.5 - 2.4% VRr). In addition to the samples 
analyzed in chapters 4 and 5, two sample plugs originating from the Upper Alum 
Shale/Chokier Formation (western Germany, Belgium) were analyzed in this chapter. 
Finally, a sample from the Barnett Shale (Texas, US) was included in this study for 
comparison. 
1.6.6 Outlook 
During this PhD project, issues, such as the “in-situ” moisture state of gas shales and its 
influence on gas permeability were identified as important problems requiring 
fundamental research in terms of methodology, experimental techniques and “best 
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practice”. Furthermore, based on experimental results, discussions with project partners 
and sponsors, consistency, accuracy and reliability of laboratory data (petrophysical and 
geochemical analyses) provided by commercial and academic laboratories is one of the 
major concerns within current shale gas research. In this chapter, these challenges and 
the recommended solutions are discussed. 
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2. Lithological controls on matrix permeability of 
organic-rich shales: A literature review 
 
Keywords: Gas Shale, Western Canadian Basin, Woodford Shale, Barnett Shale, 
Permeability, Porosity, Mineralogy, TOC content, Maturity 
2.1 Abstract 
The influence of the lithological factors such as porosity, mineralogy, TOC content and 
maturity on the matrix permeability of carbonaceous shales is complex and may vary 
among different shale gas plays. This chapter reviews and discusses the effects of 
these factors on the matrix permeability of fine-grained, organic-rich shales/mudstones 
originating from different potential and productive shale gas plays, particularly in North 
America (Canada, USA). 
Considering published porosity and permeability data, it is concluded that porosity could 
be significantly affected by the TOC content, combined with the level of thermal 
maturation. The presence of a mobile liquid phase within the pore network of organic-
rich shales may, furthermore, significantly decrease the porosity under “in situ” stress 
conditions. In general, there is no simple, straightforward relationship between porosity 
and permeability for organic-lean and organic-rich shales. There is, however, a fair to 
modest log-linear relationship between porosity and permeability coefficients measured 
perpendicular to bedding, depending on lithology. Published petrophysical datasets 
indicate that permeability is not solely controlled by mineralogy, as high permeability 
coefficients were were encountered equally for quartz-, carbonate- and clay-rich 
lithotypes. It is rather a combination of mineralogy, rock fabric and pore size distribution 
that appears to control the matrix permeability of organic-rich shales. Permeability 
coefficients measured parallel to bedding were significantly (up to five orders of 
magnitude) higher than those measured perpendicular to bedding, depending on 
lithology and permeating fluids. 
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2.2 Introduction 
The matrix of organic-rich shales is composed of inorganic and organic matter. The 
inorganic matrix is generally characterized by relatively large, irregularly-shaped pores 
and fractures. The organic matrix, which is finely dispersed within the inorganic matrix, 
is generally composed of micro- and meso-pores (1-50 nm) depending on maturity and 
organic matter type (Bernard et al., 2011, 2012; Curtis et al., 2012). The pores within 
the organic matrix are predominately spherical, whereas the pores within the inorganic 
matrix are typically slit-like (Curtis et al., 2012).  
A significant difference in the location of pores can be seen in the matrix systems of 
different gas shales. While the porosity in the Barnett, Kimmeridge, and Horn River 
Shales is dominantly within the organic matter matrix, according to Curtis et al. (2012), 
the porosity in the Haynesville Shale is most prevalent in the inorganic matrix. The 
inorganic-associated porosity may play a significant role in the gas storage and 
production characteristics of organic-rich shales. In particular, from a commercial 
perspective, the slit-like pores within the inorganic matrix of shales are more prone to 
collapse due to an increase in effective pressure during shale oil/gas production. The 
closure/collapse of these pores during production can reduce matrix permeability, and 
consequently, the rate at which hydrocarbons are produced (Curtis et al., 2012).  
Published permeability data for organic-rich shales, particularly for well-characterized 
organic-rich shales in terms of their lithology and pore network characteristics, are 
sparse. Considering the matrix permeability, existing data suggest a range of around 
eight orders of magnitude, with a five orders of magnitude range at a single porosity 
(Yang and Aplin, 2007; Ross and Bustin, 2008; Pathi, 2008; Chalmers and Bustin, 
2008; Sondergeld et al., 2010, Yang and Aplin, 2010; Okiongbo, 2010; Metwally and 
Sondergeld, 2010; Chalmers et al, 2011, 2012, Chalmers and Bustin, 2012). Such wide 
variability, and a poor understanding of the lithological factors causing this variability, is 
a major obstacle to the accurate description of fluid flow in these low-permeable 
lithotypes. Due to the difficulty of measuring the low and extremely-low permeability of 
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shales, a variety of models have been developed to evaluate permeability from other 
more easily measured petrophysical data such as porosity and pore size distribution 
(Swanson, 1981; Yang and Aplin, 1998; Yang and Aplin, 2010). The application of these 
models is, however, limited and cannot fully describe the complex behavior of these 
lithotypes in terms of fluid flow (Yang and Aplin, 1998, 2007, 2010). 
A thorough literature review was performed concerning the lithological controls on 
porosity and matrix permeability of fine-grained organic-rich shales/mudstones from 
different potential and productive shale gas plays, particularly those in North America 
(Canada, USA). Furthermore, a dataset (Table 2.1) was collected from published 
permeability data for organic-rich shales, differing in porosity (1.1-26.5%), mineralogy 
(calcite, clay, quartz), TOC content (0.1-17%) and maturity (Rock-Eval: Tmax: 369 – 
478°C). In order to consider a wider range in terms of lithology and TOC content, 
permeability data from fine-grained organic-lean mudstones (reference 1; Yang and 
Aplin, 2007) were also included. Altogether over 1150 geochemical and petrophysical 
data points were collected from 202 marine organic-lean and organic-rich 
shales/mudstones. For 107 samples, permeability coefficients were measured using 
steady state and non-steady state techniques conducted on plugs. For permeability in 
reference 1, brine (30 g/l NaCl solution) was used as permeate. In references 4, 6 and 
7, methane was used as permeate. The permeability data in references 2, 3 and 5 were 
calculated from pore size distributions data using either the Swanson equation (1981) or 
the Yang and Aplin (1998, 2007) model. 
The Yang and Aplin model has been calibrated with measured permeability data and is 
capable of predicting permeability coefficients to a factor of three of the measured 
values (Yang and Aplin, 2007). Total organic carbon and clay contents were measured 
for all samples. Porosity values were determined using either Mercury Injection 
Porosimetry (MIP) or helium pycnometry combined with buoyancy tests (Archimedes 
principle) or MIP analyses for determination of the bulk volume. 
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Tabel 2.1: Geochemical, mineralogical and petrophysical (porosity, permeability) data for organic-lean and organic-rich shales from various references 
(
1
Yang and Aplin, 2007; 
2
Chalmers and Bustin, 2008; 
3
Ross and Bustin, 2008, 
4
Pathi, 2008; 
5
Okiongbo, 2010; 
6
Chalmers and Bustin, 2012, 
7
Chalmers et 
al., 2012). n.a.: not available 
Reference no. 1 2 3 4 5 6 7 
No. of samples 30 38 35 42 22 22 13 
Formation(s) 
North Sea, Gulf 
of Mexico, 
Caspian Sea 
Buckinghorse 
(Canada) 
Besa River, Horn 
River, Muskwa, 
and Fort 
Simpson 
(Canada) 
Western Canadian 
Basin  
North Sea 
Halfway, Montney, 
Doig (Canada) 
Besa River, Horn 
River, Muskwa 
(Western 
Canadian Basin) 
age n.a. 
Lower 
Cretaceous 
Devonian - 
Mississippian 
Devonian–
Mississippian 
Paleozoic - 
Holocene 
Lower and Middle 
Triassic 
 
Devonian - 
Mississippian 
TOC (%) 0.1 – 2.4 0.2 – 17.0 0.15 - 4.9 0.6 – 14.9 3.1 – 11.1 0.4 – 7.2 0.3 – 5.9 
Rock-Eval Tmax (°C) n.a. 416 - 476 369 - 611 n.a. n.a. 443 - 478 n.a. 
Vitrinite reflectance 
(% VRr) 
n.a. n.a. n.a. n.a. n.a. n.a. n.a. 
Range of clay content 
(%) 
12.2 – 44.7 n.a. 1.0 – 81.4 1.9 – 60.5 n.a. 0 – 19.4 3.5 – 34.5 
Quartz content (%) n.a. n.a. 13.1 – 92.5 3.1 – 80.4 n.a. 13.5 – 66.1 1.5 – 73.4 
Porosity (%) 5.5 – 26.5 2.6 – 11.9 0.6 - 6.9 1.5 – 19.6 3.3 – 24.3 
1.5 – 6.2*, 
2.2 – 7.2** 
1.1 – 6.9 
Method of porosity 
determination 
Mercury 
Injection 
Porosimetry 
(MIP) 
Mercury 
Injection 
Porosimetry 
(MIP) 
Mercury Injection 
Porosimetry 
(MIP) 
Mercury Injection 
Porosimetry (MIP) 
Mercury Injection 
Porosimetry (MIP) 
Mercury Injection 
Porosimetry (MIP), 
Helium pycnometry 
Helium 
pycnometry 
Method of 
permeability 
determination 
Measured using 
transient pulse 
decay technique 
Calculated 
using Swanson 
Eq. (1981) 
Calculated using 
Swanson Eq. 
(1981) 
Measured using 
transient pulse 
decay technique 
Calculated using 
Yang and Aplin 
Model (2007) 
Measured using 
transient pulse 
decay technique 
Measured using 
transient pulse 
decay technique 
Permeating fluid 
Brine (30 g/l 
NaCl) 
n.a. n.a. Methane n.a. Methane Methane 
* Measured by Mercury Injection Porosimetry (MIP); ** Measured by helium pycnometry 
 
Lithological controls on matrix permeability of organic-rich shales: A literature review 
 
14 
 
The samples within the data-set have the following ranges of key properties: TOC 
content: 0.1 - 17%, clay content: 0 - 63.0%; quartz content: 1.5 - 92.5%, porosity: 1.1 - 
26.5% and permeability: 2.6·10-23 - 1.0·10-15 m2. The dataset covers nearly the entire 
spectrum of fine-grained organic-lean and organic-rich shales in terms of lithology and 
TOC content.  
2.3 Porosity and pore size distribution within inorganic 
matter  
Porosity and pore size distribution in the inorganic matrix of shales is controlled by 
mineralogy. Figures 2.1-2.3 show cross-plots of literature data for porosity and major 
mineral contents for organic-lean and organic-rich shales.  
 
 
Figure 2.1: Relationship between porosity and quartz content 
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Figure 2.2: Relationship between porosity and clay content 
 
Figure 2.3: Relationship between porosity and carbonate content 
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For organic-rich shales (0.3–5.9%) from the Horn River basin, Chalmers et al. (2012) 
observed that the quartz-rich (>40%) samples had higher porosity values than 
carbonate-rich (>60%) samples. The porosity values in these quartz-rich samples are, 
furthermore, positively correlated with TOC contents. According to Chalmers et al. 
(2012), majority of the quartz content of the shales from Horn River Basin is from 
biogenic origins as inferred partly from the positive relationship between the quartz 
content and the TOC content. A significant portion of the pore throats in these quartz-
rich samples with higher porosity and TOC contents was, furthermore, composed of 
meso-pores (Chalmers et al., 2012). In general, the proportion of micro- and meso-
pores compared to macro-pores increases with increasing TOC and clay contents 
(Chalmers et al., 2012; Chalmers and Bustin, 2012). Similar to the organic-rich shales 
from Horn River basin, Chalmers and Bustin (2012) observed that quartz-rich (>40%) 
samples from the Doig-Montney formation had higher porosity values than carbonate-
rich (>45%) samples. In contrast to the organic-rich shales from Horn River basin, 
however, quartz-rich samples from the Doig-Montney formation with low TOC contents 
(<2%), indicated a higher proportion of macro-pores than meso and micro-pores. The 
positive correlation between porosity and quartz content for the samples with lower TOC 
contents is, according to Chalmers and Bustin (2012), an indication of intergranular 
porosity. In contrast to the results of the latter studies, according to Ross and Bustin 
(2008), among organic-rich shales from the Devonian Besa River formation, clay-rich 
(>50%) samples had higher porosity values than quartz- and carbonate-rich samples. 
For organic-rich shales from Muskwa and Fort Simpson formations, however, the 
association between porosity and lithology was less significant than Besa River shales 
(Ross and Bustin, 2008). High carbonate contents in shales from Muskwa formation 
have, however, an adverse effect on porosity, similar to Besa River shales (Ross and 
Bustin, 2008).  
Pore size distribution of shales, and the way that it evolves as a result of compaction, is 
furthermore affected by clay content (Dewhurst et al., 1998; Yang and Aplin, 1998, 
2007, 2010). For organic-lean shales (< 2.4%) with porosity values ranging between 22 
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- 27%, Yang and Aplin (2007) observed that mean pore throat diameter decreased from 
1400 nm to 15 nm as clay content increased (12 - 66%). According to Yang and Aplin 
(2007), differences in pore size distributions of samples with different clay contents 
became less significant as porosity decreased.  
2.4 Porosity and pore size distribution within organic matter  
Figure 2.4 indicates that there is no significant relationship between porosity and TOC 
content of organic-lean and organic-rich shales.  
 
Figure 2.4: Relationship between porosity and TOC content 
It is believed that the pores in the organic matrix of shales originate, dominantly, from 
hydrocarbon generation and expulsion (Jarvie et al., 2007; Loucks et al., 2009; Curtis et 
al., 2012; Bernard et al., 2012). Development of pores in the organic matrix of shales is, 
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therefore, expected to vary with TOC content, organic matter type and thermal maturity 
(Curtis et al., 2012). Previous laboratory studies have shown that porosity 
(nanoporosity) within the organic matrix of organic-rich shales increases as thermal 
maturity increases (Curtis et al., 2012; Bernard et al., 2012). TEM (Transmission 
Electron Microscopy) and STXM (Synchrotron-based scanning Transmission X-ray 
Microscopy) studies on immature, mature and overmature samples from Posidonia 
Shale (Germany) revealed newly formed organic macromolecules (solid bitumen, 
pyrobitumen) within the organic matter matrix of mature and overmature samples, 
coexisting with primary kerogen particles. For the overmature samples, particularly, 
these organic macromolecules appeared to be very different from those for the mature 
samples, exhibiting a network of micro- and meso-pores which were clearly visible on 
the Scanning Transmission Electron Microscopy (STEM) images (Bernard et al., 2011). 
The intra-particle micro- and meso-pores within these organic macromolecules (solid 
bitumen, pyrobitumen) constitute the most obvious porosity of the overmature Posidonia 
Shale samples and are, most likely, associated with the exsolution of gaseous 
hydrocarbons during the secondary thermal cracking of retained oil (Bernard et al., 
2011, 2012). The presence of these organic macromolecules (solid bitumen, 
pyrobitumen) with abundant micro- and meso-pores in overmature organic-rich samples 
from Barnett Shale (Texas, USA) has been, furthermore, documented by Bernard et al. 
(2012). According to Bernard et al. (2011), no visible micro- and meso-pores could be 
recognized on STEM images of the organic matter matrix (kerogen and solid bitumen 
particles) of the immature and mature samples from Posidonia Shale. Based on 
pyrolysis experiments combined with Scanning Electron Microscopy (SEM) imaging, 
Tian et al. (2011) found that the percentage of micro- and meso-pores and the pore 
network connectivity within the organic matrix of organic-rich shales increased with 
increasing thermal maturity (pyrolysis temperature). Similar to the results of Bernard et 
al. (2011), Tian et al. (2011) observed that there were few or no pores within the organic 
matrix of immature organic-rich shale samples. Using Focused Ion Beam (FIB) milling 
and SEM imaging, Curtis et al. (2012), furthermore, observed that the immature 
samples (% VRr < 0.90) from Woodford Shale contained no organic porosity. 
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It should be noted, however, that thermal maturity may not be the only factor 
responsible for occurrence and preservation of pores in the organic matter of all 
organic-rich shales. For immature and overmature samples from Woodford Shale, it has 
been recently observed by Curtis et al. (2012) that, while the first appearance of organic 
porosity for the samples occurs in mature samples (1.23 %VRr), there are anomalies. 
The complete lack of organic porosity in an overmature sample (2 %VRr), according to 
Curtis et al. (2012), is one of these anomalies. Furthermore, some mature samples 
(1.23 %VRr) exhibited regions of porous organic matter adjacent to regions of non-
porous organic matter that were separated by a few microns (Curtis et al., 2012). 
According to Curtis et al. (2012), there are two possible explanations for this 
observation; 1) regions of organic matter composed of different macerals which evolved 
differently with thermal maturation, and, 2) the non-porous region of organic matter is 
kerogen whereas the porous region is pyrobitumen. These laboratory observations 
suggest that organic matter composition and thermal maturity may significantly affect 
porosity development and preservation in the organic matrix of shales. However, 
thermal maturity alone is insufficient for predicting porosity in the organic matter of 
shales (Curtis et al., 2012). 
2.5 Effect of mineralogy on permeability  
For organic-rich shales from the Triassic Halfway, Montney and Doig formations (British 
Columbia, Canada), Chalmers and Bustin (2012) observed that, the samples with 
quartz plus feldspar contents higher than 65% had, in general, higher permeability 
coefficients (>8·10-20 m2) than samples with quartz plus feldspar contents less than 
65%. There were, nevertheless, anomalies and samples with the highest permeability 
coefficients had quartz plus feldspar contents less than 65%. These samples, according 
to Chalmers and Bustin (2012), contained moderate amounts of carbonate, quartz and 
feldspar and low clay contents (< 6%). For organic-rich shales from the Western 
Canadian Basin and the Woodford Shale, Pathi (2008) studied the effect of mineralogy 
on permeability coefficients measured parallel to bedding. Selected results from this 
study are shown in Figures 2.5-2.6.  
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Figure 2.5: Mineralogy and permeability data for organic-rich shales from the Western Canadian Basin 
(Pathi, 2008) 
 
Figure 2.6: Mineralogy and permeability data for Woodford Shale (Pathi, 2008) 
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Among clay-, quartz-, and carboate-rich shales from Western Canadian Basin (Figure 
2.5), carbonate-rich shales had the lowest permeability coefficients. Carbonate 
cementation during diagenesis and/or deposition, filling the pore throats of carbonate 
rich samples, can significantly reduce the porosity and permeability of organic-rich 
shales (Chalmers et al., 2012). Among quartz-rich samples of the Woodford Shale 
(Figure 2.6), those with higher clay contents (>13%) had lower permeability coefficients. 
The mineral composition in combination with the fabric and pore size distribution may 
control the matrix permeability of organic-rich shales. For organic-rich shales (0.3–
7.2%) from the Horn River basin and the Triassic Halfway, Montney and Doig 
formations (British Columbia, Canada), based on MIP and N2/CO2 sorption analyses, 
Chalmers and Bustin (2012) and Chalmers et al. (2012) observed that samples with 
higher permeability coefficients not only had larger interconnected pore apertures (> 16 
μm) but also exhibited a more balanced ratio between micro-, meso- and macro-pores. 
Based on these laboratory observations, Chalmers et al. (2012) suggest that the rate of 
fluid flow in the matrix of organic-rich shales is controlled by pore aperture within the 
macro-pore size fraction and the ratio between micro-, meso and macro-pores. These 
authors propose that, as the ratio between pore size fractions becomes more balanced, 
a larger proportion of pores contribute to fluid flow and connectivity across the shale 
matrix increases. Within the sample suite studied by Chalmers and Bustin (2012) and 
Chalmers et al. (2012), samples with low permeability coefficients and containing large 
interconnected macro-pores (> 16 μm), did not have a balanced ratio of micro-, meso- 
and macro-pores. 
Mineralogy plays, furthermore, a key role in hydraulic fracturing of organic-rish shales. 
Silica- and organic-rich shales are most favorable for shale gas reservoir exploration 
due to possible fracture enhancement of the brittle siliceous- and organic -rich facies. 
According to Jarvie et al. (2007) and Rickman et al. (2008), the most brittle parts of the 
Barnett Shale are quartz-rich while the least brittle parts are clay-rich. 
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2.6 Effect of mineralogy on stress dependence of 
permeability 
Based on the experimental results of Pathi (2008), Figures 2.5-2.6 show that there is no 
significant relationship between mineralogy and stress dependence of permeability. For 
siliceous organic-rich samples from the Woodford Shale, Pathi (2008) observed that 
samples with similar amounts of quartz and clay contents showed different sensitivity to 
effective stress (WS-5, WS-7, WS-8 and WS-12). The samples with higher sensitivity to 
effective stress (WS-5, WS-7, and WS-11) had, however, higher porosity values (> 5%). 
For siliceous organic-rich shales from the Western Canadian Basin, Pathi (2008) 
furthermore observed that there was no significant relationship between mineralogy and 
stress-dependence of permeability. Neither did porosity have a systematic effect on the 
stress-dependence of permeability. 
 
For organic-rich shales from the Horn River and Liard basins (Western Canadian 
Basin), Chalmers et al. (2012), observed that the stress-dependence of permeability 
could be related to the degree of anisotropy. They observed that the permeability 
coefficients of the samples that exhibited higher degrees of anisotropy (determined by 
microscopy) were more sensitive to effective stress than those with lower degrees of 
anisotropy (Chalmers et al., 2012).  
2.7 Effect of orientation on permeability (permeability 
anisotropy) 
For a variety of organic-lean and organic-rich shales, Figure 2.7 indicates the 
relationship between permeability coefficients measured parallel and perpendicular to 
bedding at an effective stress of 30 MPa using liquid (brine) and gas (CH4) as 
permeates. For carbonate- and quartz-rich (>70%) shales from the Devonian Besa 
River and Muskwa formations with permeability coefficients ranging between 1.6 nDarcy 
and 1.2 μDarcy (1.6·10-21 and 1.2·10-18 m2), Chalmers et al. (2012) observed that 
permeability coefficients measured parallel to bedding were up to two orders of 
magnitude higher than those measured perpendicular to bedding. For quartz- and 
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carbonate-rich shales, Metwally and Sondergeld (2011) observed that the permeability 
coefficients measured parallel to bedding were up to five times higher than those 
measured perpendicular to bedding. For quartz- and clay-rich (40%>) shales from the 
Western Canadian Sedimentary Basin with permeability coefficients ranging between 
0.9 nDarcy and 95 μDarcy (9.0·10-22 and 9.5·10-17 m2), Pathi (2008) observed that 
permeability coefficients measured parallel to bedding were up to four orders of 
magnitude higher than those measured perpendicular to bedding. Pathi (2008) also 
reported that for quartz-rich (>65%) samples from the Woodford Shale with permeability 
coefficients ranging between 0.6 nDarcy and 23 μDarcy (6.0·10-22 and 2.3·10-17 m2), the 
permeability coefficients measured parallel to bedding were up to two orders of 
magnitude higher than those measured perpendicular to bedding. According to Pathi 
(2008), the permeability anisotropy in clay-rich samples with well-developed oriented 
fabrics could be more significant than in quartz-rich samples with random orientation of 
the fabric.  
 
Figure 2.7: Relationship between permeability coefficients measured parallel and perpendicular to 
bedding. All permeability data were measured at an effective stress of 30 MPa. 
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For a number of deeply buried mudstone samples (TOC content range: 0.1 – 2.4%) with 
permeability coefficients ranging between 0.24 and 950 nDarcy (2.4·10-22 and 9.5·10-19 
m2) and clay contents between 18 and 66%, Yang and Aplin (2007) reported that (brine) 
permeability coefficients measured parallel to bedding were up to more than one order 
of magnitude higher than those measured perpendicular to bedding. Figure 2.7 shows, 
furthermore, that the permeability anisotropy is more significant when gaseous phases 
(He, CH4) are used as permeates as compared to liquid phases (water/brine). 
2.8 Effect of mobile liquid phase on porosity/permeability  
The occupation of the pore throat/volume network of shales by reservoir fluid (water, oil 
and ”in situ” fluid) could decrease gas permeability (Ross and Bustin, 2007). The 
presence of adsorbed/structured water molecules on pore throats could decrease the 
surface area of pore throats and connected pore volume, and in consequence, 
permeability. Darcy flow in fine-grained sedimentary rocks is, furthermore, strongly 
affected by the presence of mobile liquid phases and capillary processes with multi-
fluid-phase systems. With the presence of a mobile liquid phase within the pore network 
of the shale matrix, the gas permeability of the shale matrix becomes a function of 
differential pressure. Under these circumstances, the gas permeability coefficients 
increase as differential pressure increases, a direct result of drainage of mobile liquid 
phase from the pore network of the shale matrix (Soeder, 1988; Schloemer and Krooss, 
1997; Amann-Hildenbrand et al., 2012; Chalmers et al., 2012). Darcy flow of the non-
wetting (gas/hydrocarbon) phase occurs only once the capillary entry pressure is 
exceeded (Schloemer and Krooss, 1997; Amann-Hildenbrand et al., 2012). Capillary 
entry pressures in shale reservoirs depend on pore pressure, pore size distribution, 
hydrocarbon-water interfacial tension, and wettability (Amann-Hildenbrand et al., 2012; 
Chalmers et al., 2012). 
The presence of a mobile liquid phase within the pore network of organic-rich shales 
may significantly decrease the porosity and the matrix permeability under “in situ” 
stress. Due to the capillary blockage of the pore network of the Devonian Huron Shale 
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by oil present within the shale matrix, extremely low porosity (values less than 0.2%) 
and gas permeability coefficients have been reported for this shale reservoir (Soeder, 
1988). This shale formation has been evaluated to act as a caprock rather than a 
potential gas shale play (Soeder, 1988). According to Soeder (1988) the porosity and 
the matrix permeability of the Devonian Marcellus Shale, which appeared to be free of 
any mobile liquid phase, were substantially higher (porosity values up to 10%, 
permeability coefficients up to 2·10-17 m2), and therefore is considered as a commercial 
shale gas play.  
The degree of water saturation in organic-rich shales varies with lithology and organic 
carbon content. The extent of hydrocarbon generation and associated water expulsion 
is a major control on water saturation of organic-rich shales. According to Chalmers et 
al. (2011) the near lack of hydrocarbons and high water saturation of clay-rich shales of 
the Fort Simpson formation correlates with their low organic carbon content (Chalmers 
et al., 2011). As a result of sorption of polar hydrocarbons, the wettability of minerals in 
organic-rich shale is, most likely, altered towards oil wetness (Wang et al., 2009). 
Nevertheless, during drilling and hydraulic fracturing, water penetrates into the matrix 
system of the shale gas reservoirs and increases the irreducible water saturation of the 
play (Wang et al., 2009). 
2.9 Porosity-Permeability relationship 
Based on the extensive dataset analyzed in this literature study a porosity-permeability 
plot was prepared (Figure 2.8). The permeability coefficients in Figure 2.8 range over 
eight orders of magnitude, with five orders of magnitude range at a single porosity. 
Apart from the lithological impacts on permeability, the variation observed at a single 
porosity is partially due to the different permeates used for permeability measurements 
(gas/liquid) and/or the fundamental difference (up to one order of magnitude) between 
measured and calculated/modeled permeability.  
Figure 2.8 shows that, in general, there is no simple, straightforward relationship 
between porosity and permeability of organic-lean and organic-rich shales. There is, 
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however, a fair to modest log-linear relationship between porosity and permeability 
coefficients measured perpendicular to bedding. For the carbonaceous Woodford Shale 
Pathi (2008) observed a moderate correlation between porosity and permeability in 
clay-rich samples. In quartz-rich samples, however, no correlation was observed (Pathi, 
2008). For organic-rich shales from the Western Canadian Basin Pathi (2008) observed 
no correlation between porosity and permeability.  
 
Figure 2.8: Relationship between porosity and permeability coefficients of shales. All permeability data 
were measured at an effective stress of 30 MPa. 
2.10 Conclusions 
Based on the review of published permeability and porosity data for organic-rich shales, 
the following conclusions can be drawn: 
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 It is observed that the porosity of organic-rich shales, if not controlled, could be 
significantly affected by the TOC content, combined with the level of thermal 
maturation. This effect is, however, rock-specified and there are some 
anomalies. 
 The presence of a liquid phase within the pore network of organic-rich shales 
may significantly decrease the “dry” porosity under “in situ” conditions. Huron 
Shale with porosity values down to 0.2% and Marcellus Shale with porosity 
values up to 10% are such examples.  
 In general, there is no simple, straightforward relationship between porosity and 
permeability for organic-lean and organic-rich shales. There appears to be, 
however, a fair to modest log-linear relationship between porosity and 
permeability coefficients measured perpendicular to bedding, depending on 
lithology.  
 Published data show that mineral composition is not the primary control on 
permeability as high permeability coefficients were encountered equally in 
quartz-, carbonate- and clay-rich lithotypes.  
 Published permeability data measured parallel to bedding were significantly (up 
to five orders of magnitude) higher than those measured perpendicular to 
bedding, depending on lithology and permeating fluid.  
 In previous published permeability data, the effects of maturity, moisture and 
permeating fluids on matrix permeability have not been investigated in detail.  
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3. Steady state and non-steady state measurements 
of gas permeability in low- and extremely low-
permeable shales  
 
Keywords: shale, permeability, steady state, non-steady state 
 
3.1 Abstract 
This contribution compares different methodologies for determination of gas 
permeability coefficients in tight shale samples under controlled confining pressure. 
As-received and dry (105 °C, vacuum, overnight) shale samples with nano- and 
microdarcy permeabilities were tested. Measurements were conducted with helium 
at confining pressures ranging between 12 and 37 MPa using steady state and non-
steady state techniques. Steady state flow tests were performed with atmospheric 
downstream pressure and controlled back-pressure up to 1.1 MPa. Permeability 
measurements with water were performed under the same experimental conditions 
and the results were compared to the gas permeability coefficients. 
Permeability coefficients of all shale samples tested were in the nano- and 
microdarcy range. For dry shale samples, the Klinkenberg-corrected gas 
permeability coefficients obtained from steady state and non-steady state techniques 
were similar but the non-steady state technique yielded larger slip-factors.  
For dry shale samples, the initial pressure difference had no effect on gas 
permeability coefficients measured using non-steady state technique. For as-
received sample, however, the gas permeability coefficients increased up to 17 % 
with increasing initial pressure difference (0.6 – 0.75 MPa) indicating drainage of 
residual water.  
For all samples a substantial discrepancy was observed between the Klinkenberg-
corrected gas and intrinsic (water) permeability coefficients. The observed reduction 
in water permeability coefficients could either be due to thin water films on the 
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mineral surfaces, which reduce the effective pore throat diameter, and/or the 
enhanced compaction of the moist samples upon wetting. 
3.2 Introduction 
Unconventional shale gas reservoirs represent a considerable portion of the world 
gas accumulations and could provide a significant potential in terms of future gas 
resources (Carles et al., 2007; Jarvie et al., 2007;  Ross and Bustin, 2009; Wang et 
al., 2009). In order to correctly evaluate production rate and the potential reserves of 
such reservoirs, accurate petrophysical measurements including porosity and 
permeability measurements are necessary (Soeder, 1988; Carles et al., 2007; Wang 
et al., 2009). The geological storage of CO2 from fossil-fired power plants is, 
furthermore, intensely examined as an option for reducing emissions of greenhouse 
gases. Deep saline aquifers and shales are among the primary targets for the 
underground disposal of CO2. Accurate permeability measurements of the low- and 
extremely low-permeable shales overlying potential CO2 storage reservoirs are a key 
factor for the CO2 sealing evaluations (Busch et al., 2008; Wollenweber et al., 2010).  
The lithotypes (shales, coals, tight sandstones) occurring in unconventional gas 
reservoirs have low to extremely-low permeability coefficients which are difficult to 
measure in laboratory on a routine basis. For these types of rocks the routine 
experimental procedures sufficient for high-permeable samples should be tested 
and, if necessary, modified. For instance, steady state fluid flow is usually difficult to 
achieve in a reasonable testing time in these lithotypes, particularly when using liquid 
phases as permeates. Therefore, gas is commonly used for permeability 
measurements (Rushing et al., 2004). One advantage of using gas instead of liquid 
is that non-reactive gases (He, Ar, N2) can be used to avoid structural alterations in 
the samples tested (compared to liquid), and gas phases are less prone than liquid 
phases to mobilize the drilling fines inside the samples (Wie et al., 1986; Carles et 
al., 2007). One disadvantage of using gas phases as permeating fluids is, however, 
that for single-phase flow tests the samples have to be dried, which could lead to 
changes of the pore network. When measuring with gas, phenomena like slip flow 
and inertial flow have to be accounted for. Not doing this may cause deviations from 
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Darcy’s law and lead to misinterpretations in permeability calculations (McPhee and 
Arthur, 1991; Rushing et al., 2004).  
In recent years, different methodologies have been used and assessed for 
measurement of gas permeability coefficients under confining pressure in low-
permeable rocks within millidarcy and microdarcy range (McPhee and Arthur, 1991; 
Rushing et al., 2004; Carles et al., 2007). These cover either steady state or non-
steady state techniques, using both gas and liquid phases. The purpose of the 
present study is to review and compare these different techniques for measurement 
of gas permeability in lithologies with low to extremely-low permeability coefficients. 
The results of the systematic measurements reported here extend the experimental 
data-base and provide new insights into transport processes in lithotypes with 
permeabilities down to the nanodarcy range. 
3.2.1 Comparison of steady state and non-steady state techniques 
Up to now, only very few studies have systematically compared “gas permeability 
coefficients” measured by steady state and non-steady state techniques in 
geological porous media. The most extensive studies have been carried out on low-
permeable tight gas sands and sandstones/carbonates with permeabilities down to 
microdarcy range (Freeman and Bush, 1983; Rushing et al., 2004; Carles et al., 
2007; Mallon and Swarbrick, 2008).  
Freeman and Bush (1983) presented a new non-steady state technique to measure 
gas permeability coefficients in low-permeable samples with permeabilities ranging 
between 0.5 and 300 microdarcy. They compared the non-steady state results with 
those obtained from steady state and observed the values generally differed by less 
than ±5 % (Freeman and Bush, 1983).  Rushing et al. (2004) measured and 
compared gas (He, N2) permeability coefficients of tight gas sands with 
permeabilities ranging between 0.8 and 30 microdarcy using steady state and non-
steady state techniques at constant confining pressure of 5 MPa. Prior to 
measurements, the cores were cleaned using chloroform-methanol solution with a 
Dean Stark extraction process, and then dried in a humidity-controlled environment. 
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In the study by Rushing et al. (2004) the gas permeability coefficients measured by 
non-steady state technique were obtained from two different independent 
commercial laboratories. The Klinkenberg-corrected gas permeability coefficients 
measured by non-steady state technique were consistently, up to eight times, higher 
than those measured by steady state method (Rushing et al., 2004). In addition, 
Rushing et al. (2004) observed that these differences were more significant for low-
permeable than for high-permeable samples (>10 μDarcy). Considering the fact that 
the gas permeability coefficients obtained from two independent commercial 
laboratories were very similar, they suggested the observed difference between 
steady state and non-steady state methodologies may not be caused by simple 
random measurement errors, but rather, could be due to systematic differences 
between these two techniques. They suggested, however, that these differences 
could also be partially due to the numerical errors associated with permeability 
determination using non-steady state technique (Rushing et al., 2004). 
Unfortunately, in this study the detailed experimental conditions of the two 
commercially-available non-steady state techniques including the 
mathematical/numerical formulations used were not discussed. Carles et al. (2007) 
measured and compared gas (N2) permeability coefficients of low-permeable 
carbonates and sandstones (<10 μDarcy) using steady state and non-steady state 
techniques at confining pressures of 6 and 11 MPa. Similar to the observations 
made by Rushing et al. (2004), they observed the Klinkenberg-corrected gas 
permeability coefficients measured by non-steady state technique were consistently, 
up to two times, higher than the Klinkenberg-corrected gas permeability coefficients 
obtained from steady state method (Carles et al., 2007). They could not give an 
explanation for this difference, i.e. if it accounts to a technical, numerical or physical 
discrepancy. Comparing the experimental results of eight samples, they observed 
these differences were less significant for low-permeable samples, a conclusion 
opposite to the observations made by Rushing et al. (2004). In the study by Carles et 
al. (2007), steady state measurements were conducted using a constant back-
pressure of 1 MPa, with the inlet pressure varying between 1 and 3 MPa. In non-
steady state experiments the samples were initially in equilibrium with the 
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atmosphere. A pressure pulse of 3 MPa was then applied at the inlet of the sample 
while the outlet of the samples remained closed and the pressure transients were 
analyzed to derive permeability coefficients. Although the experimental procedures 
of steady state and non-steady state methods have been discussed in this 
contribution, no detailed information on the conditions of the samples was presented 
(Carles et al., 2007). In section 4.2, we will discuss why the state of the sample is 
crucial. Essentially, the sample condition (as-received/dry) combined with the 
experimental procedure may significantly affect the gas permeability coefficients 
measured by non-steady state technique. Mallon and Swarbrick (2008) compared 
the permeability coefficients of several chalk samples from the Central North Sea 
(UK, Norway and Denmark) using steady state and non-steady state (transient pulse 
decay) techniques. Regardless of the similar lithological classification and porosities 
(5–20%), they observed a significant difference, up to three orders of magnitude, 
between the permeability coefficients measured by these techniques. The 
permeating fluids used in steady state and non-steady state measurements, 
however, were not identical in this contribution; liquid (brine) was used in non-steady 
state measurements and gas in steady state measurements (Mallon and Swarbrick, 
2008). Boulin et al. (2010) compared intrinsic (water) permeability coefficients 
measured using steady state and non-steady state techniques in an extremely low-
permeable clay sample and indicated that similar results could be obtained from 
these two techniques.  
3.2.2 Comparison of Klinkenberg-corrected gas and intrinsic 
permeability coefficients 
For a variety of natural and artificial porous media with permeabilities ranging 
between 2 and 1350 mDarcy, Klinkenberg (1941) measured permeability coefficients 
using different gases (Air, H2, CO2) and a liquid (iso-octane). For most of the 
samples tested, consistent results were obtained for all of the fluids used. In no case 
the intrinsic (liquid) permeability coefficients were less than 92% of the Klinkenberg-
corrected gas permeability coefficients.  
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Nevertheless, it has been observed in some studies (Jones and Owens, 1980; 
Freeman and Bush, 1983; Wie et al, 1986; Tanikawa and Shimamoto, 2009) that 
permeability coefficients measured by liquids, particularly water, may significantly 
differ from the Klinkenberg-corrected gas permeability coefficients. For low-
permeable sandstones, Jones and Owens (1980) reported that permeability 
coefficients measured by water were about 95% lower than the Klinkenberg-
corrected gas permeability coefficients. Freeman and Bush (1983) indicated that in 
tight sandstones with permeabilities ranging between 0.7 and 70 μDarcy, 
Klinkenberg-corrected gas permeability coefficients were about 3 times higher than 
the permeability coefficients measured with brine. In addition, for carbonates with 
permeabilities ranging between 4 and 400 μDarcy, they showed the Klinkenberg-
corrected gas permeability coefficients were about 1.4 times higher than the 
permeability coefficients to brine (Freeman and Bush, 1983). The reduced 
permeability of sandstone to water or brine is generally attributed to interactions of 
fluid with clay and other minerals that can affect permeability by swelling and/or 
formation of suspensions. These phenomena may block pore throats and inhibit fluid 
flow, and therefore permeability. The effect of these phenomena, particularly 
formation of suspensions within sample, is expected to decrease or be eliminated 
with decreasing polarity of the permeating liquid (Wie et al., 1986). Wie et al. (1986) 
observed, however, that differences in gas and liquid permeability coefficients may 
persist even when using non-polar (alkanes) liquids. The results of Wie et al. (1986) 
are not in line with those of Klinkenberg (1941), who found permeability coefficients 
measured by iso-octane were generally close to, and never less than 92 % of the 
Klinkenberg-corrected gas permeability coefficients. Recently, Tanikawa and 
Shimamoto (2009) compared gas (N2) and water permeability coefficients in four 
sandstone samples with permeabilitites ranging between micro- and milidarcy under 
a range of confining pressures (5-160 MPa). In contrast to the results of the previous 
studies, their experimental results showed that, except for one sample, the water 
permeability coefficients in all samples were consistently higher than the 
Klinkenberg-corrected gas permeability coefficients. The differences, however, 
varied among samples and were higher for higher-permeable samples. No 
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explanation was given for these observations. Rushing et al. (2004) measured 
kerosene and brine permeability coefficients in tight gas samples with permeabilities 
ranging between 0.8 and 30 microdarcy and compared the results with the 
Klinkenberg-corrected gas (He, N2) permeability coefficients obtained from steady 
state and non-steady state gas flow techniques. They observed an excellent 
agreement between kerosene and brine permeability coefficients and the 
Klinkenberg-corrected gas permeability coefficients measured by steady state 
technique. The kerosene and brine permeability coefficients were, however, almost 
by a factor of 1.5, lower than the Klinkenberg-corrected gas permeability coefficients 
measured by non-steady state technique. 
None of the trends mentioned above were claimed to be general, however, the 
observed differences between liquid and gas permeability coefficients do provide an 
indication of rock/fluid interactions. 
3.3 Samples and experiments 
3.3.1 Samples characteristics 
Seven shale samples with permeabilities ranging between nanodarcy and 
microdarcy were tested in this study. The samples GASH#1 and GASH#2 originating 
from different wells of the Posidonia Shale located in northern Germany were 
provided within the context of the European GASH project (www.gas-shales.org). 
The Lower Toarcian Posidonia Shale is one of the most widespread and 
economically important oil/gas source rocks of Western Europe and has a threefold 
stratigraphic subdivision; lower marlstone, middle calcareous clay shale with bivalve 
shells, and upper calcareous clay shale. Lithological differences among the 
Posidonia Shale wells are relatively small. The samples CS#1 through CS#5 were 
provided within the context of the CO2seals project (www.co2seals.de). Detailed 
information of the samples analyzed in this study including the source, location and 
lithology is listed in Table 3.1.  
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Table 3.1: Detailed information of the samples analyzed in this study; source, location and lithology. 
Sample Source Location Lithology 
GASH#1 GASH Project 
Posidonia Shale, northern Germany Immature shale 
GASH#2 GASH Project 
Posidonia Shale, northern Germany Mature shale 
CS#1 CO2seals Project 
Höver near Hannover, Germany 
 
Marl/Limestone 
 
CS#2 
CO2seals Project Northern Denison Trough (NDT) 
storage site, Australia 
 
 
 
Mature shale/Siltstones 
 
CS#3 
CS#4 CO2seals Project Confidential - 
CS#5 CO2seals Project  
Confidential 
 
 
Mudrock (Boom Clay) 
 
 
All the plugs were drilled in vertical direction and were kept in plastic containers right 
after drilling to avoid oxidation. Samples GASH#1, CS#2, CS#3, CS#4 and CS#5 
were tested “as-received”. “As-received” in this context means that the plugs were 
drilled from the core material in our laboratory using air as drilling fluid, and then 
installed in an “air-dried” state without any further treatment. Samples GASH#2 and 
CS#1 were, however, dried before the tests (105 °C, vacuum, overnight). The 
porosities of the samples were measured using Mercury Injection Porosimetry (MIP). 
For samples GASH#1 and GASH#2, porosity values were also determined from the 
skeletal volumes (
sV ) measured by helium pycnometry and the bulk volume ( bV ) 
calculated from the dimensions of the cylindrical plugs (Han et al., 2010a): 
b
s
V
V
1  
The moisture content of the as-received sample GASH#1 was determined on 
another plug of the same core that was dried at 105 °C (vacuum, overnight). From 
this moisture content (1.92 % wt/wt, on as-received basis) and the weight of the as-
received plug GASH#1, the water-filled pore volume was determined, assuming a 
water density of 1 g/cm3. Considering this calculated water-filled pore volume and 
the dry porosity (16.6 %) measured on the dry plug, the as-received porosity was 
estimated to be about 12.9 % for this sample.  
(3.1) 
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Detailed information of the tested sample plugs including the dimensions, TOC, 
maturities and porosity values are listed in Table 3.2. The mineral compositions of all 
tested samples obtained from XRD analyses are reported in Table 3.3.  
Table 3.2: Dimensions and petrophysical properties of the samples analyzed in this study (TOC: Total 
Organic Carbon, n. a.: not analyzed, a.r.: as-received). 
Sample 
Length 
(cm) 
Diameter 
(cm) 
TOC (%) %Ro 
Porosity (%) 
Hg porosimetry (dry)     He pycnometry (dry)    
GASH#1 11.5 28.4 14.2 0.53 15.4 16.6 
GASH#2 13.5 28.1 7.7 1.45 11.3 14.6 
CS#1 25.8 27.5 n. a. n. a. 19.6  n. a. 
CS#2 16.4 37.5 n. a. n. a. 9.1  n. a. 
CS#3 14.6 28.3 1.4 n. a. 13.0  n. a. 
CS#4 15.3 28.0 n. a. n. a.  n. a.  n. a. 
CS#5 16.2 37.6 2.5 n. a.  24.0  n. a. 
 
Table 3.3: Major mineral composition of the samples analyzed in this study (n. a.: not analyzed). 
Sample Quartz Clay minerals Feldspars Carbonate Others 
GASH#1 7.0 % 28.6 % 3.0 % 49.3 % 12.1 % 
GASH#2 8.0 % 23.0 % 7.2 % 53.0 % 8.8 % 
CS#1 2.0 % 5.6 % 0.9 % 91.5 % 0 % 
CS#2 n. a.  
CS#3 24.9 48.6 19.0 5.1 2.5 
CS#4 n. a.  
CS#5 35.4 50.5 9.3 0.7 4.2 
 
3.3.2 Apparatus 
The scheme of the triaxial flow cell used for steady state and non-steady state 
permeability measurements is shown in Figure 3.1. It mainly consists of a triaxial 
flow cell designed for confining pressures up to 50 MPa and axial loads of up to 100 
kN. The sample cell accommodates cylindrical sample plugs of 28.5 or 38 mm 
diameter and up to 30 mm long. The sample plug is placed between two porous 
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stainless steel disks and two stainless steel pistons equipped with boreholes for fluid 
(gas/water) introduction and removal. The outer surface of the sample/piston 
arrangement is sealed with a double-layered sleeve. The inner sleeve consists of 
lead (Pb) foil (0.15 mm thickness) and the outer layer of a thin-walled copper (Cu) 
tube. 
 
Figure 3.1: Triaxial flow cell used for steady state and non-steady state permeability measurements. 
(A) stainless steel body; (B,C) 1/8 conduits; (D) connector for confining pressure; (E) cylindrical shale 
sample; (F) porous stainless steel disks (fluid reservoir 
A high-pressure pump was used to inject water into the annulus between the 
lead/copper sleeve and core-holder (the pistons) to induce a confining pressure. 
Commonly, imposing a confining pressure of 20 MPa provides a leak-tight seal 
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around the sample plugs. In the present study a confining pressure of 30-40 MPa 
was applied for sealing the samples.  
Samples GASH#1 and CS#1 were tested in the same experimental set-up in which 
the upstream and downstream pressures were measured using digital pressure 
gauges (Tecsis) with an accuracy of ±0.05% of the full-scale value (25 MPa for 
upstream, 40 MPa for downstream cell). Samples GASH#2, CS#2, CS#3, CS#4 and 
CS#5 were tested in other experimental set-ups in which the upstream and 
downstream pressures were recorded using analogue pressure gauges (GE 
Measurement & Control Solutions) with an accuracy of ±0.04% of the full-scale value 
(25 MPa). 
3.3.3 Experimental procedures 
3.3.3.1 Steady state gas permeability with atmospheric downstream 
pressure 
For steady state gas flow tests the upstream pressure was kept constant while the 
gas on the downstream side was at atmospheric pressure (
2P = 0.101 MPa). The gas 
flow rate at the downstream side was monitored using a bubble flow-meter. 
Simultaneously, the upstream pressure data were recorded in short intervals (10 – 
60 s). For sample GASH#1, steady state gas (He) permeability measurements with 
atmospheric downstream pressure were conducted under controlled confining 
pressures of 12, 26 and 30 MPa and at mean pore pressures ranging between 0.75 
and 3.95 MPa. For sample GASH#2, steady state gas (He) permeability 
measurements were conducted under controlled confining pressures of 12 and 30 
MPa and at mean pore pressures ranging between 0.6 and 3.05 MPa. For sample 
CS#1, steady state gas (He) permeability measurements were only conducted under 
controlled confining pressure of 37 MPa and at mean pore pressures ranging 
between 0.55 and 3.4 MPa. Before each flow test, the plug sample was allowed to 
settle at the corresponding confining pressure for at least 1 day to make sure that 
stress equilibrium was reached. At each mean pore pressure at least three 
measurements of flow rate were taken, and the average value was used for 
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permeability calculations. The detailed experimental conditions of steady state gas 
flow tests with atmospheric downstream pressure are listed in Table 3.4. 
Table 3.4: Experimental conditions of steady state gas flow tests with atmospheric downstream 
pressure 
Sample Exp. 
.confP  (MPa) T  (°C) upstreamP  (MPa) downstreamP  (MPa) 
GASH#1 
(a) 12 55 1.4 – 7.6 0.101325 
(b) 26 55 1.5 – 7.7 0.101325 
(c) 30 55 3.0 – 7.8 0.101325 
(d) 30 (repeat) 55 3.0 – 7.5 0.101325 
GASH#2 (a) 12 45 1.1 – 5.1 0.101325 
(b) 30 45 1.6 – 6.0 0.101325 
CS#1 (a) 37 30 1.0 – 6.7 0.101325 
 
3.3.3.2 Steady state gas permeability with back-pressure 
It has been argued by several studies that exerting back-pressure at downstream 
side of the sample plug can effectively improve the steady state gas permeability 
measurements, reducing the non-Darcy gas flow effects associated with slip and 
inertial flows (Noman and Kalam, 1990; McPhee and Arthur, 1991; Li et al. 2004; 
Rushing et al., 2004). 
In this study, steady state gas (He) permeability measurements with back-pressure 
were conducted using restrictor capillaries with a diameter of 50 μm installed at the 
downstream side of the sample cell. To start a measurement, the upstream pressure 
was adjusted approximately to a desired pressure using the pressure regulator 
connected to the helium bottle. Simultaneously, due to restrictor capillary, the 
downstream pressure started to increase steadily until a constant value was 
achieved. Once the steady state flow conditions were reached, the flow rates were 
recorded for permeability calculation. After a measurement was finished, the 
upstream pressure was increased to a higher pressure and the above procedure 
was repeated. Steady state gas (He) permeability measurements with back-pressure 
were performed only on the as-received sample GASH#1 under controlled confining 
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pressures of 12 and 30 MPa. The detailed experimental conditions of steady state 
gas flow tests with back-pressure are summarized in Table 3.5.  
Table 3.5: Experimental conditions of steady state gas flow tests with back-pressure on the as-
received sample GASH#1 at temperature of 55 °C. 
Exp. 
.confP  (MPa) Capillary length (m) upstreamP  (MPa) downstreamP  (MPa) 
(a) 12 0.13 4.0 – 8.1 0.28 – 0.42 
(b) 12 (repeat) 0.13 3.9 – 8.0 0.27 – 0.42 
(c) 12 0.27 4.2 – 8.1 0.38 – 0.59 
(d) 12 (repeat) 0.27 4.0 – 8.1 0.37 – 0.59 
(e) 30 1 4.1 – 8.5 0.64 – 1.1 
(f) 30 (repeat) 1 4.1 – 8.5 0.64 – 1.1 
 
3.3.3.3 Non-steady state gas permeability measurements 
The non-steady state gas flow tests were conducted in a closed system, with two 
separate reservoirs at both sides of the sample. A leak test with helium was 
performed prior to the experiment. Thereafter, a volume calibration by helium 
expansion was performed in order to precisely (±0.1 X10-6 m3) determine the volumes 
of both reservoirs. The non-steady state gas flow tests were initiated by applying a 
pressure difference across the sample plug resulting in a gas flow. Both pressures 
were automatically recorded during the tests using two separate pressure 
transducers.  
For samples GASH#1 and CS#1, non-steady state gas (He) permeability 
measurements were conducted under controlled confining pressures of 30 and 40 
MPa, respectively. For sample GASH#2, non-steady state gas (He) permeability 
measurements were conducted under controlled confining pressures of 12 and 30 
MPa. For samples CS#2 through CS#5, non-steady state gas permeability 
measurements were performed under controlled confining pressures of 30 and 37 
MPa. Additionally, for the “as-received” sample GASH#1 and the dry sample 
GASH#2, the effect of initial pressure difference on the non-steady state gas 
permeability measurements was systematically tested. The detailed experimental 
conditions of non-steady state gas flow tests are summarized in Table 3.6.  
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Table 3.6: Experimental conditions of non-steady state gas flow tests 
Sample Exp. 
.confP  (MPa) T  (°C) Initial .P  (MPa) avP  (MPa) 
GASH#1 (a) 30 55 0.6 1.2-6.1 
(b) 30 0.75 1.1 – 6.2 
GASH#2 
(a) 12 
45 
10% of mean pressure 1.0 – 5.3 
(b) 30 (repeat) 10% of mean pressure 1.1 – 5.2 
(c) 30 (repeat) 10% of mean 5.0 
(d) 30 1 1.0, 2.0 
CS#1 (a) 37 30 0.5 0.4 – 1.7 
CS#2 (a) 37 30 1.8 2.5 – 5.0 
CS#3 (a) 30 24 5.0 4.9 – 11.3 
(b) 30 1.0 1.1 – 2.1 
CS#4 (a) 30 24 0.9 0.7 – 2.1 
CS#5 (a) 30 30 1.0 – 4.0 0.7 – 5.0 
(b) 30 2.0 0.7 – 5.0 
 
3.3.3.4 Steady state water permeability measurements 
The single-phase water flow tests were conducted under steady state conditions by 
applying a constant pressure difference across the samples and measuring the 
volumetric water flow rate at the downstream side using a micro-burette (1cc: 1X10-6 
m3). The downstream pressure was atmospheric in all measurements. For samples 
GASH#1 and GASH#2, de-ionized water was used as permeating fluid; for samples 
CS#1 through CS#5, brine (10 g NaCl/l) was used. During the initial phase of the 
water flow test, the water displaces residual gas from the pore system of the sample 
plugs. When no more gas bubbles are detected in the effluent, steady state 
conditions are reached and permeability values may be determined. Usually 7 to 10 
days were required to reach steady state water flow through the low- and extremely 
low-permeable shale plugs studied here.  
For samples GASH#1 through CS#5, intrinsic (water) permeability coefficients were 
measured using water pressure differences ranging between 3.5 and 14.7 MPa 
under the same experimental conditions as gas permeability measurements i.e. 
confining pressures ranging between 12 and 37 MPa.  
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3.3.3.5 Calculation of permeability (compressible and incompressible 
media) 
For an incompressible fluid (water) as permeating fluid, the intrinsic permeability 
coefficient absk , is calculated according to Darcy’s law, which in its one-dimensional 
form is written as: 
L
Pk
x
Pk
A
Q absabs 




 
where Q  is the volumetric fluid flow rate, A  is the cross-sectional area of the 
sample, absk is the intrinsic permeability coefficient,   is the viscosity of the 
permeating fluid, L  is the sample length, and P  is the pressure difference 
between the upstream and downstream sides of the sample. Equation (3.2) was 
used for evaluation of the intrinsic (water) permeability coefficient for the steady state 
water permeability measurements. 
 
When a compressible fluid (gas) is used as permeating fluid one has to account for 
the change of volumetric flow rate with pressure (difference between in and out 
flowing volumes). Therefore, it is essential to use either an integrated form of the 
Darcy equation or alternatively an average value of the flow rate, and consequently, 
Darcy's equation for the volumetric flow at the downstream side becomes (Noman 
and Kalam, 1990; Tanikawa and Shimamoto, 2009): 
2
2
1
2
2
2
)(
P
PP
L
k
A
Q gas 


 
and gask  the apparent gas permeability coefficient, , is expressed as: 
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(3.2) 
(3.3) 
(3.4) 
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where 1P  and 2P  are pressures of the upstream and downstream sides of the 
sample, respectively. Equation (3.4) was used for evaluation of apparent gas (He) 
permeability coefficients for the steady state gas permeability measurements.  
For evaluation of apparent gas (He) permeability coefficients from non-steady state 
gas flow tests, we used a formulation, which is based on the interpretation of the 
fundamental flow equations, i.e. the mass balance equation (continuity equation) and 
Darcy's law (Saghafi, 2008; Saghafi et al., 2010; Saghafi and Pinetown, 2011): 
)
11
(
21 VV
AP
Lc
k
av
gas



 
where the parameters 1V , 2V , L , A , avP and represent the upstream and 
downstream volumes, the length of the sample plug, the cross-sectional area of the 
sample plug, the mean pore pressure and gas viscosity, respectively. The parameter 
c in this equation is the slope of the 
 
plot ))()(( 12 tPtPLn  versus time, which is 
calculated using the recorded upstream and downstream pressures data. The 
derivation of this formula is explained in the Appendix 1. 
3.4 Results  
3.4.1 Steady state and non-steady state gas permeability 
measurements 
For sample GASH#1, apparent gas (He) permeability coefficients, gask  (He), 
measured by steady state and non-steady state techniques under controlled 
confining pressures of 12, 26 and 30 MPa at mean pore pressures ranging between 
0.75 and 3.95 MPa are plotted in Figure 3.2. For sample GASH#2, gask  (He) 
measured by steady state and non-steady state techniques under controlled 
confining pressures of 12 and 30 MPa at mean pore pressures ranging between 0.6 
and 3.05 MPa are plotted in Figure 3.3. For sample CS#1, gask (He) measured by 
steady state and non-steady state techniques under controlled confining pressure of 
(3.5) 
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37 MPa at mean pore pressures ranging between 0.55 and 3.4 MPa are plotted in 
Figure 3.4. For samples CS#2 to CS#5, gask  (He) measured by non-steady state 
technique under controlled confining pressures of 30 and 37 MPa are plotted in 
Figure 3.5-3.6. 
 
 
Figure 3.2: Apparent gas (He) permeability coefficients measured by steady state and non-steady 
state techniques at confining pressures of 12, 26 and 30 MPa; Sample GASH#1, as-received 
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Figure 3.3: Apparent gas (He) permeability coefficients measured by steady state and non-steady 
state techniques at confining pressures of 12 and 30 MPa; Sample GASH#2, dry (105 °C, vacuum, 
overnight) 
 
Figure 3.4: Apparent gas (He) permeability coefficients measured by steady state and non-steady 
state techniques at confining pressure of 37 MPa; Sample CS#1, dry (105 °C, vacuum, overnight) 
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Figure 3.5: Apparent gas (He) permeability coefficients measured by non-steady state technique at 
confining pressure of 30 MPa; Samples CS#3 and CS#4, as-received 
 
Figure 3.6: Apparent gas (He) permeability coefficients measured by non-steady state technique at 
confining pressures of 30 and 37 MPa; Samples CS#2 and CS#5, as-received 
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As is evident from Figures 3.2-3.6, in all samples tested, gask  (He) measured were 
higher at lower mean pore pressures. This observation is explained by the slip flow 
(Klinkenberg effect) which is a non-Darcy effect associated with non-laminar flow of 
gases in porous media. This phenomenon becomes evident when the mean free 
path of the gas molecules approaches the average pore throat diameter of a porous 
medium, resulting in an additional velocity component (slip) in flow direction of the 
gas molecules adjacent to the pore wall (Klinkenberg, 1941, Amann-Hildenbrand et 
al., 2012). This phenomenon is particularly dominant in shales, which are typically 
characterized by nanometer pore throats. Klinkenberg documented this phenomenon 
systematically and indicated that the measured permeability to gas is a function of 
mean pore pressure ( avP ), which is inversely proportional to the mean free path of 
the gas molecules. Based on the Klinkenberg phenomenon, the apparent gas 
permeability coefficient, gask , approaches a limiting value at infinite mean pore 
pressure. This limiting permeability value, which is commonly referred in literature as 
the Klinkenberg-corrected gas permeability coefficient ( k ) is calculated from the 
straight-line intercept on a plot of measured (apparent) gas permeability coefficients 
versus the reciprocal mean pore pressure (Klinkenberg plot). 
)1(
av
gas
P
b
kk  
 
In Equation 3.6, k is the Klinkenberg-corrected gas permeability coefficient andb  is 
the slip factor.  
Based on equation (6), the Klinkenberg-corrected gas permeability coefficients, k  , 
and slip factors were calculated for samples GASH#1, GASH#2, CS#1 and 
compared (Tables 3.7-3.9). For calculation of k  only gask  at higher mean pore 
pressures were considered. 
(3.6) 
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Table 3.7: Klinkenberg-corrected gas permeability coefficients and slip factors using steady state and 
non-steady state techniques at confining pressures of 12, 26 and 30 MPa; Sample GASH#1, as-
received 
Steady state gas perm.
 
Non-steady state gas perm.
 
12 MPa 26 MPa 30 MPa 30 MPa 
downP : atmospheric 
k = 49.5±3 nD 
b = 3.03 MPa-1 
downP : back-pressure 
k = 42.2±3 nD 
b  = 3.92 MPa-1 
 
 
downP : atmospheric 
k = 41.3±3 nD 
b = 3.94 MPa-1 
 
downP : atmospheric 
k = 35.04±3 nD 
b  = 4.86 MPa-1 
downP : back-pressure 
k = 37.8±3 nD 
b  = 4.37 MPa-1 
 
P  = 0.6 MPa 
k = 36.6±3 nD 
b  = 4.34 MPa-1 
P = 0.75 MPa 
k = 42.2±3 nD 
b = 4.30 MPa-1 
 
 
Table 3.8: Klinkenberg-corrected gas permeability coefficients and slip factors using steady state and 
non-steady state techniques at confining pressures of 12 and 30 MPa; Sample GASH#2, dry 
Steady state gas perm.
 
Non-steady state gas perm.
 
12 MPa 30 MPa 12 MPa 30 MPa 
downP : atmospheric 
k = 123±3 nD 
b  = 2.10 MPa-1 
 
 
downP : atmospheric 
k = 106±3 nD 
b  = 2.54 MPa-1 
 
P = 10% of avP  
k = 122±3 nD 
b  = 2.46 MPa-1 
 
P = 10% of avP  
k = 93±3 nD 
b  = 2.98 MPa-1 
  
Table 3.9: Klinkenberg-corrected gas permeability coefficients and slip factors using steady state and 
non-steady state techniques at confining pressures of 37 MPa; Sample CS#1, dry 
Steady state gas perm.
 
Non-steady state gas perm.
 
37 MPa 37 MPa 
downP : atmospheric 
k = 16.3±1.5 μD 
b = 1.19 MPa-1 
 
 
P = 10% of avP  
k = 16.0±1.5 μD 
b = 1.53 MPa-1 
 
 
3.4.2 Steady state water permeability measurements 
For the samples tested, intrinsic permeability coefficients measured with water ( absk ) 
ranged between 2.10−21 m2 and 4∙10−18 m2 (3 to 4000 nDarcy) as listed in Table 
3.10. 
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Table 3.10: Intrinsic permeability coefficients measure with water for the samples tested 
Sample 
.confP  (MPa) T  (°C) absk  (m
2
) 
GASH#1 30 55 1.0X10
-20
 
GASH#2 12  45 1.2X10
-20
 
30 45 9.0X10
-21
 
CS#1 37 30 3.8X10
-18
 
CS#2 37 30 2.6X10-21 
CS#3 30 24 4.7X10-21 
CS#4 30 24 3.6X10-21 
CS#5 30 30 1.5X10-20 
 
3.4.3 Reproducibility of the experimental data 
To verify the reproducibility of the experimental data, steady state gas (He) 
permeability measurements with atmospheric downstream pressure and back-
pressure were repeated several times on the sample GASH#1 under controlled 
confining pressures of 12 and 30 MPa. The repeated measurements are shown in 
Figure 3.7, together with the first sets of measurements.  
 
Figure 3.7: Repeatability of steady state gas (He) permeability measurements under controlled 
confining pressures of 12 and 30 MPa; Sample GASH#1, as-received. Error bars indicate the 
maximum experimental error. 
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Considering all parameters used in the evaluation of apparent gas permeability 
coefficients, gask  , the maximum relative error for gask  is estimated to be between 2-
15%; with higher errors associated with lower mean pore pressures. As is evident 
from Figure 3.7, the reproducibility of the experimental data, within the experimental 
error range (2-15%), is good to satisfactory. 
3.5 Discussion 
3.5.1 Comparison of steady state and non-steady state gas 
permeability measurements 
For dry samples GASH#2 and CS#1, apparent gas permeability coefficients, gask  
(He), measured using non-steady state technique were consistently higher (up to 
35%) than those measured by steady state method. The differences were higher at 
lower mean pore pressures (<1.0 MPa), but they were not as significant as reported 
in previous studies (Rushing et al., 2004: up to eight times; Carles et al., 2007: up to 
two times; Mallon and Swarbrick, 2008: up to three orders of magnitude). 
Particularly, the Klinkenberg-corrected gas permeability coefficients, k , obtained 
from the two techniques were similar, while the slip-factors were different, being 
larger for non-steady state technique. These observations are in line with the results 
of Freeman and Bush (1983) who observed for low-permeable samples with 
permeabilities ranging between 0.5 and 300 microdarcy (0.5·10-18 and 300·10-18 m2), 
the gas permeability coefficients measured by steady state and non-steady state 
techniques generally differed by less than ±5 %. For the as-received sample 
GASH#1, however, the differences between gask  (He) obtained from steady state 
and non-steady state techniques depended on the initial pressure difference applied 
in non-steady state tests; larger differences were observed when higher initial 
pressure differences were applied (Figures 3.2,3.6). The latter results will be 
discussed in detail in section 4.2. 
As is evident from Figures 3.2-3.4, at lower mean pore pressures, the differences 
between gask  (He) obtained from steady state and non-steady state techniques were 
Steady state and non-steady state measurements of gas permeability in low- and extremely 
low-permeable shales 
 
51 
 
too high. The observed difference may be due to the larger errors associated with 
the steady state measurements at lower mean pressures, and/or it may be attributed 
to the onset of visco-inertial flow associated with higher mean pore pressures in 
steady state measurements (Rushing et al, 2004; Noman and Kalam, 1990; McPhee 
and Arthur, 1991). Visco-inertial flow occurs when fluid particles move through 
tortuous pore throats of varying sizes at high flow rates (Rushing et al., 2004). It is 
also possible that another, as yet unidentified, explanation is responsible for this 
observation. Tables 3.7-3.8 indicate furthermore that, for the “as-received” sample 
GASH#1, k  decreased by around 35 % as the confining pressure increased from 
12 to 30 MPa. For the dry sample GASH#2, however, k  decreased only by 12 % 
as the confining pressure increased from 12 to 30 MPa.   
3.5.2 Effect of initial pressure difference on non-steady state 
measurements 
In the literature, an initial pressure difference between 5 and 20% of the mean pore 
pressure is commonly applied to initiate non-steady state gas permeability 
measurements (Kwon et al. 2004; Cui et al., 2009; Saghafi et al., 2010). To our 
knowledge, however, the impact of initial pressure difference on gas permeability 
coefficients obtained from non-steady state technique has not yet been discussed in 
much detail. To check this effect experimentally, different initial pressure differences 
were applied during non-steady state gas flow measurements on the “as-received” 
sample GASH#1 and the dry sample GASH#2. For the “as-received” sample 
GASH#1, non-steady state gas flow tests were conducted with initial pressure 
differences of 0.6 and 0.75 MPa (Figure 3.8). As is evident from Figure 3.8, gask  
(He) and k  increased by almost 17 % as the initial gas pressure difference 
increased from 0.6 to 0.75 MPa. For the dry sample GASH#2, the non-steady state 
gas flow tests were conducted with initial pressure differences of 10 % of the mean 
pore pressure and 1 MPa (Figure 3.9). In contrast to the results observed for the “as-
received” sample GASH#1, an increase of initial gas pressure difference had no 
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effect on gas permeability coefficients measured on the dry sample GASH#2 (Figure 
3.9). 
A phenomenon that adequately explains the observed changes in gas permeability 
coefficients as a function of differential pressure is the presence of a mobile phase 
within the pores. Using steady state technique, Soeder (1988) measured the 
apparent gas (N2) permeability coefficients of Huron Shale, which is known to 
contain petroleum as a mobile liquid phase, and observed similar results; the 
apparent gas permeability coefficients (<100 nDarcy) increased with increase of 
initial pressure difference (0.07 – 0.6 MPa). Soeder (1988) argued that, under these 
circumstances, the permeability increase is most likely the result of pore fluid being 
displaced from the pores by the high differential gas pressure. In our measurements, 
since the sample GASH#1 was tested “as-received” (water content: 1.92 wt%), it is 
reasonably expected that the mobile phase is water. The initial pressure differences 
applied in non-steady state measurements for this sample were equal to or higher 
than 0.6 MPa. Experiments conducted by Billiotte et al. (2008) indicated that the flow 
of pore water within mudstones with nanodarcy permeabilitites could be initiated 
even by a low (<0.5 MPa) gas pressure difference (Billiotte et al, 2008). This 
“drainage” phenomenon of water occurs when initial gas pressure difference 
exceeds the capillary pressure between gas and pore water and could affect the 
mechanism of gas flow within the shale matrix.  
These observations suggest that for as-received/moisturized low- and extremely low-
permeable shales, the initial pressure differences applied in non-steady state gas 
flow measurements may significantly affect the measured gas permeability 
coefficients 
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Figure 3.8: Effect of initial pressure difference on non-steady state gas permeability measurements: 
Sample GASH#1, as-received 
 
Figure 3.9: Effect of initial pressure difference on non-steady state gas permeability measurements: 
Sample GASH#2, dry (105 °C, vacuum, overnight). 
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In steady state measurements with constant (atmospheric) downstream pressure, 
the mean pore pressure increases/decreases as the pressure difference 
increases/decreases, and the Klinkenberg effect, which is dependent on mean pore 
pressure, affects the measured permeability coefficients. Here the Klinkenberg effect 
and the effect of pressure difference act in opposite directions. Therefore, it is not 
possible to isolate the effect of pressure difference on permeability coefficients when 
using the steady state technique with atmospheric downstream pressure.   
3.5.3 Comparison of Klinkenberg-corrected gas and intrinsic 
permeability coefficients 
As is evident from Figure 3.10, for the all shale samples tested, the Klinkenberg-
corrected gas permeability coefficients, k , were consistently higher than intrinsic 
(water) permeability coefficients, absk .  
Different possible explanations for the observed discrepancy between Klinkenberg-
corrected gas and intrinsic (water) permeability coefficients are discussed below. 
These include the “swelling of clay minerals”, trapped gas within pores”, “Bingham 
plastic flow of water within the small pores”, “structured water on surface of minerals” 
and “enhanced compaction due to water”. 
It is, furthermore, evident from Table 3.8 and Figure 3.3 that changes in confining 
pressure affected intrinsic (water) permeability coefficients more strongly than 
Klinkenberg-corrected gas permeability coefficients. For sample GASH#2, the 
Klinkenberg-corrected gas permeability coefficients decreased by around 12% as 
confining pressure increased from 12 to 30 MPa (Table 3.8). However, intrinsic 
(water) permeability coefficients decreased by around 22% upon the same increase 
in confining pressure (Figure 3.3). 
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Figure 3.10: Comparison of Klinkenberg-corrected gas (He) and intrinsic (water) permeability 
coefficients of all samples 
3.5.3.1 Swelling of clay minerals 
It is well known that the lattice structure of strongly hydrophilic minerals, particularly 
swelling clays (e.g. smectite) may undergo substantial volume expansion upon 
wetting i.e. to swell. This swelling leads to a reduction of pore volume and, in turn, a 
decrease in permeability coefficients. (Moore et al., 1982; Pugh et al. 1991; 
Bloomfield and Williams, 1995; Faulkner and Rutter, 2000). The results of the XRD 
measurements revealed, that, except for sample CS#5, the contents of swelling clay 
minerals (e.g. smectite)  for the samples tested were very low (1.1%) to negligible. 
Considering these low smectite contents and the fact that the smectite layers may be 
distributed among the other mineral phases within the shale matrix, this mechanism 
is unlikely to result in the observed permeability reduction. 
3.5.3.2 Gas trapped within pores 
In this study, intrinsic (water) permeability coefficients were measured subsequent to 
gas permeability coefficients. During the initial phase of the single-phase water flow 
tests the water displaces residual gas from the pore system of the shale matrix. The 
permeability was only determined when no more gas bubbles were observed in the 
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burette. This ensured complete water saturation of the flow paths, although residual 
gas may have partially persisted in some portions of the pore system. This residual 
gas might then affect the intrinsic (water) permeability coefficients measured as gas 
could block pore throats and artificially reduce permeability. However, at fluid (water) 
pressures between 1.25 and 3.25 MPa applied in single-phase water flow test on the 
high-pressure side, any residual gas will be compressed to a small fraction of its 
atmospheric volume. For instance, if a pore throat with diameter of 10 nm and 1 cm 
long is filled with helium at room pressure, then assuming the ideal gas law, this 
volume will occupy only 3.4 % of the total pore volume at a mean pore pressure of 3 
MPa. It will then partly or completely dissolve in the pore water and be carried out of 
the sample as free gas and/or in the dissolved state. 
3.5.3.3 Bingham plastic flow of water within small pores 
The flow of water in geological porous media is assumed to be Newtonian, i.e. the 
water permeability is independent of the pressure difference. It has been, however, 
reported by some studies that intrinsic (water) permeability coefficients, absk , may 
increase with increasing pressure difference (Bell and Jermy, 2002; Tanikawa and 
Shimamoto, 2009). In a sandstone sample with microdarcy permeability, Bell and 
Jermy (2002) observed that absk  increased by a factor of 2.5, from 40 μDarcy to 100 
μDarcy, with an increase of the pressure difference from 0.3 to 1.5 MPa. In 
sandstone samples with micro- and millidarcy permeabilities (0.1 - 10 mDarcy; 10-16 - 
10-14 m2), Tanikawa and Shimamoto (2009) reported similar results and observed 
that absk  increased by a factor of 1.5 as the pressure difference increased from 0.2 
to 0.8 MPa. They attributed this observation partially to the Bingham plastic flow of 
water while passing through small pore throats (Tanikawa and Shimamoto, 2009). 
They suggested when flow paths (pore throats) are too narrow, adhesion of water 
molecules to pore walls may cause resistance to water flow leading to the change of 
flow regime from Newtonian to Bingham plastic flow (Byerlee, 1990; Sasaki et al., 
2003; Tanikawa and Shimamoto, 2009). Similar to Newtonian flow, Bingham plastic 
flow is characterized by a linear relationship between shear-stress and shear-rate, 
however, it occurs only after an initial shear stress threshold is reached. In a 
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sandstone sample with microdarcy permeability, however, Tanikawa and Shimamoto 
(2009) observed absk  were independent of pressure differences (1.0-1.8 MPa). 
The Bingham plastic flow of fluids in an assembly of capillary tubes with the same 
radius is described by the Buckingham–Reiner equation (Massey and Smith, 2005; 
Tanikawa and Shimamoto, 2009). Combining the Buckingham–Reiner equation and 
Darcy’s law assuming that the matrix pore system can be represented by a capillary 
bundle model with radius R = r, the permeability of a porous medium to a Bingham 
plastic fluid is expressed as (Tanikawa and Shimamoto, 2009): 
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where Q  is the volumetric flow rate (m3 s-1),   is the water viscosity (Pa s), L  is the 
length of the capillary pore tube (m), A  is the cross-sectional area (m2), P  is the 
pressure difference (Pa), 
 
is the porosity, r  is the capillary pore radius (m) and 0  
is the critical yield strength (Pa). Under the Newtonian flow regime, 0  becomes 0 
and equation (7) reduces to the Hagen-Poiseuille law. Equation (7) implies absk  may 
change with increase/decrease of water pressure difference if the Bingham plastic 
flow regime persists during flow tests.  
For samples GASH#1, single-phase water flow tests were conducted with pressure 
differences ranging between 2.5 and 12.8 MPa to investigate if the Bingham plastic 
flow regime persisted during flow tests. As is evident from Figure 3.11, however, 
absk  measured for sample GASH#1 were independent of the pressure differences 
applied (9.75-12.8 MPa). These data imply that, under the present experimental 
conditions, the Bingham plastic flow regime did not prevail and could not significantly 
affect the measured absk . 
(3.7) 
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Figure 3.11: Intrinsic (water) permeability coefficients of shale sample GASH#1 for a range of 
pressure differences 
3.5.3.4 Structured water on surface of minerals 
Previous experimental studies showed that water and other liquids form thin 
structured films when constrained between two closely spaced mineral surfaces 
(Homola et al., 1989; Faulkner and Rutter, 2000; Faulkner and Rutter, 2003; Moore 
and Lockner, 2004).  Although much of the discussions regarding the formation of 
thin films of water on mineral surfaces are focused on mica, kaolinite, and 
phyllosilicate surfaces, thin films of water molecules could form on any mineral 
surfaces affecting the fluid flow mechanism (Faulkner and Rutter, 2000). Under 
these circumstances, the structured films of water molecules constrict the pore 
throats, and in turn, the permeability coefficients measured with water may decrease 
compared to those measured with gas.  
While our experimental data do not provide rigorous evidences of formation of such 
structured layers of water on mineral surfaces, the significant differences between 
Klinkenberg-corrected gas and intrinsic (water) permeability coefficients confirms 
that important physicochemical interactions between water and the mineral 
constituents of the shale samples occurred. Aside from the possibility of the 
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presence of thin layers of water molecules structured on mineral surfaces, the 
physical properties of aggregates of water molecules may become very different 
from the bulk (continuum) when they are constrained within a very small volume. 
According to McGuiggan et al. (1989) and Faulkner and Rutter (2000), the effective 
viscosity of water could be many orders of magnitude higher than the bulk water 
viscosity under these circumstances affecting the mechanism of fluid flow within 
small pore throats. These impacts, if present, are assumed to be more profound in 
shales in which small- and extremely-small pore throats within the nanometer range 
dominate. In the measurements conducted by Klinkenberg (1941) on natural and 
artificial porous media with permeabilities down to the millidarcy range, the pore 
sizes and throat apertures were likely too large so that this effect was not observed. 
3.5.3.5 Enhanced compaction due to water 
One potential mechanism, which may result in the reduction of intrinsic (water) 
permeability coefficients compared to gas, is the compaction/alteration of shale plugs 
upon introduction of water. This phenomenon is attributed to the facilitation of sliding 
between particles due to wetting by water. This compaction could be more profound 
for measurements conducted under confining pressure and, if present, reduces the 
pore volume of the sample plugs (porosity), and therefore, permeability. Since no 
volumetric strain data have been recorded before and upon introduction of water in 
our measurements, it cannot be confirmed if this mechanism was responsible for the 
observed reduction of the permeability of the samples to water. 
Based on the above discussions, the observed reduction in intrinsic (water) 
permeability coefficients of the shale samples could be most likely due to the thin 
films of water molecules structured on mineral surfaces, and/or the enhanced 
compaction of the samples upon wetting. More detailed experimental investigations 
are, however, required to confirm these assumptions. It is also possible that another, 
as yet unidentified, explanation is responsible for this observation. 
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3.6 Conclusions 
This contribution presents results from a laboratory study comparing steady state 
and non-steady state techniques for measurement of gas permeability coefficients 
under controlled confining pressure in low- and extremely low-permeable shales 
(3.10-21-16.10-18 m2). Based on our observations, the following conclusions can be 
drawn: 
 For dry samples, the apparent gas permeability coefficients measured using non-
steady state techniques were consistently higher than those measured by steady 
state method. These differences were, however, not as significant as the 
observations made by previous studies (Rushing et al., 2004: up to eight times; 
Carles et al., 2007: up to two times; Mallon and Swarbrick, 2008: up to three 
orders of magnitude). 
 The differences between the apparent gas permeability coefficients obtained from 
steady state and non-steady state techniques were higher at lower mean pore 
pressures. The observed difference may be due to the higher errors associated 
with steady state measurements at lower mean pressures, and/or it is attributed 
to the onset of visco-inertial flow associated with higher mean pore pressures in 
steady state tests. It is also possible that another, as yet unidentified, mechanism 
is responsible for this observation. 
 For dry samples, the Klinkenberg-corrected gas permeability coefficients 
obtained from steady state and non-steady state techniques were similar but the 
slip-factors were different, being larger for the non-steady state technique. 
 For dry samples, an increase of the initial pressure difference had no effect on 
gas permeability coefficients measured by non-steady state technique. For the 
sample measured in the “as-received” state (water content: 1.92 wt%, as-
received porosity: 16.6 %, calculated dry porosity: 20.3 %), however, the 
apparent and Klinkenberg-corrected gas permeability coefficients measured 
using non-steady state technique increased by almost 17 % with increase of the 
initial pressure difference (0.6-0.75 MPa). This is attributed to the displacement of 
mobile water phase. 
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 The effect of confining pressure was more significant on the intrinsic (water) 
permeability coefficients than the Klinkenberg-corrected gas permeability 
coefficients. For dry sample GASH#2, Klinkenberg-corrected gas permeability 
coefficients decreased by around 12% as confining pressure increased from 12 
to 30 MPa. In comparison, intrinsic (water) permeability coefficients decreased by 
around 22% as confining pressure increased from 12 to 30 MPa. 
 For all samples tested a substantial discrepancy between the Klinkenberg-
corrected gas and intrinsic (water) permeability coefficients was observed. The 
observed reduction in intrinsic (water) permeability coefficients of the shale 
samples could be most likely due to the thin films of water molecules structured 
on mineral surfaces, and/or the enhanced compaction of the samples upon 
wetting. However, more detailed experimental investigations are required to 
confirm these assumptions. 
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4. Experimental study of fluid transport processes in 
the matrix system of the European organic-rich 
shales: I. Scandinavian Alum Shale 
 
Keywords: Gas shales, Alum Shale, Permeability, Porosity, Effective stress 
 
4.1 Abstract 
This contribution presents results from a laboratory study investigating the fluid 
transport properties in the matrix system of the Scandinavian Alum Shale. The maturity 
of the organic matter of the shale samples ranged between 0.5 and 2.4% vitrinite 
reflectance (% VRr). Gas (He, Ar, CH4) and water flow properties were determined at 
effective stresses ranging between 5 and 30 MPa and a temperature of 45°C. The 
effects of different controlling factors/parameters on the fluid conductivity including 
heterogeneity, anisotropy, moisture content, effective stress, load cycling, permeating 
fluid and pore pressure were analysed and discussed. Pore volume measurements by 
helium expansion were conducted under controlled “in situ” effective stress conditions 
on a limited number of plugs drilled parallel and perpendicular to bedding. 
For Alum Shale the range of permeability coefficients parallel and perpendicular to the 
bedding (0.7·10-21 - 8·10-18 m2) were well within the range previously reported for other 
shales and mudstones. Permeability coefficients were strongly dependent on 
anisotropy, moisture content, effective stress, permeating fluid and other sample-to-
sample variations. Permeability coefficients (He, CH4) measured parallel to bedding 
were up to more than one order of magnitude higher than those measured 
perpendicular to bedding. Permeability coefficients (He, CH4) measured on dry sample 
were up to six times higher than those measured on “as-received” sample, depending 
on effective stress. The effect of moisture on measured permeability coefficients 
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became more profound as the effective stress increased. All samples drilled parallel to 
bedding showed a nonlinear reduction in permeability with increasing effective stress (5 
- 30 MPa). The stress dependence of permeability could be well described by an 
exponential relationship. The permeability coefficients measured using helium as 
permeating gas were consistently, higher (up to five times) than those measured using 
argon and methane.  
4.2 Introduction 
Shale gas reservoirs are unconventional hydrocarbon plays that are composed of a 
lithologically diverse group of fine-grained sedimentary rocks including shales, 
mudstones, limestones and siltstones (Javadpour et al., 2009; Chalmers et al., 2012). 
These complex heterogeneous reservoirs, which commonly have permeability 
coefficients down to the nDarcy-range, require innovative exploration and completion 
strategies to produce natural gas economically (Chalmers et al., 2012). Despite 
considerable gas-in-place (GIP) estimations common for shale gas reservoirs, 
economic flow rates are still technically difficult to achieve, partially due to the poor 
understanding of the fluid transport processes in these lithotypes (Amann-Hildenbrand 
et al., 2012; Chalmers et al., 2012; Swami and Settari, 2012).  
Fluid flow in fine-grained sedimentary rocks including shales and mudstones is 
controlled by the characteristics of the pore network system, permeating fluid, reservoir 
pressure and effective stress. Based on our knowledge of fluid transport in the matrix 
system of cap rocks (Schloemer and Krooss, 1997, 2004; Amann-Hildenbrand et al., 
2012) and coalbed methane reservoirs (Han et al., 2010a; Han et al., 2010b), fluid 
transport in the matrix system of shale reservoirs is a combination of desorption and 
diffusion within the micro-pores, and Darcy flow (pressure-driven volume flow) within the 
macro-pores, micro-fractures and fractured network system. The meso-pores are 
commonly considered the transitional zone with a combination of diffusion and Darcy 
flow (Chalmers et al., 2012). Gas diffusion in the matrix of shales is dependent on gas 
(partial) pressure and the characteristics of the matrix system including pore throat 
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diameters and pore size distribution (Javadpour et al., 2007; Javadpour et al., 2009; 
Amann-Hildenbrand et al., 2012; Chalmers et al., 2012). Darcy flow in fine-grained 
shales is strongly affected by the presence of other fluid phases (water) and capillary 
processes with multi-fluid-phase systems. Thus, Darcy flow of the non-wetting (gas or 
hydrocarbon) phase occurs only once the capillary entry pressure is exceeded 
(Schloemer and Krooss, 1997; Amann-Hildenbrand et al., 2012). Capillary entry 
pressures in shale reservoirs depend on pore pressure, pore size distribution, 
hydrocarbon-water interfacial tension, and wettability (Amann-Hildenbrand et al., 2012; 
Chalmers et al., 2012).  
Fluid conductivity in the pore network of shales is attributed to the conductivity of the 
shale matrix and fracture systems. Due to the lower permeability of the shale matrix 
compared to the fracture system, however, fractures are considered to be the principal 
avenues for producing gas from a commercial shale gas production perspective. 
Nevertheless, some of the previous studies have shown that, even with the presence of 
hydraulic fractures, the phenomenon limiting the long-term gas production in shale gas 
plays is fluid transport in the matrix (Bustin et al., 2008; Bustin and Bustin, 2012; Swami 
and Settari, 2012). The importance of the fluid transport properties in the matrix of 
shales has been previously emphasized in gas shale reservoir models (Luffel et al., 
1993; Mayerhofer et al., 2006; Bustin et al., 2008; Kalantari-Dahaghi, 2011; Bustin and 
Bustin, 2012).  
Previous studies have studied fluid transport processes in the matrix of organic-rich 
shales theoretically, and a number of mathematical models were developed (Fathi and 
Akkutlu, 2009; Javadpour et al., 2009; Cui et al., 2009; Cipolla et al., 2010; Freeman et 
al., 2011). Nevertheless, very few studies have experimentally investigated the fluid flow 
mechanisms in the matrix of organic-rich shales, and the characteristics of fluid flow 
processes within the fracture and matrix systems of gas shales are still poorly 
understood (Pathi, 2008; Metwally and Sondergeld, 2011; Chalmers et al., 2012).  
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This contribution presents results from a laboratory study investigating the fluid 
transport characteristics in the matrix system of the Scandinavian Alum Shale. Single-
phase fluid (gas/water) flow experiments were conducted within the frame of the GASH 
Project (www.gas-shales.org). The primary objective was to improve the quantitative 
understanding of fluid (gas/water) transport processes within the matrix system of low- 
to extremely low-permeable shales, with permeability coefficients down to the nDarcy-
range ( k = 10-21 m2). Gas (He, Ar, CH4) and water flow properties were determined at 
effective stresses ranging between 8 and 30 MPa and a temperature of 45°C. The 
effects of different controlling factors/parameters on the conductivity were analysed and 
discussed. Furthermore, “in situ” porosity measurements under controlled effective 
stress were conducted by helium expansion on a limited number of plugs drilled 
perpendicular and parallel to bedding. 
4.3. Fluid flow regimes in gas shales 
During shale gas production, fluid transport in the hydraulic fractures, micro-fractures 
and matrix systems of shales occurs within different characteristic time and length 
scales. These transport phenomena coexist simultaneously, and the difficulty to 
describe the transition between two regimes of flow is, therefore, obvious. It is, 
nevertheless, possible to broadly categorize these flow regimes into a number of 
classes:  
4.3.1 Turbulent non-Darcy flow in hydraulic fractures  
The typical mechanism of fluid flow in commercial shale gas wells is turbulent non-
Darcy flow, which is based on reservoir-scale pressure gradients. The behavior of multi-
component turbulent gas flow regimes within the production wells are, however, very 
complex and cannot be modeled using the simple forms of the turbulent flow (Freeman, 
2011). This mechanism of fluid flow is short-lived on a geologic time scale and probably 
also on the production time scale and therefore beyond the scope of the present 
discussion. 
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4.3.2 Darcy flow in micro-fractures and macro-pores 
Darcy flow (pressure-driven volume flow) is the typical mechanism of fluid transport 
within the micro-fractures and macro-pores of the fine-grained sedimentary rocks. 
Darcy’s law the mathematical description of this transport process implies that fluid 
velocity is directly proportional to the pressure gradient. Darcy’s law is valid for a wide 
range of flow velocities and pore throat diameters. However, gas transport in shales 
with typically micro- and meso-pore throats is often affected by slip flow that may cause 
deviations from Darcy’s law. 
4.3.3 Slip flow in macro- , meso- and micro-pores  
Slip flow (Klinkenberg phenomenon) is a non-Darcy effect associated with non-laminar 
flow of gases in porous media. This phenomenon occurs when the average size of pore 
throats in porous media approaches the size of the mean free path of the gas molecules 
and therefore, causing the velocity of individual gas molecules to accelerate (slip) when 
contacting pore walls (Klinkenberg, 1941; Noman and Kalam, 1990; McPhee and 
Arthur, 1991; Soeder, 1988; Rushing et al., 2004; Tanikawa and Shimamoto, 2009; 
Amann-Hildenbrand et al., 2012). This phenomenon is particularly dominant in the 
matrix system of shales which are typically characterized by micro- and meso-pore 
throats. Klinkenberg documented this phenomenon systematically and demonstrated 
that the measured (apparent) permeability to gas is a function of mean pore pressure. 
Based on the Klinkenberg phenomenon, the apparent gas permeability 
coefficients, gask , approaches a limiting value at infinite mean pore pressure. This 
limiting permeability value, which is commonly referred in literature as the Klinkenberg-
corrected permeability is calculated from the straight-line intercept on a plot of 
measured (apparent) gas permeability coefficients versus the reciprocal mean pore 
pressure (Klinkenberg plot). In the Klinkenberg Equation, k
 
is the Klinkenberg-
corrected permeability and b  is the gas slippage factor. 
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4.3.4 Diffusion  
During shale gas production, the gas molecules constantly desorb from the surface of 
the organic matter (kerogen), and diffuse into the micro- and meso-pore system. 
Molecular transport may also take place in solution or in the polymer matrix of the 
kerogen. The diffusion rate is controlled by the gas concentration gradient (more 
precisely: the chemical potential gradient) within the shale matrix (Javadpour et al., 
2007; Javadpour et al., 2009; Amann-Hildenbrand et al., 2012) and is described by 
Fick’s law.  
Pressure-diffusion (Deming, 1994) is another closely related aspect, which described 
the propagation of a pressure pulse in a compressible medium, and is treated 
mathematically similar to Fickian diffusion (concentration-driven). These mechanisms of 
fluid flow are, however, beyond the scope of the present study. 
4.4 Alum Shale as natural laboratory 
The project “Shale Gas in Europe (GASH)” is the first European multidisciplinary shale 
gas initiative, which is conducted by multinational European research institutes, 
geological surveys and universities and funded by a consortium of oil and gas 
companies. GASH was launched in October 2009 to address the European shale gas 
potentials (Horsfield et al., 2008; Schovsbo et al., 2011). The main focus of the GASH 
has been on the Scandinavian Alum Shale (mid-Cambrian to early Ordovician; southern 
Sweden/Denmark) and the Posidonia Shale (Lower Toarcian, northern Germany) as 
natural laboratories (Horsfield et al., 2008; Littke et al., 2011; Schovsbo et al., 2011).  
The Cambro-Ordovician Alum Shale is a potential shale gas system occurring at 
relatively shallow depth along the northern margin of Central Europe, from southern 
Denmark to southern Sweden (Littke et al., 2011). It has been deposited in shallow 
marine water and, due to its unusual organic matter structure (Littke et al., 2011), is 
(4.1) 
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characterized by a significant potential for generating and storing gas at all maturity 
levels. In southern Sweden and northern Denmark, the Alum Shale exhibits organic 
matter contents and type, maturity and thicknesses that are typical of productive shale 
gas plays (Dyni, 2006; Littke et al., 2011). The Total Organic Carbon (TOC) content can 
exceed 20% (Schovsbo, 2003; Nielsen and Schovsbo, 2006) and the maturities are as 
high as 2.7% in the southern Baltic Sea region (Littke et al., 2011). Significant gas 
potentials have been previously reported for Alum Shale samples using hydrous 
pyrolysis analyses (Littke et al., 2011). On the Danish island Bornholm (southeastern 
Denmark), the Alum Shale is organic-rich with TOC contents of up to 10% and 
maturities as high as 3% VRr (Buchardt et al., 1986, Baumann-Wilke et al., 2012). 
The Cambro-Ordovician Alum Shale was deposited on the Baltic-Russian continent 
Baltica during a marine transgression (Lindgreen et al., 2000). There is a significant 
variation in maturity levels of the Alum Shale samples found in central Sweden, 
southern Sweden and Denmark. The observed variation is attributed to strongly 
differentiated regional subsidence during the Early Palaeozoic as well as local igneous 
activities in Permo-Carboniferous (Buchardt et al., 1986). In central Sweden, Alum 
Shale has experienced limited burial depths and thermal alteration, and is still immature 
with respect to oil/gas generation (Lindgreen et al., 2000). In southern Sweden and 
Denmark, however, Alum Shale was buried to depths of about 4.5 km during 
Caledonian folding, and exposed to temperatures as high as 220 °C (Lindgreen et al., 
2000).  
The Alum Shale was intensively studied in the 1980s for its source-rock properties 
including sedimentology (Pedersen, 1989), stratigraphy (Pedersen and Klitten, 1990; 
Koren and Bjerreskov, 1997), geochemistry (Buchardt et al., 1986), maturity (Buchardt 
and Lewan, 1990) and fluid inclusions (Jensenius, 1987). Recently, due to the strongly 
increasing shale gas research and exploration, seismic characteristics (Baumann-Wilke 
et al., 2012), stratigraphy (Schovsbo et al., 2011), lithology (Schovsbo et al., 2011) and 
shale gas potential (Pool et al., 2012) of the Scandinavian Alum Shale have been 
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investigated in more detail. Nevertheless, the fluid transport properties of the Alum 
Shale are still poorly understood. The only attempt to characterize the fluid transport 
properties of the Scandinavian Alum Shale, particularly the matrix permeability 
coefficients, was conducted recently by Pool et al. (2012) only for overmature samples 
(>1.7% VRr). These authors reported an average matrix permeability coefficient of about 
40 nDarcy (4·10-20 m2) for the overmature Cambro-Ordovician Alum Shale from 
southern Sweden. The detailed experimental conditions under which the permeability 
coefficients were measured including sample type (plug or cuttings), type of permeating 
fluid(s) and measuring technique(s) applied were, however, not discussed. Even though 
the average matrix permeability coefficient (4·10-20 m2) reported by Pool et al. (2012) is 
well within the range of permeability coefficients reported in this study (0.7·10-21 - 8·10-18 
m2), the results of the present study document that the permeability coefficients of Alum 
Shale cover a broad range from sub-nanodarcy to microdarcy, depending on 
anisotropy, effective stress, moisture content, permeating fluid and other sample-to-
sample variations. To the best of our knowledge, this study is the first attempt to 
characterize the fluid transport properties within the matrix system of the Scandinavian 
Alum Shale, covering a large maturity range (0.5 - 2.4% VRr). 
4.5 Samples 
A total of seven plugs were analyzed in this study. These plugs were drilled from core 
materials obtained from one research well (Skelbro-2) in Bornholm (Denmark) and two 
outcrop samples from central and southern Sweden (Figure 4.1). On the Danish island 
Bornholm, the Alum Shale is found in the southern and southeastern parts of the island 
(Baumann-Wilke et al., 2012). The Skelbro-1 well was drilled in 1980s on Bornholm, 
penetrating the Alum Shale. The geologic description, geochemical characteristics and 
detailed log stratigraphy of the Skelbro-1 well were documented by Pedersen (1989) 
and Pedersen and Klitten (1990).  
Experimental study of fluid transport processes in the matrix system of the European organic-rich 
shales: I. Scandinavian Alum Shale 
 
70 
 
 
Figure 4.1: Maturity map of the Scandinavian Alum Shale (modified after Schovsbo et al., 2011). The 
circles show the origins of the samples. 
In order to obtain fresh core material, the Skelbro-2 well was drilled on Bornholm in 
August 2010, as part of a new drilling campaign relevant for shale gas studies in Europe 
(Schovsbo et al., 2011). The Skelbro-2 well was drilled 300 m east of the Skelbro-1 well. 
In Skelbro-2 well the top of the Alum Shale was encountered at 8.5 m below surface, 
and a total of 33.5 m of Alum Shale was drilled. The well was terminated at 42.9 m in 
the Lower Cambrian Rispebjerg Member (Schovsbo et al., 2011). Two core samples 
from Skelbro-2 well (depths of 12.4 and 26.4 m) were selected, from which a total of 
three parallel and two perpendicular plugs were drilled. Furthermore, two outcrops from 
the Alum Shale (Djupvik and Gislövshammar) were selected, from which two parallel 
plugs were drilled. Before the measurements, the drilled plugs were visually examined 
in order to account for and describe any visible mineralization and fractures.  
The gas permeability coefficients were measured on dry plugs (105 °C, vacuum, 
overnight) because: 1) in-situ water saturations were unknown and as-received water 
saturations were not representative of reservoir water saturations due to fluid loss after 
drilling/sampling; and, 2) the other petrophysical analyses including gas sorption and 
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helium density measurements were conducted on dry, degassed samples. For one plug 
from the Skelbro-2 well (depth of 26.4 m) parallel to bedding, however, the gas 
permeability coefficients were measured on both dry (105 °C, vacuum, overnight) and 
as-received sample plugs (moisture content: 1.1 wt%) to investigate the effect of 
moisture on permeability coefficients. Detailed information of the plugs analyzed 
including the origin, depth, orientation with respect to the bedding 
(parallel/perpendicular), moisture condition and dimensions are listed in Table 4.1. 
Table 4.1: Origins, depths, orientation, moisture condition and dimensions of the sample plugs analyzed 
in this study (ar: as-received; DM: Denmark; SW: Sweden) 
Sample Origin 
Depth 
(m) 
Orientation w. 
resp. to bedding 
Moisture 
Cond. 
Length 
(mm) 
Diameter 
(mm) 
Djupvik-‖-dry 
Djupvik 
Formation 
(central SW) 
outcrop Parallel Dry 13.95 37.90 
Gislöv-‖-dry 
Gislövshammar 
Formation 
(southern SW) 
outcrop Parallel Dry 11.90 38.00 
Alum#2,┴,dry 
Skelbro-2 well 
(southern DM) 
12.4 
Perpendicular Dry 17.35 28.03 
Alum#2-‖-dry Parallel Dry 14.18 28.11 
Alum#2-‖-ar Parallel As-received 15.58 28.17 
Alum#8,┴,dry 
26.4 
Perpendicular Dry 10.40 37.15 
Alum#8-‖-dry Parallel Dry 12.70 37.45 
 
4.6 Methods 
4.6.1 TOC and vitrinite reflectance analyses 
TOC analyses on powdered samples were conducted with a LECO multiphase 
carbon/hydrogen/moisture analyser (RC-412). This instrument operates in a non-
isothermal mode with continuous recording of the CO2 release during oxidation. This 
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permits the individual determination of inorganic and organic carbon in a single 
analytical run and does not require removal of carbonates by acid treatment. 
Polished sections of the samples were used to perform vitrinite reflectance (% VRr) 
measurements at random orientation of the grains. The microscope used was a Zeiss 
Axio Imager for incident light screening. The setup was calibrated using standards of 
known reflectance: Yttrium-gallium-garnet (0.889%), gandolinium-gallium-garnet 
(1.721%) and cubic zirconium (3.125%). A total number of 100 data points for each 
sample was collected. Subsequently, the results were processed using the DISKUS 
fossil software (Technisches Büro Carl H. Hilgers). 
4.6.2 X-ray Diffraction analysis (XRD) 
Bulk mineralogical compositions were derived from the X-ray diffraction patterns 
measured on randomly oriented powders. Rock samples were crushed manually in a 
mortar and milled subsequently with a McCrone Micronising mill for 15 minute to ensure 
uniform crystallite sizes. Milling was done in ethanol to avoid dissolution of water-
soluble components and strain damage to the samples. An internal standard 
(corundum, 20 wt %) was added to improve the accuracy of the analysis. Sample 
holders with a side filling option were used to minimize preferential orientation. The 
measurements were done on a Huber MC9300 diffractometer using Co Kα-radiation 
produced at 45 kV and 35 mA. During the measurement, the sample is illuminated 
through a fixed divergence slit (1.8 mm, 1.45°), a graphite monochromator, and 58 mm, 
0.3 mm spacing soller slits. The diffracted beam is measured with a scintillation detector 
with counting time of 20 s for each step of 0.02° 2θ. Diffractograms were recorded from 
2° to 76° 2θ. Quantitative phase analysis was performed by Rietveld refinement. BGMN 
software was used, with customized clay mineral structure models (Ufer et al., 2008). All 
reported mineral compositions relate to the crystalline content of the analyzed samples. 
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4.6.3 Helium pycnometry /expansion measurements 
4.6.3.1 Porosity measurements of unconfined samples by helium 
pycnometry 
For the cylindrical plugs analyzed, in dry state and under unconfined condition, porosity 
values were determined from the skeletal volumes ( sV ) measured by helium 
pycnometry and the bulk volume ( bV ) calculated from the dimensions of the cylindrical 
plugs: 
b
s
V
V
1  
The scheme of the helium pycnometer is shown in Figure 4.2. The helium pycnometer 
consisted of two cells, the reference cell ( rcV ), sample cell ( scV ), four valves, and a 
high-precision pressure transducer.  
At the beginning of the test, the plug was placed inside the sample cell and the whole 
system was flushed with helium several times. After evacuating for a short period of 
time (15 minutes), a leak test with helium was performed at helium pressure of about 1 
MPa. Provided the leak rate was less than 50 Pa/h (5 mbar/h), the whole system 
including sample and reference cells were evacuated. During evacuation, valves 1 and 
2 were open and valve 3 was connected to the vacuum pump. After evacuation, if no 
degassing was detected, valve 2 was closed and the vacuum pressure in the sample 
and reference cells was recorded. Afterwards, valve 1 was closed and valve 3 was 
turned towards the helium bottle. The reference cell was then filled with helium ( rcP = 
0.8 MPa) by opening valve 2 for a short time and then closing it. After some time, which 
was essential for pressure equilibrium inside reference cell, the helium pressure in 
reference cell was recorded ( rcP ). Valve 1 was then opened and the helium in the 
reference cell was allowed to expand into the sample cell. The pressure decay versus 
(4.2) 
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time in the combined volumes of reference and sample cells were then recorded in 
short time intervals using high-precision pressure transducer. Gas pressure in the 
reference cell immediately drops as gas occupies the void volume in the sample cell. 
Thereafter, the pressure continuously decreases, as gas penetrates into the pores of 
the sample plug until equilibrium is reached. The procedure was repeated until the 
helium pressure in the sample cell reached maximum pressure of about 0.8 MPa 
(maximum helium pressure in the reference cell). 
 
Figure 4.2: Scheme of the helium pycnometer used in this study 
4.6.3.2 Pore volume measurements under controlled effective stress  
Using the method explained in Han et al. (2010b), the pore volume measurements 
under controlled effective stress (pore volume compressibility) were conducted by 
helium expansion in the system shown in Figure 4.3. The helium expansion test 
consisted of filling of the known volume of the void between valves 1 and 2 (reference 
cell volume, rcV ) with helium (<1 MPa) and expanding it into the void volume (sample 
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cell volume,
 sc
V ) between top and bottom of the sample including the pressure 
transducers ( upP  
and downP ). The reference cell volume ( rcV ) was predetermined with an 
accuracy of ±0.1·10-6 m3. The pressures in both reference and sample volumes were 
recorded using analogue pressure gauges ( refP , upP , downP : GE Measurement & Control 
Solutions) with an accuracy of ±0.04% of the full-scale value (25 MPa). 
 
Figure 4.3: Scheme of the system used for porosity measurements under effective stress (helium 
expansion technique). 
 
The volume of the sample cell is determined according to equation 4.3, assuming the 
validity of the ideal gas law: 
 
rc
scf
fref
sc V
PP
PP
V



0,
 
 
(4.3) 
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where 0,refP  
and ScP
 
represent the pressures of the reference and sample volumes 
before the helium expansion; and, fP
 
denotes the pressure of the connected system 
after helium expansion ( 2V , 3V , 4V : open). At a given effective stress, the pore volume of 
the sample plug ( poreV ) is calculated according to equation 4.4: 
plugblankscplugscpore VVV  ,,
 
where plugscV ,  and plugblankscV ,  denote the void volumes of the sample cell with the 
sample plug and with a blank-plug (steel cylinder), respectively. 
To start the test, he reference cell was filled with helium ( rcP = 1 MPa) by opening valve 
1 for a short time and then closing it (valves 2 was closed).  After some time, which was 
essential for pressure equilibrium inside reference cell, the helium pressure in reference 
cell was recorded ( refP ). Valve 2 was then opened and the helium in the reference cell 
was allowed to expand into the sample cell volume by opening valves 3 and 4. The 
pressure decay versus time in the combined volumes of reference and sample cells 
were then recorded in short time intervals using high-precision pressure transducers 
( rcP , upP , downP ). Gas pressure in the reference cell immediately drops as gas occupies 
the void volume in the sample cell. Thereafter, the pressure continuously decreases, as 
gas penetrates into the pores of the sample plug until equilibrium is reached ( fP ). After 
equilibrium, valves 2, 3 and 4 were closed and the procedure was repeated until the 
helium pressure in the sample cell reached maximum pressure of about 1 MPa 
(maximum helium pressure in the reference cell). 
Parallel and perpendicular to bedding, pore volume measurements under controlled 
axial and confining pressures were conducted on two plugs (dry) from the Skelbro-2 
well (depth of 26.4 m). Parallel to bedding, the tests were conducted at axial and 
confining pressures of about 8, 12 and 30 MPa. Perpendicular to bedding, the test was 
(4.4) 
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conducted only at axial and confining pressure of about 12 MPa. The tests were 
performed only upon loading (compaction); the hysteresis (path-dependent) behavior of 
pore volume with effective stress was not analyzed. 
4.6.4 Fluid (gas/water) flow tests  
4.6.4.1 Single-phase gas flow 
A scheme of the system used for single-phase gas/water flow tests is shown in Figure 
4.4. The tests were performed under identical axial and confining pressures on plugs 
placed in a customized fluid flow cell. The details of the customized fluid flow cell are 
explained in Hildenbrand et al. (2002) and Han et al (2010b). Single-phase gas flow 
tests were conducted using steady state and non-steady state techniques. Helium, 
argon and methane were used for single-phase gas flow tests. A leak test with helium 
was performed prior to each flow test. For all tests the temperature was controlled and 
the system was kept at a constant temperature (45°C). 
For steady state gas flow tests the upstream pressure was kept constant while the gas 
on the downstream side was at atmospheric pressure ( downP  = 0.101 MPa). 
Simultaneously, the upstream and downstream pressure data were recorded in short 
intervals using the pressure transducers ( upP  and down
P in Figure 4.4). The gas flow rate 
at the downstream side was monitored using a calibrated bubble flow-meter (Figure 
4.4). To start a steady state measurement, the upstream pressure was adjusted to a 
desired pressure using the pressure regulator connected to the gas bottle. Valves 1 and 
2 were open to the gas bottle and valve 3 was open to the calibrated bubble flow meter. 
Once the steady state flow conditions were reached (constant upstream pressure), the 
flow rates were recorded. After a test was finished, the upstream pressure was 
increased to a higher pressure using the pressure regulator connected to the gas bottle 
and the above procedure was repeated.  
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Figure 4.4: Scheme of the system used for single-phase gas/water flow tests. 
The non-steady state measurements were performed in a closed system, with two 
separate reservoirs at both sides of the sample (valve 2: closed; valve 3: closed/middle 
position). A volume calibration by helium expansion was performed in order to precisely 
(±0.1·10-6 m3) determine the volumes of both reservoirs. In non-steady state 
measurements valve 1 was open to the gas bottle. The experiment was initiated by 
applying a pressure difference across the sample (shortly opening and closing valve 2; 
valve 3 was closed) resulting in a gas flow through the sample. Similar to the steady 
state measurements, the non-steady state measurements were conducted at several 
mean pore pressures. The initial pressure difference was about 5-10% of the mean pore 
pressure ( mP ) for all non-steady state tests. Both pressures were automatically 
recorded during the experiment using separate pressure transducers ( upP  and down
P in 
Figure 4.4). Either analogue pressure gauges (GE Measurement & Control Solutions) 
with an accuracy of ±0.04% of the full-scale value (25 MPa) or digital pressure gauges 
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(Tecsis) with an accuracy of ±0.05% of the full-scale value (25 MPa) were used for 
pressure recording during fluid flow tests. 
For plugs from the Djupvik and Gislövshammar Formations and the Skelbro-2 well 
(depths of 12.2 and 26.4 m), drilled parallel to the bedding, single-phase gas (He, Ar, 
CH4) flow measurements were conducted in dry and as-received states (Djupvik-‖-dry, 
Gislöv-‖-dry, Alum#8-‖-dry, Alum#2-‖-dry, Alum#2-‖-ar) using non-steady state 
technique under controlled confining pressures ranging between 8 and 30 and at mean 
pore pressures ranging between 0.4 and 3.2 MPa. For plugs from the Skelbro-2 well 
(depths of 12.2 and 26.4 m) drilled perpendicular to the bedding (Alum#2,┴,dry, 
Alum#8,┴,dry), single-phase gas (He, CH4) flow measurements were conducted in dry 
state using non-steady state technique under controlled confining pressures of 12 and 
30 MPa and at mean pore pressures ranging between 0.7 and 5.0 MPa. 
In sequential permeability measurements, the tests were first conducted at the highest 
confining pressure (30 MPa) and then repeated at confining pressures ranging between 
8 and 30 MPa by stepwise increase of confining pressure, each time allowing at least 
24 hours for stress stabilization. To investigate the effect of load cycling on permeability 
coefficients, one of the tested samples (Alum#8-‖-dry) was subjected to load cycling; 
after the first cycle of stepwise confining pressure increase from 8 to 30 MPa, the 
confining pressure was decreased from 30 to 8 MPa and the cycle and the tests were 
repeated. Based on our experience, to maintain a tight seal between the sample plug 
and the jacket, a confining pressure of at least 5.0 MPa is required during each flow 
test, therefore, permeability coefficients were measured only at .confP > 5 MPa.  
4.6.4.2 Single-phase water flow 
Single-phase water flow tests were conducted under steady state conditions by applying 
a constant water pressure difference across the sample and measuring the volumetric 
water flow rate at the downstream side using a graduated pipette (volume: 1ml, 
graduation: 0.01 ml). The scheme of the system is shown in Figure 4.4. In steady state 
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water flow tests, valves 1 and 2 were open towards the water pump while valve 3 was 
open to the graduated pipette (Figure 4.4). The downstream pressure was atmospheric 
in all measurements ( downP  = 0.101 MPa). De-ionized water was used as permeating 
fluid. During the initial phase of the water flow test, the water displaces residual gas 
from the pore system of the sample plugs. When no more gas bubbles are detected in 
the effluent, steady state conditions are reached and permeability values may be 
determined. Usually 7 to 10 days were required to reach steady state water flow through 
the low- and extremely low-permeable shale plugs studied here.  
Water permeability coefficients were measured on two plugs from the Skelbro-2 well; 
depth of 12.4 m drilled parallel to bedding (Alum#2-‖-dry) and depth of 26.4 m drilled 
perpendicular to bedding (Alum#8,┴,dry). These tests were conducted at confining 
pressures of 12 and 30 MPa using water pressure differences between 3.2 and 3.8 
MPa.  
4.6.4.3. Calculation of permeability (compressible and incompressible 
media) 
For a liquid phase (water) as permeating fluid, the intrinsic permeability coefficient is 
calculated according to Darcy’s law, which in its one-dimensional form is written as: 
L
Pk
x
Pk
A
Q absabs 




 
where Q  is the volumetric fluid flow rate, A  is the cross-sectional area of the sample, 
absk  is the intrinsic (water) permeability coefficient,
 
  is the viscosity of the permeating 
fluid, L  is the sample length, and P  is the pressure difference between the upstream 
and downstream sides of the sample. Equation (3) was used for evaluation of the 
intrinsic (water) permeability coefficient for the single-phase water permeability tests.  
When a compressible fluid (gas) is used as the permeating fluid one has to account for 
expansion and changing volumetric flow rate along the flow path (difference between in 
(4.5) 
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and out flowing volumes). Therefore, it is essential to use either an integrated form of 
the Darcy equation or alternatively an average value of the flow rate, and consequently, 
Darcy's equation for the volume flow at the downstream side ( downP ) becomes 
(Tanikawa and Shimamoto, 2009): 
down
updowngas
P
PP
L
k
A
Q
2
)( 22 


 
The average gas permeability is expressed as: 
)(
2
22
updown
down
gas
PPA
LPQ
k



 
where upP  and downP  are pressures of the upstream and downstream sides of the 
sample, respectively. Equation (5) was used for the evaluation of (apparent) gas 
permeability coefficients in all steady state gas flow measurements.  
For evaluation of the non-steady state gas permeability coefficients, we used a 
formulation which is based on the interpretation of the fundamental flow equations, i.e. 
the mass balance equation (continuity equation) and Darcy's law (Saghafi, 2008; 
Saghafi et al., 2010; Saghafi and Pinetown, 2011): 
)
11
(
21 VV
AP
Lc
k
m
gas



 
where the parameters 1V , 2V , L , 1A , mP  and   represent the upstream and 
downstream volumes, the length of the sample, the cross-sectional area of the sample, 
the mean pore pressure and gas viscosity, respectively. The parameter c  in this 
equation is the slope of the plot of ))()(( tPtPln updown 
 
versus time, which is calculated 
using the recorded upstream and downstream pressure data. The derivation of this 
formula is given in Appendix 1. 
(4.6) 
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4.7 Results 
4.7.1 TOC, vitrinite reflectance and XRD analyses 
The results of the vitrinite reflectance, TOC and XRD analyses are listed in Table 4.2.  
Table 4.2: Summary of vitrinite reflectance, TOC, porosity and XRD analyses 
Sample % VRr 
TOC 
(%) 
Porosity 
(%) 
Clay 
(%) 
Quartz 
(%) 
Carbonate 
(%) 
Pyrite 
(%) 
Djupvik 0.5 8.2 12.8 32.7 42.2 0.2 22.8 
Gislövshammar 2.0 2.4 2.5 7.5 4.3 85.5 1.2 
Alum#2 
2.4 
7.1 8.9 60.7 26.6 0.8 8 
Alum#8 7.7 13.7 63.0 21.6 1.4 9.8 
 
The studied shale samples were organic-rich (2.4 - 8.2%) with thermal maturities 
ranging between 0.5 and 2.4% VRr. For immature Alum Shale outcrop (Djupvik), the 
TOC content and thermal maturity determined in this study are well within the range of 
TOC content (7 - 17%) and thermal maturity (0.3 – 0.8% VRr) previously reported for 
immature samples from Central Sweden (Buchardt et al., 1986; Lewan and Buchardt, 
1989). For overmature Alum Shale outcrop (Gislövshammar), furthermore, the thermal 
maturity determined in this study is in agreement with the thermal maturity (2% VRr) 
previously reported (Buchardt et al., 1986). The TOC contents and thermal maturities 
determined in this study for the samples from the Skelbro-2 are well within the range of 
TOC content (6 - 13%) and thermal maturity (2.3-2.8) previously reported for the 
Skelbro-1 well (Buchardt et al., 1986). For the Cambro-Ordovician Alum Shale from 
southern Sweden, Pool et al. (2012) also reported TOC contents ranging between 3 and 
16% and vitrinite reflectances higher than 1.7%. 
Clay contents ranged between 7.5 and 63.0%. The mixed illite-smectite layers were the 
predominant clay mineral with lesser quantities of chlorite (0 - 3.2%) and kaolinite (0 - 
2.1%). The non-clay compositions consisted mainly of quartz (4.3 – 42.2%), carbonate 
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(0.8 – 85.5%), pyrites and feldspars (1.2 – 22.8%). Calcite was the predominant 
carbonate mineral (0.8 - 85.5%). According to Pool et al. (2012), the mineralogy of the 
overmature samples from the Scandinavian Alum Shale (southern Sweden) mainly 
consists of clay (average 50%), quartz (average 25%) and pyrite (average 10%) with 
low mixed illite-smectite contents. 
4.7.2 Helium pycnometry/expansion measurements 
4.7.2.1 Porosity measurements of unconfined samples by helium 
expansion experiments (He pycnometry) 
 
The porosity values measured under unconfined conditions at dry state are also listed in 
Table 4.2. The analyzed immature and overmature shales from Scandinavian Alum 
Shale were characterised by porosities ranging between 2.5 and 13.7%. 
For a sample suite composed of twelve plugs, Figure 4.5 shows porosity values (dry) at 
different depths of the Skelbro-2 well (Gasparik et al., 2013). The cored succession from 
the Skelbro-2 is generally characterised by porosities ranging between 7.9 and 11.4%, 
however, at a depth of around 26.4 m, the measured porosity values were up to two 
times higher than those measured from the other depths. A possible explanation for this 
observation is dissolution of minerals (section 4.8.1). Figure 4.6 shows the photograph 
of one of the tested sample plugs from this depth with a measured porosity of 20.9%, 
and visible millimetre-sized vugs on the sides of the sample.  
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Figure 4.5: Porosity values measured for the plugs (dry) from the Skelbro-2 well (depths: 9 – 40 m) under 
unconfined conditions (Gasparik et al., 2013, submitted); measured by helium pycnometry technique.  
 
 
Figure 4.6: Photograph of one of the plugs from the Skelbro-2 well (depths: 26.4 m) with visible millimetre-
sized vugs (porosity: 20.9%). 
Experimental study of fluid transport processes in the matrix system of the European organic-rich 
shales: I. Scandinavian Alum Shale 
 
85 
 
6.2.2 Pore volume measurements under controlled effective stress 
Parallel and perpendicular to the bedding, pore volume measurements under controlled 
effectives stress  (pore volume compressibility) were conducted by helium expansion on 
two plugs from the Skelbro-2 well (depth of 26.4 m). The data are presented in Figure 
4.7. As evident from Figure 4.7, parallel to bedding, the void ratio decreased up to 40% 
with increasing effective stress (8-30 MPa). This significant decrease of pore volume 
with effective stress is unexpected for Alum Shale, which is believed to have undergone 
strong compaction during its burial history (Littke et al., 2011).  
 
Figure 4.7: Pore volume values measured for the plugs (dry) from the Skelbro-2 well (depths: 26.4 m) 
under controlled effective stress; parallel and perpendicular to bedding; measured by helium expansion 
technique. 
The plugs analyzed in this study were visually intact with no visible mineralization. 
Although no visible fractures and vugs were detected on the plugs before the tests, 
presence of larger pores/micro-fractures within the pore volume of the plugs cannot be 
excluded. The observed decrease in pore volume with effective stress in the plug 
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analyzed may be attributed to a joint process of the compaction/collapse of 
comparatively larger pores within the pore networks and densification of clay 
aggregates.  
4.7.3 Gas permeability measurements 
4.7.3.1 Apparent gas permeability coefficients ( gask ) 
Perpendicular to bedding, apparent gas permeability coefficients, gask  (He, CH4), 
measured on two plugs from the Skelbro-2 at the depths of 12.4 and 26.4 m are listed in 
Appendix 2 (Table A.2.1). These data are also organized according to confining 
pressure ( .confP ), mean pore pressure ( mP ), effective stress ( eP ), permeating gas, the 
plug number (e.g., Alum#8,┴,dry) and measurement sequence (e.g., Alum#8,┴,dry,1) 
when measurements were repeated on an identical plug. For Skelbro-2, at the depth of 
12.4 m perpendicular to bedding, gask  (He) measured on dry plug ranged between 7 
and 44 nDarcy (7·10-21 and 4.4·10-20 m2), depending on mean pore pressure (0.7 - 3.2 
MPa) and effective stress (8 - 30 MPa). For Skelbro-2, at the depth of 26.4 m 
perpendicular to bedding, gask  (He, CH4) measured on dry sample ranged between 25 
and 177 nDarcy (2.5·10-20 and 1.77·10-19 m2), depending on mean pore pressure (1.2 - 
5.0 MPa), effective stress (8 - 30 MPa) and permeating gas.  
Parallel to bedding, apparent gas permeability coefficients gask  (He, Ar, CH4), 
measured on two plugs (dry and as-received) from the Skelbro-2 at the depth of 12.4 m, 
one plug (dry) from the Skelbro-2 at the depth of 26.4 m and two plugs (dry) from the 
Djupvik and Gislövshammar Formations are listed in Appendix 2 (Table A.2.2). These 
data are organized according to confining pressure ( .confP ), mean pore pressure ( mP ), 
effective stress ( eP ), permeating gas, the plug number (e.g., Alum#2-‖-dry) and 
measurement sequence (e.g., Alum#2-‖-dry-1) when measurements were repeated on 
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an identical plug. These results are plotted in Figures 4.8 - 4.11. For Skelbro-2, at the 
depth of 12.4 m parallel to bedding, gask  (He, CH4) measured on dry and as-received 
plugs ranged between 7 and 185 nDarcy (7·10-21 and 1.85·10-19 m2), depending on 
mean pore pressure (0.7 - 3.2 MPa), effective stress (8 - 30 MPa), permeating gas and 
moisture content. For Skelbro-2, at the depth of 26.4 m parallel to bedding, gask  (He, Ar, 
CH4) measured on dry plug ranged between 2.8 and 8.0 μDarcy (2.8·10
-18 and 8.0·10-18 
m2), depending on mean pore pressure (0.4 - 1.6 MPa), effective stress (8 - 30 MPa) 
and permeating gas. For Djupvik Formation, parallel to bedding, gask  (He, Ar, CH4) 
measured on dry plug ranged between 0.4 and 5 μDarcy (4.0·10-19 and 5.0·10-18 m2), 
depending on mean pore pressure (0.4 – 1.6 MPa), effective stress (8 - 30 MPa) and 
permeating gas. For Gislövshammar Formation, parallel to bedding, gask  (He, CH4) 
measured on dry plug were significantly lower than those measured on other plugs. 
These permeability coefficients ranged between 17 and 60 nDarcy (1.7·10-20 and 
6.0·10-20 m2), depending on mean pore pressure (0.7 – 3.2 MPa), effective stress (8 - 
30 MPa) and permeating gas. 
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Figure 4.8.a: gask  (He) measured on a plug from the Skelbro-2 well; depth: 12.4 m; parallel to bedding; 
dry 
 
Figure 4.8.b: gask  (CH4) measured on a plug from the Skelbro-2 well; depth: 12.4 m; parallel to bedding; 
dry 
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Figure 4.9.a: gask  (He) measured on a plug from the Skelbro-2 well; depth: 12.4 m; parallel to bedding; 
as-received 
 
Figure 4.9.b: gask  (CH4) measured on a plug from the Skelbro-2 well; depth: 12.4 m; parallel to bedding, 
as-received 
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Figure 4.10.a: gask  (He) measured on a plug from the Skelbro-2 well; depth: 26.4 m; parallel to bedding; 
dry 
 
Figure 4.10.b: gask  (Ar) measured on a plug from the Skelbro-2 well; depth: 26.4 m; parallel to bedding; 
dry 
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Figure 4.10.c: gask  (CH4) measured on a plug from the Skelbro-2 well; depth: 26.4 m; parallel to bedding; 
dry 
 
Figure 4.11.a: gask  (He) measured on a plug from the Djupvik Formation; parallel to bedding; dry 
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Figure 4.11.b: gask  (Ar) measured on a plug from the Djupvik Formation; parallel to bedding; dry 
 
Figure 4.11.c: gask  (CH4) measured on a plug from the Djupvik Formation; parallel to bedding; dry 
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4.7.3.2 Klinkenberg-corrected gas permeability coefficients ( k ) 
As evident from Tables A.2.1-A.2.2 and Figures 4.8 - 4.11, in all tested plugs drilled 
parallel and perpendicular to bedding, gask  measured were higher at lower mean pore 
pressures. This observation is due to the slip flow, which was explained in section 4.3.3. 
Based on equation 1 (section 2.1.3), k  were calculated for the samples analyzed at 
effective stresses ranging between 8 and 30 MPa, and using helium, argon and 
methane as permeating gases (Table 4.3, Figures 4.12 - 4.15). 
 
Figure 4.12: k  (He, CH4) measured on a plug from the Skelbro-2 well; depth: 12.4 m; parallel to 
bedding; dry; calculated from Klinkenberg equation (Eq. 4.1). 
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Figure 4.13: k  (He, CH4) measured on a plug from the Skelbro-2 well; depth: 12.4 m; parallel to 
bedding; as-received; calculated from Klinkenberg equation (Eq. 4.1). 
 
Figure 4.14: k  (He, Ar, CH4) measured on a plug from the Skelbro-2 well; depth: 26.4 m; parallel to 
bedding; dry; calculated from Klinkenberg equation (Eq. 4.1). 
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Figure 4.15: k  (He, Ar, CH4) measured on a plug from the Djupvik Formation; parallel to bedding; dry; 
calculated from Klinkenberg equation (Eq. 4.1). 
 
 
Table 4.3: k  (He, CH4) measured on two plugs from the Skelbro-2 well; depths of 12.4 and 26.4 m; 
perpendicular to bedding; dry 
 
Alum#2,┴,dry Alum#8,┴,dry 
.confP = 12 MPa .confP = 30 MPa .confP = 12 MPa .confP = 30 MPa 
k  (He) = 15.7±5 nD 
b  = 1.0 MPa
-1
 
 
k  (He) = 3.6±5  nD 
b  = 3.0 MPa
-1
 
 
k  (He) = 106.3±5 nD 
b  = 0.7 MPa
-1
 
 
k  (He) = 78.7±5 nD 
b  = 0.8 MPa
-1
 
 
k  (CH4) = 41±5  nD 
b  = 2.3 MPa
-1
 
 
k  (CH4) = 14±5  nD 
b  = 4.2 MPa
-1
 
 
 
4.7.4 Water permeability measurements 
For Skelbro-2 at the depth of 12.4 m, intrinsic permeability coefficients measured with 
de-ionized water ( absk ) parallel to bedding were about 5.3 nDarcy (5.3·10
-21 m2) and 2.5 
(2.5·10-21 m2) at effective stresses of 12 and 30 MPa, respectively (Table 4.4). For 
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Skelbro-2 at the depth of 26.4 m, absk  measured in perpendicular to bedding were 
extremely low, ranging between 0.7 nDarcy (0.7·10-21 m2) and 0.6 (0.6·10-21 m2) at 
effective stresses of 12 and 30 MPa (Table 4.4).  
Table 4.4: absk  (water) measured on two plugs from the Skelbro-2 well; depths of 12.4 and 26.4 m; 
perpendicular and parallel to bedding 
 
Sample T  (°C) 
eP  (MPa) absk  (X10
-21
 m
2
) 
Alum#2-‖-dry 45 10.5 5.3±0.8 
45 28.5 2.5±0.8 
Alum#8,┴,dry 45 10.5 0.7±0.8 
45 28.5 0.6±0.8 
 
4.8 Discussion 
For Scandinavian Alum Shale, the range of permeability coefficients measured parallel 
and perpendicular to bedding (0.7·10-21 and 8·10-18 m2) are well within the range 
previously reported for other shales and mudstones (Schloemer and Krooss, 1997; 
Dewhurst et al., 1998; Kwon et al., 2001; Kwon et al., 2004; Yang and Aplin, 2007; 
Yang and Aplin, 2010; Metwally and Sondergeld, 2011). Permeability coefficients are 
strongly dependent on anisotropy, effective stress, moisture content, permeating fluid 
and other sample-to-sample variations. The highest permeability coefficients (up to 8.0 
±0.1 μDarcy) were measured using helium on samples from Skelbro-2 (depth of 26.4 m) 
for flow parallel to bedding at effective stress of about 8 MPa. The lowest permeability 
coefficients (down to 0.6±0.8 nDarcy) were measured using de-ionized water on plugs 
from Skelbro-2 (depth of 26.4 m) for flow perpendicular to bedding at an effective stress 
of 30 MPa. 
4.8.1. Effect of heterogeneity 
For the Skelbro-2 well, permeability coefficients measured parallel and perpendicular to 
bedding at the depth of 26.4 m were significantly, up to one order of magnitude, higher 
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than those measured at the depth of 12.4 m. Porosity values measured at the depth of 
26.4 m were, furthermore, higher than those measured at the depth of 12.4 m.  
There are several thin layers within the Skelbro-2 well which are associated with high 
sonic log velocities and low gamma ray values (Baumann-Wilke et al., 2012). According 
to Baumann-Wilke et al. (2012), these thin layers which are at approximate depths of 
21, 26 and 36 m are most likely inclusions of diagenetic limestone. The millimeter-sized 
vugs observed on one of the plugs from the depth of 26.4 m may be attributed to 
dissolution of these limestone inclusions by water influx. However, the detailed 
information on water-flow zones within the Skelbro-2 well is very limited. Nevertheless, 
Schovsbo et al. (2011) observed several major and minor water-flow zones within the 
Billegrav-2 well, which was drilled on Bornholm in 2010 and completely penetrated the 
Alum Shale.  
The micro-fractures and vugs, if present, could play an important role in the fluid 
conductivity of the samples collected from these depths. Although no micro-fracture 
and/or vug were observed on the plugs analyzed from the depth of 26.4 m, presence of 
sub-micron-sized micro-fractures within the plugs cannot be excluded. Therefore, to 
what extent the higher permeability coefficients measured at this depth could be 
attributed to the presence of such micro-fractures is not yet clear. 
4.8.2 Anisotropy of permeability 
In fine-grained sedimentary rocks including shales, permeability coefficients measured 
parallel to bedding are commonly larger than those measured perpendicular to bedding. 
This directional dependence of permeability is being referred as “permeability 
anisotropy”. The orientation of minerals and pores/cracks along a preferential direction, 
as the result of sediment deposition and/or diagenesis, is one of the main sources of 
permeability anisotropy (Georgi et al., 2002; Kwon et al., 2004; Metwally and 
Sondergeld, 2011). Particularly in shales, the permeability anisotropy is strongly related 
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to the microstructure (bedding/lamination planes), pre-existing micro-fractures and 
orientation of clays (Kwon et al., 2004; Pathi, 2008). 
For the Skelbro-2 well, k  (He) measured in the dry state at the depth of 12.4 m 
parallel to bedding were up to more than one order of magnitude higher than those 
measured perpendicular to bedding (Tables A.2.1- 2, Figure 4.12). At the depth of 26.4 
m, in the dry state, k  (He, CH4) measured parallel to bedding were furthermore up to 
more than one order of magnitude higher than those measured perpendicular to 
bedding (Tables A.2.1-2; Figure 4.14). Comparable degrees of permeability anisotropy 
have been reported for other shales and mudstones (Kwon et al., 2004; Yang and Aplin, 
2007; Yang and Aplin, 2010; Metwally and Sondergeld, 2011; Chalmers et al., 2012). 
For illite-rich (40 - 65%) shale samples from Wilcox Shale with permeability coefficients 
ranging between 0.3 and 300 nDarcy (0.3·10-21 - 3·10-19 m2), Kwon et al. (2004) 
observed that permeability coefficients measured parallel to bedding were about one 
order of magnitude higher than those measured perpendicular to bedding ( eP  
= 30 
MPa). For a number of deeply buried mudstone samples with permeability coefficients 
ranging between 0.24 and 950 nDarcy (2.4·10-22 - 9.5·10-19 m2) and clay contents 
ranging between 18 and 66%, Yang and Aplin (2007) reported permeability coefficients 
measured parallel to bedding were up to more than one order of magnitude higher than 
those measured perpendicular to bedding (24 < eP  
< 26.3 MPa). For quartz- and clay-
rich (40%>) shale samples from Western Canadian Sedimentary Basin with 
permeability coefficients ranging between 0.9 nDarcy and 95 μDarcy (9.0·10-22 - 
9.5·10-17 m2), Pathi (2008) observed that the permeability coefficients measured parallel 
to bedding were up to four orders of magnitude higher than those measured 
perpendicular to bedding (3.5 < eP  
< 28 MPa). Pathi (2008), furthermore, reported that 
for quartz-rich (65%>) shale samples from Woodford Shale with permeability 
coefficients ranging between 0.6 nDarcy and 23 μDarcy (6.0·10-22 - 2.3·10-17 m2), the 
permeability coefficients measured parallel to bedding were up to two orders of 
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magnitude higher than those measured perpendicular to bedding (3.5 < eP  
< 28 MPa). 
According to Pathi (2008), the permeability anisotropy in clay-rich samples with well-
developed oriented fabrics could be more significant than in quartz-rich samples with 
random orientation of the fabric. 
4.8.3 Effect of moisture on permeability 
Fluid conductivity through pore throat network of shale and mudrocks could be affected 
by the presence of moisture. The occupation of pore throats by interlayer water 
molecules may diminish the surface area of pore throats and connected pore volume, 
and in consequence, permeability (Ross and Bustin, 2007). It is possible to, very 
roughly, estimate the minimum surface area occupied by the interlayer water molecules. 
Considering a pore throat with an average diameter of 10 nanometer which is a typical 
pore throat diameter encountered in shales matrix (Sakhaee-pour et al., 2011), mono-
layered bonded water molecules, which have a diameter of about 0.4 nanometer (Ryan, 
2006), could decrease the accessible surface area to the permeating gas considerably, 
up to about 15%. This is, however, an underestimation, since water molecules may be 
bound/adsorbed to the pore throats in multi-layers rather than mono-layers (Ryan, 
2006). 
For the Skelbro-2 well at the depth of 12.4 m, parallel to bedding, k  (He, CH4) 
measured on dry sample were up to six times higher than those measured on as-
received sample, depending on effective stress (Figures 4.12 and 4.13). The effect of 
moisture on permeability coefficients ( gask , k ) became more significant as effective 
stress increased (Figures 4.12 and 4.13). For the “as-received” plug analyzed (Alum#2-
‖-ar), the moisture content was determined on another plug of the same core that was 
dried at 105 °C (vacuum, overnight). Based on the measured moisture content (1.1% 
wt/wt, on as-received basis) and the weight of the “as-received” plug (Alum#2-‖-ar), the 
water-filled pore volume was determined, assuming a water density of 1 g/cm3. 
Considering the calculated water-filled pore volume and the dry porosity (8.9 %) 
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measured on the dry plug (Alum#2-‖-dry), the “as-received” porosity is estimated to be 
around 5.7 % for the tested “as-received” plug. Evidently the presence of 1.1% (wt/wt, 
on as-received basis) moisture in the as-received plug resulted in a substantial 
decrease of dry porosity, and thus, permeability. To what extent this reduction in 
porosity/pore volume is associated with the reduction in connected pore throats volume 
is, however, not clear. 
4.8.4. Stress dependence of permeability 
Stress dependence of permeability is important because: 1) during production pore 
pressure decreases and yields to an increase in effective stress; and 2) any change in 
the depth of the reservoir induces a change in the effective stress, and thus, 
permeability. The permeability coefficients of the samples that are more sensitive to 
effective stress exhibit a steeper decline curve during production compared to those 
which are less sensitive (Pathi 2008; Metwally and Sondergeld, 2011; Chalmers et al., 
2012).  
The permeability decrease with increasing effective stress is commonly attributed to a 
volume reduction of the connected pore throat system, and therefore, is controlled by 
the characteristics of the pore network system and mineralogy (Metwally and 
Sondergeld, 2011; Chalmers et al., 2012). For organic-rich Devonian shale samples 
from the Horn River and Liard basins in northeastern British Columbia (Canada), 
Chalmers et al. (2012), observed that the stress dependence of permeability could be, 
furthermore, dependent on the degree of anisotropy. They observed that the 
permeability coefficients of the samples that exhibited higher degrees of anisotropy 
(determined by microscopy) were more sensitive to effective stress than those with 
lower degrees of anisotropy (Chalmers et al., 2012). According to Chalmers et al. 
(2012), at a constant effective stress, samples with higher permeability coefficients are 
likely to be more sensitive to variations in effective stress. 
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Among the sample suite studied, the rate of permeability reduction with increasing 
effective stress was significantly dependent on moisture content. The reduction rate 
was, however, independent of the type of permeating fluid. The most significant 
permeability reduction with effective stress was observed for the as-received sample 
(up to 80%), compared to those which were dried before the tests.  
All samples drilled parallel to bedding showed a nonlinear reduction in permeability with 
increasing effective stress. For coals and shales, the stress dependence of permeability 
is well described by an exponential relationship (Pathi et al., 2008; Kwon et al., 2004; 
Metwally and Sondergeld, 2011; Pan et al., 2010; Chalmers et al., 2012): 
)exp(0 ePkk   
Here k  denotes the permeability under effective stress, 0k  represents the permeability 
at atmospheric pressure and   is the slope of the curve. For those samples in which 
the sensitivity of permeability coefficients to effective stress was tested, the slope of the 
exponential line of best fit (  in equation 10) within the effective stress range between 
5 and 30 MPa are shown in Figures 4.8 - 4.15. The steeper the slope of the line (larger 
  value), the more sensitive the permeability of sample is to variation in effective 
stress. Among the sample suite studied, the permeability sensitivity to effective stress 
was strongly dependent on moisture content. 
4.8.5 Effect of load cycling 
One of the tested samples (Alum#8-‖-dry) was subjected to cyclic increases and 
decreases in effective stress to investigate the effect of load cycling on measured 
permeability coefficients. As evident in Figure 4.16, for the plug analyzed, measured k  
(He) did not show a hysteresis and path-dependent behaviour under different loading 
and unloading paths, presumably due to the elastic response of connected pore 
network of the tested sample to the applied stress. 
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Figure 4.16: k  (He) measured on a plug from the Skelbro-2 well under cyclic increase and decrease of 
effective stress; depth:  26.4 m; parallel to bedding; dry; Calculated from the Klinkenberg equation (Eq. 
4.1). 
4.8.6 Effect of permeating fluid 
4.8.6.1 Comparison of gas permeability coefficients ( gask , k ) measured by 
helium, argon and methane 
Previous laboratory studies showed that for coals permeability coefficients may vary 
with permeating fluids. Permeability coefficients were reported to decrease in the order 
He > N2 > CH4 > CO2 > H2O (Massaroto, 2002; Sereshki, 2005; Han et al., 2010a; Pan 
et al., 2010). Particularly, for coals with higher contents of organic matter compared to 
organic-rich shales, the permeability coefficients measured using sorbing gases (CH4, 
CO2) may be significantly smaller than those measured using non-sorbing gases (He, 
Ar, N2), due to sorption-induced swelling/shrinkage (Pini et al., 2009; Pan et al., 2010; 
Experimental study of fluid transport processes in the matrix system of the European organic-rich 
shales: I. Scandinavian Alum Shale 
 
103 
 
Chen et al., 2011). In general, the previous studies declared that for coals variation in 
permeability coefficients are mainly due the viscosity of permeating fluid, the wettability 
of coal to permeating fluid, the coal swelling/shrinkage induced by sorption, and the slip 
flow effect (Pini et al., 2009; Han et al. 2010a; Pan et al., 2010; Saghafi et al. 2010; 
Chen et al., 2011; Pan and Connell, 2012).   
The size of the gas molecules is one of the factors that control the mean free path of the 
gases, and therefore, slip flow. Slip flow becomes more dominant as the size of the gas 
molecules decreases. In addition, compared to coals, slip flow is more dominant in 
shales, which are typically characterized by nanometer pore throats. It has been, 
furthermore, discussed that the smaller permeability coefficients measured using argon 
and methane could be partially due to the larger molecular diameters of these gases as 
compared to helium, i.e. molecular sieving effects (Ross and Bustin 2007; Cui et al., 
2009; Letham, 2011). The molecular diameters of argon and methane are significantly 
larger (0.37 and 0.38 nm, respectively), than those for helium (0.28 nm), which may 
prevent the molecules of these gases to flow through extremely small pore throats 
accessible to helium. Nevertheless, it has been even observed in some cases that 
permeability coefficients measured using sorbing gases were higher than those 
measured by non-sorbing gases (Mazumder et al., 2006; Robertson and Christiansen, 
2007; Mazumder and Wolf, 2008; Chen et al., 2011; Pan and Connell, 2012). 
Similar to the results previously reported for coals (Massaroto, 2002; Sereshki, 2005; 
Han et al., 2010a; Pan et al., 2010; Saghafi et al. 2010), for all sample tested 
perpendicular and parallel to bedding, gask  and k  measured using helium were 
consistently, up to five times, higher than those measured using argon and methane 
under similar experimental conditions. The observed permeability reduction is more 
likely due to the enhanced slip flow associated with helium as permeating fluid.  
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The Knudsen number ( nK ) is a widely recognized dimensionless parameter that 
quantifies the degree of slip flow/diffusion encountered in gas flow through small pore 
throats (Javadpour et al., 2007). It is defined as the ratio of the gas mean free path ( ) 
and the pore throat diameter ( d ):  
d
Kn

  
Where λ is defined as (Javadpour et al., 2007):  
P
TKB
22
   
Here BK  is the Boltzmann constant (1.3805·10
-23J/K), T  is temperature (K), P  is 
pressure (Pa) and   is the collision diameter of the gas molecule. Table 4.5 lists the 
kinetic molecular diameters of typical gases encountered in shale gas sediment and/or 
used in laboratory measurements to determine permeability coefficients. 
 
Table 4.5: Kinetic diameter of different gas molecules from the van der Waals equation and various 
references (
1
Javadpour et al., 2007; 
2
Sodergeld et al., 2010; 
3
Inagaki et al., 1994; 
4
Hirschfelder et al., 
1954). 
 
Gas type Collision diameter van der Waals spherical diameter Molecular diameter 
He 0.28 nm 
[1]
 0.356 nm 
[2]
 0.265 nm 
[3]
, 0.256 nm 
[4]
 
Ar 0.37 nm 
[2]
 0.395 nm 
[2]
 0.294 nm 
[3]
, 0.340 nm 
[4]
 
CH4 0.38 nm 
[1]
 0.434 nm 
[2]
 0.380 nm 
[3]
, 0.382 nm 
[4]
 
CO2 0.45 nm 
[1]
 0.434 nm 
[2]
 0.323 nm 
[3]
, 0.407 nm 
[4]
 
 
Fluid flow mechanisms in the matrix system of fine-grained sedimentary rocks including 
shales vary based on the Knudsen number. At low Knudsen numbers ( nK  < 0.001), the 
continuum flow regime prevails, while at higher Knudsen numbers between 0.001 and 
0.1 the slip flow regime becomes more dominant. As the Knudsen number increases 
(0.1 < nK ), the transitional flow regime from slip flow to diffusion flow develops which 
finally ends up with diffusive flow at Knudsen numbers higher than 10. Figure 4.17 
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shows the Knudsen numbers of helium, argon and methane at temperature of 45 °C as 
a function of pressure (0-10 MPa) and pore throat diameters ranging between 1 and 
1000 nm. Different regimes of fluid flow depending on the Knudsen number are, 
furthermore, shown in Figure 4.17.  
Considering the typical pore throat diameters encountered in the matrix of organic-rich 
shales ranging between 1 and 100 nm (Sakhaee-pour et al., 2011), the dominant gas 
flow regimes in the matrix of the shale samples are most likely to be slip and transitional 
flow (0.001 < nK  < 10) under laboratory conditions, as well as within the field conditions 
of the productive gas shale plays (Freeman et al., 2011). At given pressure and pore 
throat diameters, the Knudsen number, and thus slip flow, increases in the order of CH4 
< Ar < He which agrees with the increase of the permeability in the order CH4 < Ar < He 
(Figures 4.12 - 4.15). The Knudsen number decreases with increasing pressure and 
pore throat diameter. 
 
Figure 4.17: Knudsen numbers for permeating gases (He, Ar, CH4) as a function of pressure and pore 
throat size at 45 °C. Black, green and red dots denote He, Ar and CH4, respectively. 
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4.8.6.2 Comparison of Klinkenberg-corrected gas ( k ) and intrinsic (water) 
permeability coefficients ( absk )  
For the Skelbro-2 well at the depth of 12.4 m, parallel to bedding, absk  (water) 
measured at effectives stresses of 12 and 30 MPa were up to one order of magnitude 
lower than k  (He, CH4) measured under similar experimental conditions. At the depth 
of 26.4 m, perpendicular to bedding, absk  (water) measured at effectives stresses of 12 
and 30 MPa were significantly, up to three orders of magnitude, lower than k  (He, 
CH4) measured under similar experimental conditions.  
Possible explanations for the observed discrepancy between absk  and k  include the 
“swelling of clay minerals”, “structured water on surface of minerals” and “enhanced 
compaction due to water”. The XRD analyses revealed that for the tested samples the 
contents of swelling clay minerals (e.g. smectite) were very low to negligible. 
Considering these low smectite contents, and the fact that the smectite layers are 
distributed among the other mineral phases within the matrix of shales, the clay swelling 
mechanism is unlikely to result in the observed permeability reduction. The observed 
reduction in water permeability coefficients of the shale samples is most likely attributed 
to thin films of structured water on mineral surfaces and/or the enhanced compaction of 
the samples upon introduction of water. More detailed experimental investigations are, 
however, required to confirm these assumptions.  
4.8.7 Effect of pore pressure 
At a given effective stress, the measured gask  (He, CH4) within the nDarcy-range 
(Figures 4.8 and 4.9) showed a strong dependence upon the pore pressure, particularly 
at pore pressures less than 2.2 MPa. In general, for shales and mudstones the range of 
pore pressures, in which the gas slippage phenomenon (slip flow) becomes the 
dominant flow mechanism, is considerably larger than those for coals and tight gas 
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sandstones. This observation is mainly due to the smaller pore throat sizes of these 
rocks. Similar to the results previously reported for coals (Pan et al., 2010), the effect of 
pore pressure (slip flow) on gask  (He, CH4) became less significant, as effective stress 
increased (Figures 4.8 and 4.9). The reduced effect of pore pressure on measured gask  
(He, CH4) with increasing effective stress was more evident for as-received samples 
than for dry samples. At an effective stress of 30 MPa, gask  (He, CH4) measured on as-
received samples (Figure 4.9) in mean pore pressures ranging between 0.7 and 3.2 
MPa were more closer to each other  than those measured on dry sample (Figure 4.8).  
These results are, in particular, important for low pressure shale gas reservoirs such as 
the Antrim and New Albany, where typical initial reservoir pressures are between 2.1 
and 4.1 MPa (Curtis, 2002, Letham, 2011), and reservoir pressures as low as 1.0 MPa 
have been reached during the final stages of production (Martini et al., 2003; Letham, 
2011). During production of these reservoirs, the reservoir pressure (mean pore 
pressure) drops, inducing an increase in slip flow accompanied by an increase in 
effective stress.  The implication of these results are important for reservoir modeling 
showing that care should be taken to account for the evolution of permeability 
coefficients over the pressure range of production. It is, nevertheless, necessary to note 
that not all shale gas reservoirs have initial pressures as low as those for the Antrim and 
New Albany, and only under certain circumstances will the evolution of permeability 
coefficients over the pressure range of production affect the outcome of a model (Bustin 
et al., 2008; Letham, 2011). 
4.9 Conclusions 
This contribution presents results from a laboratory study on the matrix fluid transport 
properties of the organic-rich shales from the Scandinavian Alum Shale. The effects of 
different controlling factors/parameters on the conductivity including heterogeneity, 
anisotropy, moisture content, effective stress, permeating fluid, pore pressure and load 
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cycling were analysed and discussed. Based on our observations, the following 
conclusions can be drawn: 
 For the Skelbro-2 well, permeability coefficients measured parallel and perpendicular 
to bedding at the depth of 26.4 m were significantly, up to one order of magnitude, 
higher than those measured at the depth of 12.4 m. Porosity values measured at the 
depth of 26.4 m were, furthermore, higher than those measured at the depth of 12.4 
m. These observations may be attributed to the presence of micro-fractures and 
vugs, induced from dissolution of limestone inclusions by water influx. 
 For plugs from the Skelbro-2 well (26.4 m depth) drilled parallel and perpendicular to 
the bedding, pore volumes decreased substantially, up to 40%, with increasing 
effective stress (8 - 30 MPa). 
 For the Skelbro-2 well at the depths of 12.4 and 26.4 m, k  (He, CH4) measured in 
dry state parallel to bedding were up to more than one order of magnitude higher 
than those measured perpendicular to bedding.  
 For the Skelbro-2 well at the depth of 12.4 m, parallel to bedding, k  (He, CH4) 
measured on dry sample were up to six times higher than those measured on “as-
received” sample, depending on effective stress. The effect of moisture on 
permeability coefficients ( gask , k ) became more significant as effective stress 
increased. 
 All samples drilled parallel to bedding showed a nonlinear reduction in permeability 
with increasing effective stress. The stress dependence of permeability could be well 
described by an exponential relationship. 
 Among the sample suite studied, the rate of permeability reduction with increasing 
effective stress was significantly dependent on moisture content. The reduction rate 
was, however, independent of the type of permeating gas (He, Ar, CH4). The most 
significant permeability reduction with effective stress was observed for the “as-
received” sample (up to 80%), compared to those which were dried before the tests.  
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 For all plugs tested perpendicular and parallel to bedding, gask  and k  measured 
with helium were consistently, up to five times, higher than those measured with 
argon and methane under similar experimental conditions. 
 absk  (water) measured were significantly, up to three orders of magnitude lower than 
k  (He, CH4) measured under similar experimental conditions. 
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5. Experimental study of fluid transport processes in 
the matrix system of the European organic-rich 
shales: II. Posidonia Shale (Lower Toarcian, northern 
Germany)  
 
Keywords: Shale gas, Posidonia Shale; Permeability; Porosity 
 
5.1 Abstract 
A laboratory study has been conducted to investigate the transport of gases (He, Ar, 
CH4) and water in the matrix of Lower Toarcian Posidonia shale samples from three 
shallow boreholes in northern Germany. The maturity of the organic matter of the shale 
samples ranged between 0.53 and 1.45% vitrinite reflectance (VRr). The measurements 
were performed at effective stresses ranging between 6 and 37 MPa and a temperature 
of 45°C. The effects of different controlling factors/parameters including maturity, 
anisotropy, moisture content, effective stress and permeating fluid on the fluid 
conductivity were analysed. 
Permeability coefficients measured perpendicular and parallel to bedding (3·10-22 - 
9.7·10-17 m2) were within the range previously reported for other shales and mudstones. 
They exhibited a strong dependence on maturity, anisotropy, moisture content, effective 
stress and permeating fluid. Among the sample suite studied, the overmature samples 
from the Haddessen well had the highest permeability coefficients. The lowest porosity 
and permeability coefficients were measured on samples of intermediate thermal 
maturity (0.88% VRr, oil-window). Permeability coefficients with He and CH4 measured 
parallel to bedding were up to more than one order of magnitude higher than those 
measured perpendicular to bedding. Permeability coefficients (He, CH4) measured on a 
dry sample were up to two times higher than those measured on a sample in the “as-
received” moisture condition. All samples drilled parallel to bedding showed a nonlinear 
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reduction in permeability with increasing effective stress (6 to 37 MPa). The stress 
dependence of permeability could be described by an exponential relationship. The 
permeability anisotropy and stress dependence of permeability appeared, furthermore, 
to be controlled by the mineralogy. The permeability coefficients measured using helium 
as permeating gas were consistently, higher (up to two times) than those measured 
using argon and methane. Permeability coefficients measured with water were up to 
three orders of magnitude lower than Klinkenberg-corrected gas permeability 
coefficients measured with helium and methane under similar experimental conditions.  
5.2 Introduction 
Unconventional gas reservoirs are currently viewed as new and potentially abundant 
energy resources, and exploration activities to exploit these reservoirs are increasing 
worldwide (Curtis, 2002; Jenkins and Boyer, 2008). Shale gas reservoirs are 
unconventional hydrocarbon plays that are composed of a lithologically diverse group of 
fine-grained sedimentary rocks including shales, mudstones, marlstones, siliceous 
shales, limestones and siltstones (Javadpour et al., 2009; Littke et al., 2011; Chalmers 
et al., 2012). Despite considerable gas-in-place (GIP) estimations for shale gas plays, 
these complex, heterogeneous reservoirs require innovative exploration and completion 
strategies to produce natural gas economically (Chalmers et al., 2012). Economic gas 
flow rates in these reservoirs, which commonly have permeability coefficients down to 
the nDarcy-range, are still technically difficult to achieve, partially due to the poor 
understanding of the fluid transport processes in these lithotypes (Amann-Hildenbrand 
et al., 2012; Chalmers et al., 2012; Eseme et al., 2012; Swami and Settari, 2012). 
Gas transport in fine-grained sedimentary rocks (shales) involves a combination of 
desorption and diffusion within the micro-pores (< 2 nm) and Darcy flow (pressure-
driven volume flow) within the macro-pores (> 50 nm) towards micro-fractures and the 
fracture network system (Schloemer and Krooss, 1997; Amann-Hildenbrand et al., 
2012; Chalmers et al., 2012). The meso-pores are commonly considered the transitional 
zone with a combination of diffusion and Darcy flow (Chalmers et al., 2012). Gas 
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diffusion in the matrix of shales is controlled by the partial pressure of the gas and the 
characteristics of the pore system including pore throat diameters and pore size 
distribution (Javadpour et al., 2007; Javadpour et al., 2009; Amann-Hildenbrand et al., 
2012; Chalmers et al., 2012). Darcy flow of gas in the matrix system of shales is 
strongly affected by the presence of other fluid phases (water) and capillary processes 
with multi-fluid-phase systems. Darcy flow of the non-wetting (gas or hydrocarbon) 
phase occurs only when the capillary entry pressure is exceeded (Schloemer and 
Krooss, 1997; Amann-Hildenbrand et al., 2012). Capillary entry pressures in shale gas 
reservoirs depend on pore size distribution, hydrocarbon-water interfacial tension, and 
wettability (Amann-Hildenbrand et al., 2012; Chalmers et al., 2012). 
Fluid conductivity in the pore network of shales is attributed to the conductivity of the 
shale matrix and fracture systems. From a commercial shale gas production 
perspective, however, fractures are considered to be the principal avenues for 
producing gas, due to the lower permeability of the shale matrix compared to the 
fracture system. Nevertheless, some of the previous studies have shown that, even in 
the presence of hydraulic fractures, the phenomenon limiting the long-term gas 
production in shale gas plays is fluid transport in the matrix (Bustin et al., 2008; Bustin 
and Bustin, 2012; Swami and Settari, 2012). The importance of the fluid transport 
properties in the matrix of shales has been previously emphasized in shale gas 
reservoir models (Luffel et al., 1993; Mayerhofer et al., 2006; Bustin et al., 2008; 
Kalantari-Dahaghi, 2011; Bustin and Bustin, 2012) and a number of mathematical 
models have been developed to characterize the fluid transport phenomena in the 
matrix of shales (Cui et al., 2009; Fathi and Akkutlu, 2009; Javadpour et al., 2009; 
Cipolla et al., 2010; Freeman et al., 2011). Nevertheless, very few studies have 
experimentally investigated the fluid flow mechanisms in the matrix of organic-rich 
shales, and the characteristics of fluid flow processes within the fracture and matrix 
systems of these lithotypes are still poorly understood (Luffel et al., 1993; Pathi, 2008; 
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Metwally and Sondergeld, 2011; Chalmers et al., 2012; Chalmers and Bustin, 2012; 
Tinni et al., 2012). 
This contribution presents results from a laboratory study investigating the fluid 
transport properties in the matrix system of the Lower Toarcian Posidonia Shale in the 
Hils Syncline area, northwest Germany. In this area, the Posidonia Shale is considered 
as one of the possible shale gas targets, the others being Mississippian siliceous shales 
(Uffmann et al., 2012) and Lower Cretaceaous claystones and marlstones (Berner et 
al., 2010). Single-phase fluid (gas/water) flow experiments were conducted within the 
frame of the GASH Project (www.gas-shales.org). The primary objective was to improve 
the quantitative understanding of fluid (gas/water) transport processes within the matrix 
system of low- to extremely low-permeable shales, with permeability coefficients down 
to the nDarcy-range ( k = 10-21 m2). Gas (He, Ar, CH4) and water flow properties were 
determined at effective stresses ranging between 8 and 37 MPa. The effects of different 
controlling factors/parameters on the fluid conductivity including maturity, anisotropy, 
effective stress and permeating fluid were analysed and discussed. 
5.3 Theory 
Fluid transport in the hydraulic fractures, micro-fractures and matrix system of organic-
rich shales occurs within different characteristic time and length scales during 
production. These flow mechanisms, in general, include turbulent non-Darcy flow in 
hydraulic fractures, Darcy flow in micro-fractures and macro-pores, slip flow in macro- , 
meso- and micro-pores and diffusion in micro-pores. Detailed description of fluid flow 
mechanisms within the fracture and matrix systems of commercial shale gas plays is 
explained elsewhere (Javadpour et al., 2007, 2009).  
Darcy flow (pressure-driven volume flow) is the typical mechanism of fluid transport 
within the micro-fractures, macro- and meso-pores of organic-rich shales. Fluid 
transport in the matrix of shales with typically micro- and meso-pore throats is often 
affected by slip flow (Klinkenberg effect) resulting in deviations from Darcy’s law. Slip 
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flow is a non-Darcy flow mechanism associated with non-laminar flow of gases in fine-
grained sedimentary rocks including shales. This phenomenon occurs when the 
average diameter of pore throats in porous media approaches the mean free path of the 
gas molecules and therefore, causing the velocity of individual gas molecules to 
accelerate (slip) when contacting pore walls (Klinkenberg, 1941; Soeder, 1988; Rushing 
et al., 2004; Tanikawa and Shimamoto, 2009; Amann-Hildenbrand et al., 2012). 
Klinkenberg documented this phenomenon systematically and demonstrated that the 
measured (apparent) permeability to gas is a function of mean pore pressure. Based on 
the Klinkenberg phenomenon, the apparent gas permeability coefficients, gask , 
approaches a limiting value at infinite mean pore pressure. This limiting permeability 
value, which is commonly referred to as the Klinkenberg-corrected permeability, is 
calculated from the straight-line intercept on a plot of measured (apparent) gas 
permeability coefficients versus the reciprocal mean pore pressure (Klinkenberg plot). In 
the Klinkenberg Equation, k
 
is the Klinkenberg-corrected permeability and b  is the 
gas slippage factor. 
)1(
m
gas
P
b
kk    
5.4 Posidonia Shale as natural laboratory 
While no commercial shale gas production is currently known outside North America, 
many parts of Europe contain potential targets for shale gas exploration (Horsfield et al., 
2008; Littke et al., 2011). The project “Shale Gas in Europe (GASH)” is the first 
European multidisciplinary and multinational shale gas initiative, which is conducted by 
research institutes, geological surveys and universities and funded by a consortium of 
oil and gas companies. GASH was launched in October 2009 to address the European 
shale gas potentials (Horsfield et al., 2008). One of these potential targets is the 
Posidonia Shale of northern Germany (Horsfield et al., 2008; Littke et al., 2011; Bernard 
et al., 2011; Bruns et al., in press). 
(5.1) 
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The Lower Toarcian Posidonia Shale is considered as one of the most widespread and 
economically important petroleum source rocks of Western Europe with high oil- and 
gas-generating potential (Tissot and Welte, 1984; Vandenbroucke et al., 1993). It is 
organic-rich with lateral variations in thermal maturity (immature to highly overmature; 
Bruns et al., in press). According to the geochemical guidelines of Jarvie et al. (2007), 
only at high maturity levels (>1.4% vitrinite reflectance; VRr) the Posidonia Shale fulfils 
the empirical organic geochemical criteria, which label it as a candidate for production of 
thermogenic shale gas (Bernard et al., 2011). 
The Lower Toarcian Posidonia Shale has been the focus of scientific interest for many 
years for its source rock properties including sedimentology (Littke et al., 1991a; Röhl et 
al., 2001; Schmid-Röhl et al., 2002), stratigraphy (Frimmel et al., 2004; Schwark and 
Frimmel, 2004), petrology and geochemistry (Leythaeuser et al., 1988; Littke et al., 
1988; Rullkötter and Marzi, 1988; Mann and Müller, 1988; Rullkötter et al., 1988; Littke 
et al., 1991a,b; Vandenbroucke et al., 1993; Wilkes et al., 1998) and fluid inclusions 
(Jochum et al., 1995a,b). Recently, due to the strongly increasing shale gas research 
and exploration, geochemical properties (Bernard et al., 2011), pore morphology 
characteristics (Klaver et al., 2012) and mineralogy (Kanitpanyacharoen et al., 2012) of 
the Posidonia Shale have been investigated in more detail. Nevertheless, the fluid 
transport properties of the Posidonia Shale are still poorly understood and have 
previously only been investigated for immature samples (Eseme et al. 2006, 2012). To 
the best of our knowledge, this study is the first attempt to characterize the fluid 
transport properties within the matrix system of the Posidonia Shale, covering a large 
maturity range (0.53 - 1.45% VRr). 
The Lower Toarcian Posidonia Shale was deposited in an epicontinental sea of 
moderate depth, most likely as a consequence of a widespread oceanic anoxic event 
(Jenkyns, 1988), extending from the Yorkshire Basin (UK) over the Lower Saxony Basin 
and the southwest German Basin into the Paris Basin during the Lower Toarcian (Littke 
et al., 1991a; Bernard et al., 2011). The Posidonia Shale in the Hils Syncline area 
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(Figure 5.1) is approximately 35 m thick and subcrops at relatively shallow depth over a 
500 km2 area (Klaver et al., 2012). It displays a threefold stratigraphic subdivision: lower 
marlstone, middle calcareous shale and upper calcareous shale (Littke et al., 1991a). 
Based on vitrinite reflectance analysis (Littke et al., 1988), the Posidonia Shale shows 
progressive levels of increasing thermal maturation from the Wickensen (0.53% VRr) to 
the Haddessen (1.45% VRr) well. 
The lateral variations in maturity level of the Posidonia Shale have been related to 
different phenomena/factors. The high maturity level of the Posidonia Shale, on one 
hand, could be attributed to the accelerated coalification caused by lateral heat transfer 
from a large intrusive body of presumed Turonian age, the “Vlotho Massif” (Rullkötter et 
al., 1988; Jochum et al., 1995a,b). This intrusive body is believed to have been 
emplaced at the beginning of the inversion of the Lower Saxony Basin and to be at a 
present depth of about 5-6 km (Rullkötter et al., 1988). According to Petmecky et al. 
(1999) and based on numerical simulations, however, the presence of a stable high 
temperature regime due to deep burial since the Cretaceous, coupled with ascending 
brine fluids, might be the ultimate cause for the maturation anomalies in major parts of 
the southern Lower Saxony Basin, rather than a relatively shallow (5 - 6 km) magmatic 
intrusion. The elevated maximum present-day heat flows, hydrothermal mineralization 
and the hot springs at several locations along the southern rim of the Lower Saxony 
Basin represent further evidence for this high temperature regime (Petmecky et al., 
1999). According to these authors, the tectonic situation of the area has been the 
controlling factor on this long-lasting regime of elevated temperatures. Experimental 
results of Bernard et al. (2011) also suggest that the variation in the maturity level of the 
Lower Toarcian Posidonia Shale may be affected by hydrothermal fluids, either 
associated with late stages of cooling of an intrusive body or in a deep burial setting.  
5.5 Samples 
A total of ten plugs were analyzed in this study. These plugs were drilled from core 
materials obtained from three research wells (Wickensen, Harderode, Haddessen) in 
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Hils Syncline area. Six research wells, drilled in the 1980s along the western flank of the 
Hils half-graben, completely penetrated the Posidonia Shale of the Hils Syncline, 
covering the maturity range between 0.48 and 1.45% VRr (Figure 5.1).  
 
 
Figure 5.1: Geological setting of the Hils Syncline area, south of Hannover, northern Germany (after 
Klaver et al., 2012). Vitrinite reflectances from well data are plotted as dots after Littke et al. (1988): 
Wenzen (0.48%), Dielmissen (0.68%; not studied here), Harderode (0.88%) and Haddessen (1.45%). 
Note: well Wickensen is situated just northwest of Wenzen with a thermal maturity of 0.53% VRr. 
 
The maturation levels of the Posidonia Shale samples were previously determined by 
Littke et al. (1988) for the four initial wells Wenzen (0.48% VRr), Dielmissen (0.68% 
VRr), Harderode (0.88% VRr), and Haddessen (1.45% VRr; see Figure 5.1). Two wells 
were drilled later (Dohnsen and Wickensen), of which Wickensen is situated close to 
Wenzen, covering a more complete, thicker Posidonia Shale sequence than the 
adjacent well Wenzen at similar maturity (0.53% VRr; Littke et al., 1991a). The vitrinite 
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reflectance results are average values based on a large number of measurements on 
dozens of samples per well. These results are in good accordance with organic 
geochemical maturity parameters such as Rock-Eval, Tmax and HI values (Rullkötter et 
al., 1988). The latter parameters suggest that the Wickensen core contains immature 
kerogen (average HI about 700 mg hc/g TOC; Littke et al., 1991a), whereas the 
Harderode core has reached peak oil generation (average HI 363 mg hc/g TOC; 
Rullkötter et al., 1988) and the Haddessen core is overmature (average HI 77 mg hc/g 
TOC; Rullkötter et al., 1988).  
 
Samples for this study were taken from the Wickensen (WIC), Harderode (HAR) and 
Haddessen (HAD) wells at different depths and orientation (Table 5.1). The gas 
permeability coefficients were measured on dry plugs (105 °C, vacuum, overnight) 
because: 1) in-situ water saturations were unknown and as-received water saturations 
were not representative of reservoir water saturations due to fluid loss after 
drilling/sampling; and, 2) the other petrophysical analyses including gas sorption and 
helium density measurements were conducted on dry, degassed samples. For one 
sample (WIC,┴), however, the gas permeability coefficients were measured on both dry 
(105 °C, vacuum, overnight) and as-received sample plugs (moisture content: 1.92 % 
wt/wt, on as-received basis) to investigate the effect of moisture on permeability 
coefficients. “As-received” in this context means that the plugs were drilled from the 
core material in our laboratory using pressurized air as drilling fluid, and then installed in 
an “air-dried” state without any further treatment. Before the measurements, the drilled 
plugs were visually examined in order to account for and describe any visible 
mineralization and fractures. Detailed information of the tested plugs including depth, 
orientation with respect to the received core material (perpendicular/parallel), moisture 
condition and dimensions is listed in Table 5.1. 
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Table 5.1: Depths, orientation, moisture condition and dimensions of the plugs analyzed in this study (ar: 
“as-received”) 
Sample Well 
Depth 
(m) 
Orientation w. 
resp. to core  
Moisture 
Cond. 
Length 
(mm) 
Diameter 
(mm) 
WIC,┴,dry 
Wickensen 54.6 
Perpendicular Dry 8.17 28.38 
WIC,┴,ar Perpendicular As-received 11.53 28.35 
HAR,1,┴,dry 
Harderode 
44.5 
Perpendicular Dry 14.10 28.40 
HAR-1-‖-dry Parallel Dry 11.70 28.30 
HAR,2,┴,dry 
66.8 
Perpendicular Dry 11.48 37.45 
HAR-2-‖-dry Parallel Dry 14.12 37.56 
HAD,1,┴,dry 
Haddessen 
50.8 
Perpendicular Dry 13.50 28.12 
HAD-1-‖-dry Parallel Dry 26.70 27.20 
HAD,2,┴,dry 
60.6 
Perpendicular Dry 20.10 28.25 
HAD-2-‖-dry Parallel Dry 8.47 28.05 
 
5.6 Methods 
5.6.1 TOC analyses 
TOC analyses on powdered samples were conducted with a LECO multiphase 
carbon/hydrogen/moisture analyser (RC-412). This instrument operates in a non-
isothermal mode with continuous recording of the CO2 release during oxidation. This 
permits the individual determination of inorganic and organic carbon in a single 
analytical run and does not require removal of carbonates by acid treatment. 
5.6.2 X-ray Diffraction analysis (XRD) 
Bulk mineralogical compositions were derived from the X-ray diffraction patterns 
measured on randomly oriented powders. Rock samples were crushed manually in a 
mortar and milled subsequently with a McCrone Micronising mill for 15 minutes to 
ensure uniform crystallite sizes. Milling was done in ethanol to avoid dissolution of 
water-soluble components and strain damage to the samples. An internal standard 
(corundum, 20 wt %) was added to improve the accuracy of the XRD analysis. Sample 
holders with a side filling option were used to minimize preferential orientation. The 
measurements were done on a Huber MC9300 diffractometer using Co Kα-radiation 
produced at 45 kV and 35 mA. During the measurement, the sample is illuminated 
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through a fixed divergence slit (1.8 mm, 1.45°), a graphite monochromator, and 58 mm, 
0.3 mm spacing soller slits. The diffracted beam is measured with a scintillation detector 
with counting time of 20 s for each step of 0.02° 2θ. Diffractograms were recorded from 
2° to 76° 2θ. Quantitative phase analysis was performed by Rietveld refinement. BGMN 
software was used, with customized clay mineral structure models (Ufer et al., 2008). All 
reported mineral compositions relate to the crystalline content of the analyzed samples. 
5.6.3 Porosity measurements of unconfined samples by helium 
pycnometry 
For the tested cylindrical plugs, in dry state, porosity values were determined from the 
skeletal volumes ( sV ) measured by helium pycnometry and the bulk volumes ( bV ) 
calculated from the dimensions of the plugs: 
 
b
s
V
V
1  
The scheme of the helium pycnometer is shown in Figure 5.2. The helium pycnometer 
consisted of two cells, the reference cell ( rcV ), sample cell ( scV ), four valves, and a 
high-precision pressure transducer.  
At the beginning of the test, the plug was placed inside the sample cell and the whole 
system was flushed with helium several times. After evacuating for a short period of 
time (15 minutes), a leak test with helium was performed at helium pressure of about 1 
MPa. Provided the leak rate was less than 50 Pa/h (5 mbar/h), the whole system 
including sample and reference cells were evacuated. During evacuation, valves 1 and 
2 were open and valve 3 was connected to the vacuum pump. After evacuation, if no 
degassing was detected, valve 2 was closed and the vacuum pressure in the sample 
and reference cells was recorded. Afterwards, valve 1 was closed and valve 3 was 
(5.2) 
Experimental study of fluid transport processes in the matrix system of the European organic-
rich shales: II. Posidonia Shale (Lower Toarcian, northern Germany) 
 
121 
 
turned towards the helium bottle. The reference cell was then filled with helium ( rcP = 
0.8 MPa) by opening valve 2 for a short time and then closing it.  After some time, which 
was essential for pressure equilibrium inside reference cell, the helium pressure in 
reference cell was recorded ( rcP ). Valve 1 was then opened and the helium in the 
reference cell was allowed to expand into the sample cell. The pressure decay versus 
time in the combined volumes of reference and sample cells were then recorded in 
short time intervals using high-precision pressure transducer. Gas pressure in the 
reference cell immediately drops as gas occupies the void volume in the sample cell. 
Thereafter, the pressure continuously decreases, as gas penetrates into the pores of 
the sample plug until equilibrium is reached. The procedure was repeated until the 
helium pressure in the sample cell reached maximum pressure of about 0.8 MPa 
(maximum helium pressure in the reference cell). 
 
Figure 5.2: Scheme of the helium pycnometer used in this study 
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5.6.4 Fluid (gas/water) flow tests  
5.6.4.1 Single-phase gas flow 
A scheme of the system used for single-phase gas/water flow tests is shown in Figure 
5.3. The tests were performed under identical axial and confining pressures on plugs 
placed in a customized fluid flow cell. The details of the customized fluid flow cell are 
explained in Hildenbrand et al. (2002) and Han et al (2010b). Single-phase gas flow 
tests were conducted using steady state and non-steady state techniques. Helium, 
argon and methane were used for single-phase gas flow tests. A leak test with helium 
was performed prior to each flow test. For all tests the temperature was controlled and 
the system was kept at a constant temperature (45°C). 
For steady state gas flow tests the upstream pressure was kept constant while the gas 
on the downstream side was at atmospheric pressure ( downP  = 0.101 MPa). 
Simultaneously, the upstream and downstream pressure data were recorded in short 
intervals using the pressure transducers ( upP  and down
P in Figure 5.3). The gas flow rate 
at the downstream side was monitored using a calibrated bubble flow-meter (Figure 
5.3). To start a steady state measurement, the upstream pressure was adjusted to a 
desired pressure using the pressure regulator connected to the gas bottle. Valves 1 and 
2 were open to the gas bottle and valve 3 was open to the calibrated bubble flow meter. 
Once the steady state flow conditions were reached (constant upstream pressure), the 
flow rates were recorded. After a test was finished, the upstream pressure was 
increased to a higher pressure using the pressure regulator connected to the gas bottle 
and the above procedure was repeated. The non-steady state measurements were 
performed in a closed system, with two separate reservoirs at both sides of the sample 
(valve 2: closed; valve 3: closed/middle position). A volume calibration by helium 
expansion was performed in order to precisely (±0.1·10-6 m3) determine the volumes of 
both reservoirs. In non-steady state measurements valve 1 was open to the gas bottle. 
The experiment was initiated by applying a pressure difference across the sample 
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(shortly opening and closing valve 2; valve 3 was closed) resulting in a gas flow through 
the sample. Similar to the steady state measurements, the non-steady state 
measurements were conducted at several mean pore pressures. The initial pressure 
difference was about 5-10% of the mean pore pressure ( mP ) for all non-steady state 
tests. Both pressures were automatically recorded during the experiment using separate 
pressure transducers ( upP  and down
P in Figure 5.3). Either analogue pressure gauges 
(GE Measurement & Control Solutions) with an accuracy of ±0.04% of the full-scale 
value (25 MPa) or digital pressure gauges (Tecsis) with an accuracy of ±0.05% of the 
full-scale value (25 MPa) were used for pressure recording during fluid flow tests. 
 
Figure 5.3: Scheme of the system used for single-phase gas/water flow tests. 
For plugs from the Wickensen well drilled perpendicular to bedding, single-phase gas 
(He, CH4) flow measurements were conducted on dry and “as-received” plugs using the 
non-steady state technique under controlled confining pressures of 12 and 30 MPa and 
at mean pore pressures ranging between 0.7 and 3.1 MPa. For plugs from the 
Harderode well drilled perpendicular and parallel to the bedding, single-phase gas (He) 
flow measurements were conducted on dry plugs using the non-steady state technique 
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under controlled confining pressures of 30 MPa and at mean pore pressures ranging 
between 0.7 and 3.1 MPa. For plugs from the Haddessen well drilled perpendicular to 
bedding, single-phase gas (He, CH4) flow measurements were conducted on dry plugs 
using the non-steady state technique under controlled confining pressures of 12 and 30 
MPa and at mean pore pressures ranging between 0.7 and 5.1 MPa.  
Single-phase gas (He) flow measurements on dry Harderode plugs drilled parallel to 
bedding were conducted using the non-steady state technique under controlled 
confining pressure of 30 MPa and at mean pore pressures ranging between 0.7 and 3.1 
MPa. Single-phase gas (He, Ar, CH4) flow measurements on dry Haddessen plugs 
drilled parallel to bedding were conducted using the steady state technique under 
controlled confining pressures between 6 and 37 MPa and at mean pore pressures 
ranging between 0.4 and 1.6 MPa. 
In sequential permeability measurements, the tests were first conducted at the highest 
confining pressure (30 or 37 MPa) and then repeated at confining pressures ranging 
between 6 and 37 MPa by stepwise increase of confining pressure, each time allowing 
at least 24 hours for stress stabilization. Based on our experience, to maintain a tight 
seal between the sample plug and the jacket, a confining pressure of at least 5.0 MPa is 
required during each flow test, therefore, permeability coefficients were measured only 
at .confP > 5 MPa.  
5.6.4.2 Single-phase water flow 
Single-phase water flow tests were conducted under steady state conditions by applying 
a constant water pressure difference across the sample and measuring the volumetric 
water flow rate at the downstream side using a graduated pipette (volume: 1ml, 
graduation: 0.01 ml). The scheme of the system is shown in Figure 5.3. In steady state 
water flow tests, valves 1 and 2 were open towards the water pump while valve 3 was 
open to the graduated pipette (Figure 5.3). The downstream pressure was atmospheric 
in all measurements ( downP  = 0.101 MPa). De-ionized water was used as permeating 
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fluid. During the initial phase of the water flow test, the water displaces residual gas 
from the pore system of the sample plugs. When no more gas bubbles are detected in 
the effluent, steady state conditions are reached and permeability values may be 
determined. Usually 7 to 10 days were required to reach steady state water flow through 
the low- and extremely low-permeable shale plugs studied here.  
Water permeability coefficients were measured on three plugs, from immature 
(Wickensen) and overmature (Haddessen) samples drilled perpendicular and parallel to 
bedding. These tests were conducted at confining pressures of 12 and 30 MPa using 
water pressure differences between 1.1 and 6.6 MPa. 
5.6.4.3 Determination of permeability coefficients (compressible and 
incompressible media) 
For a liquid phase (water) as permeating fluid, the intrinsic permeability coefficient is 
calculated according to Darcy’s law, which in its one-dimensional form is written as: 
L
Pk
x
Pk
A
Q absabs 




 
where Q  is the volumetric fluid flow rate, A  is the cross-sectional area of the sample, 
absk  is the intrinsic (water) permeability coefficient,
 
  is the viscosity of the permeating 
fluid, L  is the sample length, and P  is the pressure difference between the upstream 
and downstream sides of the sample. Equation (5.3) was used for evaluation of the 
intrinsic (water) permeability coefficient for the single-phase water permeability tests.  
When a compressible fluid (gas) is used as the permeating fluid one has to account for 
expansion and changing volumetric flow rate along the flow path (difference between in 
and out flowing volumes). Therefore, it is essential to use either an integrated form of 
the Darcy equation or alternatively an average value of the flow rate, and consequently, 
Darcy's equation for the volume flow at the downstream side ( downP ) becomes 
(Tanikawa and Shimamoto, 2009): 
(5.3) 
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where upP  and downP  are pressures of the upstream and downstream sides of the 
sample, respectively. Equation (5.5) was used for the evaluation of (apparent) gas 
permeability coefficients in all steady state gas flow measurements.  
For evaluation of the non-steady state gas permeability coefficients, we used a 
formulation which is based on the interpretation of the fundamental flow equations, i.e. 
the mass balance equation (continuity equation) and Darcy's law (Saghafi, 2008; 
Saghafi et al., 2010; Saghafi and Pinetown, 2011): 
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where the parameters 1V , 2V , L , 1A , mP  and   represent the upstream and 
downstream volumes, the length of the sample, the cross-sectional area of the sample, 
the mean pore pressure and gas viscosity, respectively. The parameter c  in this 
equation is the slope of the plot of ))()(( tPtPln updown 
 
versus time, which is calculated 
using the recorded upstream and downstream pressure data. The derivation of this 
formula is given in Appendix 1. 
5.7 Results 
5.7.1 TOC and XRD analyses 
The results of the TOC and XRD analyses are listed in Table 5.2. The studied shale 
samples were organic-rich with TOC contents ranging between 6.7 and 14.2%. The 
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TOC contents determined in this study are well within the range of TOC contents (6.3 – 
13.3%) previously reported (Rullkötter et al., 1988; Littke et al., 1991a, Wilkes et al., 
1998; Bernard et al., 2011) for the Posidonia Shale samples from the Hils Syncline 
area.   
Table 5.2: Summary of TOC, XRD and porosity analyses (porosity values were measured in dry state) 
Sample 
TOC 
(%) 
Porosity 
(%) 
Clay content 
(%) 
Quartz + Feldspar 
content (%) 
Carbonate 
content (%) 
Pyrite 
(%) 
Others 
(%) 
WIC 14.2 16.6 28.6 10 49.3 2.7 9.4 
HAR,1 9.3 3.0 29.9 19 34.3 6.9 9.9 
HAR,2 6.8 3.7 39.7 17.3 25.9 7.3 9.8 
HAD,1 6.7 9.9 35.9 19.8 32.9 4.7 6.7 
HAD,2 7.7 14.4 23.0 15.2 53.0 3.9 4.9 
 
Average TOC values are variable for immature (Wenzen, Wickensen: 10.7%), mature 
(Harderode: 6.2%) and overmature (Haddessen: 6.0%) Posidonia Shale from the Hils 
Syncline (Littke et al., 1991a). In general, within a given well, the Posidonia Shale 
shows significant consistency in geochemical characteristics (including TOC content 
and HI values, see depth profile in Littke et al., 1991a), suggesting a rather uniform 
oxygen-deficient depositional environment as well as similar processes of organic 
matter conservation within the sediments (Rullkötter et al., 1988; Littke et al., 1991a; 
Bernard et al., 2011). Nevertheless some changes with respect to oxygen availability 
and depositional environmant have been deduced, e.g. by analysis of porphyrins 
(Sundararaman et al., 1993). Underlying Lower Jurassic and overlying Middle Jurassic 
sediments, however, represent completely different organic facies and depositional 
environments. 
The non-clay compositions consisted mainly of calcite (21.7 – 46.9%), quartz (7 – 
14.1%), and lesser quantities of pyrites (2.7 – 7.3%). Clay contents ranged between 
23.0 and 39.7%. The Illite and kaolinite were the predominant clay minerals (21.9 – 
36.3%) with lesser quantities of smectite (0 – 3.4%). According to Littke et al. (1988), 
the mineralogy of the Posidonia Shale mainly consists of calcite, clay (illite, kaolinite, 
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smectite), quartz, pyrite and some feldspars. The Posidonia Shale samples analyzed in 
this study originate from three units: upper/middle calcareous shale (25 - 30 m thick) 
and lower marlstone (about 5 m thick). Based on XRD analyses (Klaver et al., 2012), a 
calcareous shale from Hils Syncline consists of 43% clay minerals, 37% calcite, 15% 
quartz and feldspar and 5% pyrite, whereas a lower marlstone consists of 35% clay 
minerals, 50% calcite, 11% quartz and feldspar and 4% pyrite. Apart from the slightly 
higher content of calcite in the marlstone unit and of clay minerals and pyrite in the 
overlying calcareous shale, there is no considerable mineralogical variability within the 
Posidonia Shale (Jochum et al., 1995a).  
5.7.2 Porosity measurements under unconfined conditions by helium 
pycnometry 
The porosity values measured under unconfined conditions at dry state are listed in 
Table 5.2. The analyzed immature, mature and overmature shales from Hils Syncline 
are characterised by porosities ranging between 3.0 and 16.6%. The measured porosity 
values in this study are well within the porosity range (2.4 – 22%) previously reported 
(Klaver et al., 2012) for Posidonia Shale samples from Hils area using Mercury Injection 
Porosimetry (MIP).  
The mature Harderode samples (0.88% VRr) exhibited an extremely low porosity 
compared to immature (Wickensen) and overmature (Haddessen) samples. This low 
porosity is attributed to: 1) the thermally generated viscous bitumen which has not been 
expelled from the pore system and thus is blocking the pore throats/volume 
(Vandenbroucke and Largeau, 2007; Loucks et al., 2009; Bernard et al., 2011); 2) 
carbonate cementation (Kanitpanyacharoen et al., 2012); and/or, 3) burial compaction 
(Petmecky et al., 1999). Based on recent simulation results, Posidonia Shale at the 
Harderode site might have experienced a maximum temperature of about 127 °C, 
whereas this value is lower at the Wickensen site (about 77 °C) and higher at the 
Haddessen site (about 167 °C; 3400 m maximum burial depth;  Bruns et al., in press).  
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5.7.3 Gas permeability measurements 
5.7.3.1 Apparent gas permeability coefficients ( gask ) 
Apparent permeability coefficients measured with helium and methane, gask  (He/CH4), 
on dry immature, mature and overmature samples drilled perpendicular to bedding are 
listed in Appendix 3 (Table A.3.1). The data are ordered according to confining pressure 
( .confP ), mean pore pressure ( mP ), effective stress ( eP ), permeating gas and the plug 
number (e.g., WIC,┴,dry). Perpendicular to bedding, gask  (He/CH4) measured on dry 
immature, mature and overmature samples ranged between 0.3 and 420 nDarcy 
(3·10-22 and 4.2·10-19 m2), depending on maturity, moisture content, permeating gas, 
mean pore pressure (0.6 - 5.3 MPa) and effective stress (7 - 30 MPa). Perpendicular to 
bedding, gask  (He) values measured on dry mature samples (Harderode) were lower 
than those measured on immature (Wickensen) and overmature (Haddessen) samples. 
Apparent permeability coefficients measured with helium, argon and methane, gask  (He, 
Ar, CH4), on mature and overmature samples drilled parallel to bedding are listed in 
Appendix 3 (Table A.3.2). The data are organized according to confining pressure 
( .confP ), mean pore pressure ( mP ), effective stress ( eP ), permeating gas, the plug number 
(e.g., HAD-1-‖-dry) and measurement sequence (e.g., HAD-1-‖-dry-1) when 
measurements were repeated on an identical plug. These results are plotted in Figures 
5.4 - 5.9. Parallel to bedding, gask  (He, Ar, CH4) measured on dry overmature samples 
ranged between 15 and 97 μDarcy (1.5·10-17 and 9.7·10-17 m2), depending on 
permeating gas, mean pore pressure (0.4 - 1.6 MPa) and effective stress (6 - 37 MPa). 
Parallel to bedding, gask  (He) measured on dry mature samples (Harderode) were lower 
than those measured overmature (Haddessen) samples. 
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Figure 5.4: gask  (He); Sample HAD-1, drilled parallel to bedding, dry 
 
Figure 5.5: gask  (Ar); Sample HAD-1, drilled parallel to bedding, dry 
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Figure 5.6: gask  (CH4); Sample HAD-1, drilled parallel to bedding, dry 
 
Figure 5.7: gask  (He); Sample HAD-2, drilled parallel to bedding, dry 
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Figure 5.8: gask  (Ar); Sample HAD-2, drilled parallel to bedding, dry 
 
Figure 5.9: gask  (CH4); Sample HAD-2, drilled parallel to bedding, dry 
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5.7.3.2 Klinkenberg-corrected gas permeability coefficients ( k ) 
As evident from Tables A.3.1 and A.3.2 (Appendix 3) and Figures 5.4 - 5.9, in all tested 
samples drilled perpendicular and parallel to bedding, gask  (He, Ar, CH4) measured 
were higher at lower mean pore pressures. This observation is due to the slip flow 
(Klinkenberg effect) as explained in section 2. 
Based on equation 1 (section 2), k  were calculated for the immature and overmature 
samples tested using helium, argon and methane as permeating gases (Tables 5.3 - 
5.4, Figures 5.10 - 5.11). 
 
 
Figure 5.10: k  (He, Ar, CH4); Sample HAD-1, drilled parallel to bedding, dry; calculated from 
Klinkenberg equation (Eq. 5.1) 
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Figure 5.11: k  (He, Ar, CH4); Sample HAD-2, drilled parallel to bedding, dry; calculated from 
Klinkenberg equation (Eq. 5.1). 
 
Table 5.3: Immature (Wickensen) samples, k  (He, CH4); drilled perpendicular to bedding; dry and “as-
received”. 
WIC,┴,ar WIC,┴,dry 
.confP = 12 MPa .confP = 30 MPa .confP = 30 MPa 
k  (He) = 48±5 nD 
b  = 3.1 MPa
-1
 
 
k  (He) = 38±5  nD 
b  = 4.2 MPa
-1
 
 
k  (He) = 68±5  nD 
b  = 1.8 MPa
-1
 
 
k  (CH4) = 44±5  nD 
b  = 1.2 MPa
-1
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Table 5.4: Overmature (Haddessen) samples, k  (He, CH4); drilled perpendicular to bedding; dry. 
HAD,1,┴,dry HAD,2,┴,dry 
.confP = 12 MPa .confP = 30 MPa .confP = 12 MPa .confP = 30 MPa 
k  (He) = 2.3±5 nD 
b  = 2.8 MPa
-1
 
 
k  (He) = 1.6±5  nD 
b  = 3.7 MPa
-1
 
 
k  (He) = 123±5 nD 
b  = 2.5 MPa
-1
 
k  (He) = 93±5 nD 
b  = 3.0 MPa
-1
 
k  (CH4) = 76±5  nD 
b  = 1.3 MPa
-1
 
k  (CH4) = 45±5  nD 
b  = 2.1 MPa
-1
 
 
5.7.4 Water permeability measurements 
For the immature (Wickensen) sample, the intrinsic permeability coefficient ( absk ) 
measured perpendicular to bedding was about 10 nDarcy (1·10-20 m2) at effective stress 
of about 25 MPa. For overmature samples, absk  measured parallel and perpendicular to 
bedding ranged between 1 and 13 nDarcy (1·10-21 - 1.3·10-20 m2), depending on the 
flow direction, effective stress (11 - 28 MPa) and sample-to-sample variations. As 
evident from Table 5.5, regardless of flow direction, immature (WIC,┴,dry) and 
overmature (HAD,2,┴,dry) samples originating from the marlstone interval (carbonate-
rich) of the Posidonia Shale had higher intrinsic (water) permeability coefficients than 
overmature (HAD-1-‖-dry) sample from the calcareous shale interval (clay-rich).  
Table 5.5: absk  (water) measured parallel and perpendicular to bedding 
Sample 
eP  (MPa) absk  (X10
-21
 m
2
) 
WIC,┴,dry 25 10±0.8 
HAD,2,┴,dry 11 13±0.8 
28 10±0.8 
HAD-1-‖-dry 28 1±0.8 
5.8 Discussion 
The range of permeability coefficients measured for the Posidonia Shale perpendicular 
and parallel to bedding (3·10-22 and 9.7·10-17 m2) are well within the range previously 
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reported for other shales and mudstones (Luffel et al., 1993; Schloemer and Krooss, 
1997; Dewhurst et al., 1998; Kwon et al., 2001; Kwon et al., 2004; Yang and Aplin, 
2007; Pathi, 2008; Yang and Aplin, 2010; Metwally and Sondergeld, 2011, Pool et al., 
2012; Chalmers et al., 2012; Chalmers and Bustin, 2012). Permeability coefficients are 
strongly dependent on maturity, anisotropy, pore pressure, effective stress, moisture 
content and permeating fluid. The highest permeability coefficients (up to 9.7±0.1 
μDarcy) were measured using helium on overmature samples parallel to bedding at an 
effective stress of about 6 MPa, while the lowest permeability coefficients (down to 
0.3±5 nDarcy) were measured using helium on mature (Harderode) sample 
perpendicular to bedding at an effective stress of 30 MPa. 
5.8.1 Effect of maturity 
Among the sample suite studied covering the maturity range between 0.53 and 1.45%, 
the overmature (Haddessen) samples had the highest permeability coefficients, 
followed by immature (Wickensen) and mature (Harderode) samples. Fluid conductivity 
in the matrix of organic-rich shales is associated with transport properties within the 
inorganic and the organic matrix systems. The inorganic matrix is generally 
characterized with relatively large irregularly-shaped pores and fractures, whereas the 
organic matrix (kerogen), which is finely-dispersed within the inorganic matrix, could be 
composed of a network of micro- and meso-pores (1 - 50 nm) depending on maturity 
and organic matter type (Bernard et al., 2011; Curtis et al., 2012).  The observations 
performed using TEM (Transmission Electron Microscopy) and STXM (Synchrotron-
based scanning Transmission X-ray Microscopy) on immature (Wickensen), mature 
(Harderode) and overmature (Haddessen) samples from the Hils Syncline revealed a 
heterogeneous composition of these shales at the nanometer scale (Bernard et al., 
2011). For the immature sample (Wickensen), the porosity seems to be situated 
between mineral and kerogen particles (inter-particle porosity; Klaver et al., 2012). For 
the mature (Harderode) and overmature (Haddessen) samples, however, additional 
organic macromolecules (solid bitumen, pyrobitumen) were detected partly coexisting 
Experimental study of fluid transport processes in the matrix system of the European organic-
rich shales: II. Posidonia Shale (Lower Toarcian, northern Germany) 
 
137 
 
with primary kerogen particles. For the overmature sample (Haddessen), particularly, 
these organic macromolecules appeared to be very different from those for the mature 
sample (Harderode), exhibiting a network of micro- and meso-pores which were clearly 
visible on the STEM (Scanning Transmission Electron Microscopy) images (Bernard et 
al., 2011). The intra-particle micro- and meso-pores within these organic 
macromolecules constitute the most obvious porosity of the overmature Posidonia 
Shale samples (Haddessen) and are, most likely, associated with the exsolution of 
gaseous hydrocarbons during the secondary thermal cracking of retained oil (Bernard et 
al., 2011, 2012). Bernard et al. (2011) identified these organic macromolecules to be 
solid bitumen (syn.: pyrobitumen), in accordance with earlier observations by incident 
light microscopy (Littke et al., 1988), as the solid residues of secondary oil or bitumen 
cracking processes. Similar intra-particle micro- and meso-pores were previously 
documented as predominant pore types within overmature samples from Barnett Shale 
(Texas, USA) by Loucks et al. (2009), however, were not attributed to any specific 
organic macromolecule. Nevertheless, the presence of solid bitumen particles with 
abundant micro- and meso-pores in overmature organic-rich samples from Barnett 
Shale (Texas, USA) was recently documented by Bernard et al. (2012). According to 
Bernard et al. (2011), no visible micro- and meso-pores could be recognized within the 
organic matter matrix (kerogen and solid bitumen particles) of the immature 
(Wickensen) and mature (Harderode) samples based on STEM images. Based on 
pyrolysis experiments combined with SEM (Scanning Electron Microscopy) imaging, 
Tian et al. (2011), furthermore, indicated that the percentage of micro- and meso-pores 
and the pore network connectivity within the organic matrix of organic-rich shales 
increases with increasing thermal maturity (pyrolysis temperature). This network of 
micro- and meso-pores within the organic matrix of shales could constitute up to 40% of 
the total pore volume (Akkultu and Fathi, 2011), and contribute significantly to the fluid 
conductivity of the shale matrix. Similar to the results of Bernard et al. (2011), Tian et al. 
(2011) observed that there were few or no pores within the organic matrix of immature 
organic-rich shale samples from Fushun mine, northeast China. Based on these 
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laboratory observations, it is suggested that fluid transport properties of organic-rich 
shales, if not controlled, could be significantly affected by the level of thermal maturation 
(Passey et al., 2010; Bernard et al., 2012; Curtis et al., 2012); the presence and 
connectivity of the intra-particle micro- and meso-pores (1-50 nm) within the organic 
macromolecules (Loucks et al., 2009; Nelson, 2009; Ross and Bustin, 2009), and solid 
bitumen particles in particular (Bernard et al., 2011, 2012). It should be noted, however, 
that thermal maturity may not be the only factor responsible for occurrence and 
preservation of pores in the organic matter of all organic-rich shales. For immature and 
overmature samples from Woodford Shale, it has been recently observed by Curtis et 
al. (2012) that while the first appearance of organic porosity for the samples occurs for 
mature samples (1.23% VRr), there are anomalies. The complete lack of organic 
porosity in an overmature sample (2% VRr), according to Curtis et al. (2012), is one of 
these anomalies. Furthermore, some mature samples (1.23% VRr) exhibited regions of 
porous organic matter adjacent to regions of non-porous organic matter that were 
separated by a few microns (Curtis et al., 2012). 
For Posidonia Shale, furthermore, the most mature locations Harderode and 
Haddessen, which are associated with intensive hydrocarbon generation and expulsion, 
are most likely crosscut by abundant horizontal micro-fractures (Jochum et al., 1995b). 
Recently, based on X-ray microtomography (XRM) analyses, Kanitpanyacharoen et al. 
(2012) also found few micro-fractures within the matrix system of an overmature (1.45% 
VRr) sample from the Posidonia Shale (Hils Syncline area). Micro-fractures, if not filled 
with calcite and/or solid bitumen, could play an important role in the fluid conductivity of 
the overmature samples from the Posidonia Shale (Leythaeuser et al., 1988; Jochum et 
al., 1995b). Although no visible fractures were observed in our plug samples, presence 
of sub-micron-sized fractures cannot be excluded. Therefore, to what extent the higher 
permeability coefficients of the overmature samples analyzed in this study could be 
attributed to the presence of such micro-fractures is not yet clear. Micro-fractures in the 
mature/overmature Posidonia Shale, which were mostly aligned in horizontal direction, 
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could be created by several processes such as hydrocarbon generation and expulsion, 
pore growth and coalescence (Kanitpanyacharoen et al., 2012) and unloading as a 
result of uplift (Petmecky et al., 1999). Sampling or drying of the cores was also 
discussed as a possibility (Kanitpanyacharoen et al., 2012), but is highly unlikely due to 
the fact that the fractures; 1) only occur in the mature and overmature Harderode and 
Haddessen cores (Leythaeuser et al., 1988), and 2) are partly filled with solid bitumen 
and calcite (Jochum et al., 1995a). 
5.8.2 Anisotropy of permeability 
In fine-grained sedimentary rocks, permeability coefficients measured parallel to 
bedding are commonly larger than those measured perpendicular to bedding. This 
directional dependence of permeability is being referred as “permeability anisotropy”. 
Particularly in shales, the permeability anisotropy is strongly related to the 
microstructure (bedding/lamination planes), pre-existing micro-fractures and the 
orientation of minerals and pores/cracks along a preferential direction, as the result of 
sedimentation, compaction and diagenesis (Georgi et al., 2002; Kwon et al., 2004; 
Pathi, 2008; Metwally and Sondergeld, 2011; Kanitpanyacharoen et al., 2012). The 
preferred orientation of minerals (lamination) could result in the occurrence of inter-
granular pathways in the shale matrix that are less tortuous parallel to bedding than 
perpendicular to bedding (Chalmers et al., 2012). Studies by Vernik (1993, 1994) 
suggested, furthermore, that the anisotropy of organic-rich shales could be further 
enhanced by bedding-parallel micro-fractures that are created during hydrocarbon 
generation. 
For the overmature samples (Haddessen), in dry state, k  (He, CH4) measured parallel 
to bedding were up to more than one order of magnitude higher than those measured 
perpendicular to bedding (Table 5.4; Figures 5.10 - 5.11). The permeability anisotropy 
appeared, furthermore, to be controlled by the mineralogy. Among the overmature 
samples (Haddessen) analyzed, the degree of permeability anisotropy was more 
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significant for the sample with higher content of clay and moderate content of carbonate 
(HAD-1-‖-dry) than for the carbonate-rich sample (HAD-2-‖-dry). This observation is due 
to more preferred orientation of minerals in the sample with higher contents of clay 
minerals (HAD-1-‖-dry) than in the carbonate-rich sample (HAD-2-‖-dry). Based on 
Backscattered Electron Microscopy (BSEM), Chalmers et al. (2012) observed that the 
fabrics of the shale samples with high contents of clay minerals were qualitatively more 
anisotropic than either carbonate- or quartz-rich samples (>70%). The experimental 
results of Chalmers et al. (2012) indicated, furthermore, that permeability anisotropy 
was more significant for carbonate-rich samples compared to quartz-rich samples. 
Comparable degrees of permeability anisotropy have been reported for other shales 
and mudstones (Kwon et al., 2004; Yang and Aplin, 2007; Yang and Aplin, 2010; Pathi, 
2008; Metwally and Sondergeld, 2011; Chalmers et al., 2012). For carbonate- and 
quartz-rich (>70%) shale samples from Besa River and Muskwa formations with 
permeability coefficients ranging between 1.6 nDarcy and 1.2 μDarcy (1.6.0·10-21 and 
1.2·10-18 m2), Chalmers et al. (2012) observed that permeability coefficients measured 
parallel to bedding were up to two orders of magnitude higher than those measured 
perpendicular to bedding ( eP =15 MPa). For quartz-rich (>65%) shale samples from 
Woodford Shale with permeability coefficients ranging between 0.6 nDarcy and 23 
μDarcy (6.0·10-22 and 2.3·10-17 m2), Pathi (2008) observed that permeability coefficients 
measured parallel to bedding were up to two orders of magnitude higher than those 
measured perpendicular to bedding (3.5< eP <28 MPa). For quartz- and carbonate-rich 
Devonian shale samples, Metwally and Sondergeld (2011) observed, furthermore, that 
the permeability coefficients measured parallel to bedding were up to five times higher 
than those measured perpendicular to bedding (5< eP <30 MPa). 
5.8.3 Effect of moisture on permeability 
The occupation of pore throats/volume by interlayer water molecules could affect the 
surface area of pore throats and connected pore volume, and in consequence, 
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permeability (Ross and Bustin, 2007). It is possible to, very roughly, estimate the 
minimum surface area occupied by the interlayer water molecules. Considering a pore 
throat with an average diameter of 10 nanometer which is a typical pore throat diameter 
encountered in shales matrix (Sakhaee-pour et al., 2011), mono-layered bonded water 
molecules, which have a diameter of about 0.4 nanometer (Ryan, 2006), could 
decrease the accessible surface area to the permeating gas considerably, up to about 
15%. This is, however, an underestimation since water molecules may be 
bound/adsorbed to the pore throats in multi-layers rather than mono-layers (Ryan, 
2006). 
The k  (He) measured on immature (Wickensen) dry sample drilled perpendicular to 
bedding were up to two times higher than those measured on the “as-received” sample. 
For the “as-received” plug tested (WIC,┴,ar), the moisture content was determined on a 
different plug of the same core that was dried at 105 °C (vacuum, overnight). Based on 
the measured moisture content (1.92% wt/wt, on as-received basis) and the weight of 
the as-received plug (WIC,┴,ar), the water-filled pore volume was determined, 
assuming a water density of 1 g/cm3. Considering this calculated water-filled pore 
volume and the dry porosity (16.6 %) measured on the dry plug (WIC,┴,dry), the “as-
received” porosity was estimated to be around 12.9 % for the as-received plug 
(WIC,┴,ar). Evidently the presence of 1.92% (wt/wt, on as-received basis) moisture in 
the as-received plug resulted in a substantial decrease of the dry porosity, and thus, 
permeability. To what extent this reduction in porosity/pore volume is associated with 
the reduction in connected pore throats volume is, however, not clear. 
5.8.4 Stress dependence of permeability 
During shale gas production pore pressure decreases and results in an increase in 
effective stress, and in consequence, a decrease in permeability. In addition, any 
variation in the depth of the reservoir induces a change in effective stress, and thus, 
permeability (Chalmers et al., 2012). Characterizing the stress-dependence of 
Experimental study of fluid transport processes in the matrix system of the European organic-
rich shales: II. Posidonia Shale (Lower Toarcian, northern Germany) 
 
142 
 
permeability in shale gas reservoirs is, therefore, important. The permeability 
coefficients of the samples that are more sensitive to effective stress will exhibit a 
steeper decline curve during production than those which are less sensitive (Pathi, 
2008; Metwally and Sondergeld, 2011; Chalmers et al., 2012).  
The permeability decrease with increasing effective stress is commonly attributed to a 
volume reduction of the connected pore throat system, and therefore, is controlled by 
the characteristics of the pore network system and mineralogy (Eseme et al., 2006, 
2012; Metwally and Sondergeld, 2011; Chalmers et al., 2012). According to Chalmers et 
al. (2012), at a constant effective stress, samples with higher permeability coefficients 
are likely to be more sensitive to variations in effective stress. 
For the overmature samples (Haddessen) analyzed, the rate of permeability reduction 
with increasing effective stress was comparatively independent of the flow direction and 
the type of permeating fluid.  The sensitivity of permeability to effective stress appeared, 
however, to be controlled by the mineralogy. The permeability coefficients measured on 
the sample with higher content of clay and moderate content of carbonate (HAD-1-‖-dry) 
were more sensitivity to effective stress than the carbonate-rich sample (HAD-2-‖-dry). 
This observation is in agreement with the results of Chalmers et al. (2012) who found 
the sensitivity of permeability to effective stress was higher for the samples with higher 
contents of clay minerals, compared to carbonate-rich samples.  
Almost all currently producing shale gas reservoirs are overmature organic-rich source 
rocks (Curtis, 2002; Jarvie et al., 2007; Jenkins and Boyer, 2008; Bernard et al., 2011). 
Parallel to bedding, overmature samples from the Hils Syncline area (Haddessen) were, 
therefore, considered in this study as the main targets to analyze the stress 
dependence of permeability from a commercial shale gas production perspective. 
These samples showed a nonlinear reduction in permeability with increasing effective 
stress (8 - 37 MPa). For shales, the stress dependence of permeability is well described 
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by an exponential relationship (Kwon et al., 2004; Pathi, 2008; Dong et al., 2010; 
Metwally and Sondergeld, 2011; Chalmers et al., 2012): 
)exp(0 ePkk   
Here k  denotes the permeability under effective stress, 0k  represents the permeability 
at atmospheric pressure and   is the slope of the curve. For overmature samples, the 
slopes of the exponential line of best fit (  in equation 5.7) within the effective stress 
range between 6 and 37 MPa are shown in Figures 5.4 - 5.11. The steeper the slope of 
the line (larger   value), the more sensitive the permeability of sample is to variation in 
effective stress.  
5.8.5 Effect of permeating fluid 
5.8.5.1 Comparison of gas permeability coefficients ( gask , k ) measured by 
helium, argon and methane 
Previous studies declared that for coals the permeability coefficients measured using 
sorbing gases (CH4, CO2) may be significantly smaller than those measured using non-
sorbing gases (He, Ar, N2). This discrepancy in the measured permeability coefficients 
is due the viscosity of permeating fluid, the wettability of coal to permeating fluid, the 
coal swelling/shrinkage induced by sorption and the slip flow effect (Pini et al., 2009; 
Han et al. 2010a; Pan et al., 2010; Saghafi et al. 2010; Chen et al., 2011; Pan and 
Connell, 2012; Adeboye and Bustin, 2013). Particularly, for coals with generally higher 
contents of organic matter (>50%) than organic-rich shales, the sorption-induced 
swelling/shrinkage effect could become significant, affecting the fluid conductivity of the 
coal matrix (Pini et al., 2009; Pan et al., 2010; Chen et al., 2011; Adeboye and Bustin, 
2013). It has been, furthermore, reported for coals that the permeability coefficients 
measured with gas (He, N2, CH4 ,CO2) are generally higher than those measured with 
water (Massaroto, 2002; Sereshki, 2005; Han et al., 2010a; Pan et al., 2010; Adeboye 
and Bustin, 2013). 
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The “collision diameter” of the gas molecules is one of the factors that control the mean 
free path of the gases, and therefore, slip flow. Slip flow becomes more dominant as the 
size of the gas molecules decreases. Compared to coals, slip flow is more dominant in 
shales, which are typically characterized by nanometer pore throats. Considering the 
typical pore throat diameters encountered in the matrix of organic-rich shales ranging 
between 1 and 100 nm (Sakhaee-pour et al., 2011), slip and transitional flow (0.001 < 
nK  (Knudsen number) < 10) are the most dominant gas flow regimes in the matrix of 
shales under laboratory conditions, as well as within the field conditions of the 
productive shale gas plays (Freeman et al., 2011). At given pressure and pore throat 
diameters, the Knudsen number, and thus slip flow, increases in the order of CH4 < Ar < 
He which agrees with the increase of the permeability in the order CH4 < Ar < He 
(Figures 5.4-5.11). Knudsen number and slip flow mechanism in the matrix of organic-
rich shales are discussed in detail elsewhere (Javadpour et al., 2007, 2009). It has 
been, furthermore, discussed by some studies that the smaller permeability coefficients 
measured using argon and methane could be partially due to the larger molecular 
diameters of these gases as compared to helium, i.e. “molecular sieving” effects (Ross 
and Bustin 2007; Cui et al., 2009; Letham, 2011; Adeboye and Bustin, 2013). The 
molecular diameters of argon and methane are significantly larger (0.37 and 0.38 nm, 
respectively) than those for helium (0.28 nm), which may prevent the molecules of these 
gases to flow through extremely small pore throats accessible to helium.  
Gas sorption and the occupation of pore throats/volume by interlayer sorbed gas could, 
furthermore, affect the surface area of pore throats and connected pore volume, and in 
consequence, permeability. According to Akkutlu and Fathi (2011), this effect might 
appear to be insignificant, however, the diameter of pore throats in shales, particularly 
within the organic matrix, are so small that the thickness of the sorbed gas layer could 
become important, affecting the mechanism of fluid transport within the matrix of shales. 
It has been, nevertheless, discussed that under laboratory conditions ( P < 5 MPa, T = 
30 °C) the thickness of sorbed gas (CH4) layer and therefore its diminishing effect on 
Experimental study of fluid transport processes in the matrix system of the European organic-
rich shales: II. Posidonia Shale (Lower Toarcian, northern Germany) 
 
145 
 
matrix permeability of shales is negligible (Sakhaee-pour et al. 2011). This effect could 
become, however, significant under field conditions (P >10 MPa, T =90 °C), based on 
the numerical simulations by Sakhaee-pour et al. (2011).  
In summary, similar to the results previously reported for coals (Massaroto, 2002; 
Sereshki, 2005; Han et al., 2010b; Pan et al., 2010; Saghafi et al. 2010; Adeboye and 
Bustin, 2013) and other organic-rich shales (Sondergeld et al., 2010; Letham, 2011), for 
all samples tested perpendicular and parallel to bedding, gask  and k  measured using 
helium were consistently, up to two times, higher than those measured using argon and 
methane under similar experimental conditions. The observed permeability difference is 
most likely attributed to different molecule size and slip flow associated with 
helium/argon/methane as permeating gases and gas sorption within the shale matrix. 
5.8.5.2 Comparison of Klinkenberg-corrected gas ( k ) and intrinsic (water) 
permeability coefficients ( absk )  
For immature (Wickensen) and overmature (Haddessen) samples drilled perpendicular 
to bedding, absk  (water) measured were about four times lower than k  (He) measured 
under similar experimental conditions. For overmature (Haddessen) sample, drilled 
parallel to bedding, absk  (water) measured at effectives stresses of 11 and 28 MPa 
were significantly, more than three orders of magnitude, lower than k  (He, CH4) 
measured under similar experimental conditions.  
Possible explanations for the observed discrepancy between absk  and k  include the 
“swelling of clay minerals”, “structured water on surface of minerals” and “enhanced 
compaction due to water”. The XRD analyses revealed that for the tested samples the 
contents of swelling clay minerals (e.g. smectite) were very low to negligible. 
Considering these low smectite contents, and the fact that the smectite layers are 
distributed among the other mineral phases within the matrix of shales, the clay swelling 
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mechanism is unlikely to result in the observed permeability reduction. The observed 
reduction in water permeability coefficients of the shale samples is most likely attributed 
to thin films of structured water on mineral surfaces and/or the enhanced compaction of 
the samples upon introduction of water. More detailed experimental investigations are, 
however, required to confirm these assumptions.  
5.9 Conclusions 
This contribution presents results from a laboratory study on the matrix fluid transport 
properties of the organic-rich shales from the Lower Toarcian Posidonia Shale, northern 
Germany. The effects of different controlling factors/parameters on the conductivity 
including maturity, anisotropy, moisture content, pore pressure, effective stress and 
permeating fluid were analysed and discussed. Based on our observations, the 
following conclusions can be drawn: 
 Among the sample suite studied, covering the maturity range between 0.53 and 
1.45%, the overmature (Haddessen) samples had the highest permeability 
coefficients measured parallel and perpendicular to bedding. The lowest porosity 
and permeability coefficients were measured at intermediate maturity level (0.88% 
VRr, oil-window). 
 Permeability coefficients, gask  and k  (He, CH4), measured parallel to bedding 
were up to more than one order of magnitude higher than those measured 
perpendicular to bedding. The permeability anisotropy appeared, furthermore, to be 
controlled by the mineralogy. 
 k  (He) measured on a dry sample were up to two times higher than those 
measured on an “as-received” sample under similar experimental conditions.  
 All samples drilled parallel to bedding showed a nonlinear reduction in permeability 
with increasing effective stress. The stress dependence of permeability could be well 
described by an exponential relationship. 
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 For the overmature samples (Haddessen) analyzed, the rate of permeability 
reduction with increasing effective stress was independent of the flow direction and 
the type of permeating fluid.  The sensitivity of permeability to effective stress was, 
however, controlled by the mineralogy.  
 gask  and k  measured with helium were consistently, up to two times, higher than 
those measured with argon and methane under similar experimental conditions. 
 absk  (water) measured were significantly, up to three orders of magnitude, lower 
than k  (He, CH4) measured under similar experimental conditions. 
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6. Lithological controls on matrix permeability of 
European organic-rich shales 
 
Keywords: Gas Shale, Upper Alum Shale, Chokier Formation, Scandinavian Alum 
Shale, Barnett Shale, Permeability, Porosity, Mineralogy, TOC content, Maturity 
 
6.1 Abstract 
Lithological factors including the mineralogy, total organic carbon (TOC) content and 
maturity governs the pore network characteristics (porosity, pore size distribution) and 
the matrix permeability of organic-rich shales. The significances of these lithological 
factors on matrix permeability are, however, rock-specific and are not necessarily 
similar among all shale gas reservoirs. This chapter discusses the influence of these 
lithological controls on matrix permeability of European organic-rich shales, differing in 
porosity, mineralogy (calcite, clay, quartz), TOC content (3 - 14%) and maturity (0.5 - 
2.4% VRr). 
Among the sample suite studied, the lowest porosity and permeability coefficients in 
parallel and perpendicular directions were measured at intermediate maturity levels (oil-
window; 0.85 - 1.05 %Ro). In general, the Klinkenberg-corrected gas permeability 
coefficients increased with porosity (4-16 %) ranging between 4·10-22 and 9.7·10-17 m². 
There was a fair to modest log-linear relationship between porosity and permeability 
coefficients measured perpendicular to bedding.  Permeability coefficients measured 
parallel to bedding were more than one order of magnitude higher than those measured 
perpendicular to bedding. Permeability coefficients measured with He were consistently 
up to two times higher than those measured with Ar and CH4 under similar experimental 
conditions. The permeability reduction associated with argon and methane as 
permeates is, most likely, due to: 1) the enhanced slip flow and smaller molecular size 
associated with helium as permeate, and/or, 2) methane sorption on organic matter of 
the shale matrix. 
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6.2 Introduction 
Organic-rich shales are heterogeneous geological systems with variations in 
composition and fabric existing from the micro- up to the macro-scale (Chalmers et al., 
2011, 2012; Bustin and Bustin, 2012; Amann-Hildenbrand, 2012; Curtis et al., 2012). 
The micro-structure of organic-rich shales, in particular, can differ significantly between 
different shale plays and/or within the same shale play (Curtis et al., 2012). Despite 
considerable gas-in-place (GIP) estimations for shale gas plays, these complex 
heterogeneous reservoirs require innovative exploration and completion strategies to 
produce natural gas economically. Economic gas flow rates in these reservoirs, which 
commonly have permeability coefficients down to the nDarcy-range, are still technically 
difficult to achieve, partially due to the poor understanding of the fluid transport 
processes within the fracture and matrix systems of these lithotypes. The matrix 
permeability of organic-rich shales and its relationship with lithological factors including 
maturity, TOC (total organic carbon) content, porosity, pore size distribution and 
mineralogy is, therefore, fundamental to the quantification of shale oil/gas production 
from these reservoirs (Chalmers et al., 2011, 2012; Bustin and Bustin, 2012). 
The mineralogy, total organic carbon (TOC) content, and texture of organic-rich shales 
governs the pore network characteristics (porosity, pore size distribution) and the matrix 
permeability of shale oil/gas reservoirs. The primary constituents of organic-rich shales 
are quartz, clays, carbonates, feldspars, apatite, pyrite, and organic matter (Sondergeld 
et al., 2010; Curtis et al., 2012). The clay and organic matter contents of organic-rich 
shales, in particular, impart an isotropic fabric to these complex systems which affect 
their gas storage, fluid transport and mechanic properties (Sondergeld et al., 2010). The 
significances of these lithological factors on matrix permeability are, however, rock-
specific and are not necessarily similar among all shale gas reservoirs (Chalmers et al., 
2011, 2012). 
Recognizing that flow discontinuities such as faults and fractures could affect fluid 
transport in organic-rich shales on a reservoir scale, this chapter discusses the 
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lithological controls on matrix permeability of European organic-rich shales, differing in 
porosity, mineralogy (calcite, clay, quartz), TOC content (3 - 14%) and maturity (0.5 - 
2.4% VRr). In addition to the samples analyzed in chapters 4 and 5, two sample plugs 
originating from the Upper Alum Shale/Chokier Formation (western Germany, Belgium) 
were analyzed in this chapter. A sample from Barnett Shale (Texas, US) was, 
furthermore, analyzed in this chapter. 
6.3 Study areas 
While no commercial shale gas enterprises are currently known outside North America, 
many parts of Europe contain prime targets for shale gas exploration (Horsfield et al., 
2008; Littke et al., 2011). The Late Mississippian Upper Alum Shale/ Chokier Formation 
(western Germany, Belgium) is considered as one of the potential targets for shale gas 
exploration in Western Europe (Uffmann et al., 2012). It is organic-rich with an average 
TOC content of 3% and maturities as high as 2.3% VRr. These black shales were 
deposited during the initial phase of the Namurian with a moderate to high 
sedimentation rates, under suboxic to anoxic bottom water conditions (Uffmann et al., 
2012). In central Belgium, the Upper Alum Shale/Chokier Formation exhibits 
thicknesses, organic matter contents and mineralogical compositions that are typical of 
the Barnett Shale in Texas, US (Uffmann et al., 2012). Recently, due to the strongly 
increasing shale gas research and exploration, general geological aspects, 
mineralogical composition and geochemical characteristics of Upper Alum Shale/ 
Chokier Formation were investigated in more detail (Uffmann et al., 2012). In this 
chapter, two core samples originating from the top and bottom parts of a 35 m long 
drilled core from the Upper Alum Shale/ Chokier Formation (area 1, in Uffmann et al., 
2012) were analyzed. 
The Mississippian Barnett Shale gas play, Fort Worth Basin (US), is currently one of the 
largest commercial US natural gas fields onshore. It is organic-rich (2.5 – 11.7%), 
covering a large maturity range (420 < Tmax < 545°C), and is the primary source rock for 
oil and gas generated in the area (Jarvie et al., 2007; Bernhard et al., 2012). The 
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Barnett Shale has been buried to sufficient depth and/or exposed to hot fluid flow to 
reach oil- or gas-generation stages in most parts of the Fort Worth Basin (Jarvie et al., 
2007). It is found at depths of generally 1980 – 2600 m, with average thickness of about 
106 m (Jarvie et al., 2007). General geological aspects and geochemical/petrographic 
characteristics of the Barnett Shale have been previously published in detail (Jarvie et 
al., 2007; Pollastro, 2007; Pollastro et al., 2007). In this chapter, a mature sample (Tmax: 
445 °C) from the Barnett Shale (Mesquite well) was, furthermore, analyzed. 
6.4 Samples  
A total of four plugs including three plugs (parallel/perpendicular to bedding) from the 
Upper Alum Shale/Chokier Formation and one plug (parallel to bedding) from the 
Barnett Shale were analyzed in this chapter. Detailed information of the tested plugs 
including depth, orientation with respect to the received core material 
(perpendicular/parallel), moisture condition and dimensions is listed in Table 6.1.  
Table 6.1: Depths, orientation, moisture condition and dimensions of the samples analyzed in this chapter 
Sample 
Depth 
(m) 
Formation 
Orientation 
w. resp. to 
bedding 
Moisture 
Cond. 
Length 
(mm) 
Diameter 
(mm) 
Chokier#1,┴ 14.3 Upp. Alum Sh./Chokier Perpendicular Dry 11.95 37.82 
Chokier#1,‖ 14.3 Upp. Alum Sh./Chokier Parallel Dry 13.48 28.17 
Chokier#2,‖ 31.5 Upp. Alum Sh./Chokier Parallel Dry 11.48 37.58 
Mesquite, ‖ 1150.6 Barnett Shale Parallel Dry 12.08 37.87 
 
The gas permeability coefficients were measured on dry plugs (105 °C, vacuum, 
overnight) because: 1) in-situ water saturations were unknown and as-received water 
saturations were not representative of reservoir water saturations due to fluid loss after 
drilling/sampling; and, 2) the other petrophysical analyses including gas sorption and 
helium density measurements were conducted on dry, degassed samples. Before the 
measurements, the drilled plugs were visually examined in order to account for and 
describe any visible mineralization and fractures. 
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6.5 Methods 
To evaluate the reservoir characteristics of the samples the TOC content, Tmax, vitrinite 
reflectance (% VRr), mineralogy and porosity of the samples were determined. The TOC 
content and Tmax values were collected using a LECO multiphase 
carbon/hydrogen/moisture analyser (RC-412), and a Rock Eval™ II apparatus. Bulk 
mineralogical compositions were derived from the X-ray diffraction patterns measured 
on randomly oriented powders. For samples from the Upper Alum Shale/Chokier 
Formation, porosity values were determined on oven-dried (T=80°C) crushed samples 
by Mercury Injection Porosimetry method (MIP). For sample from Barnett Shale, 
porosity value was measured on oven-dried (T=105°C) plugs by helium pynometry 
method. Using helium pycnometry method, the bulk volume of the plug was calculated 
using the dimensions of the plug. The experimental details of the analyses for 
determination of TOC content, vitrinite reflectance (% VRr), mineralogy and porosity is 
explained in chapters 4 and 5. 
Single-phase gas (He, Ar, CH4) flow measurements on dry plugs drilled perpendicular 
and parallel to bedding were conducted using steady state and non-steady state 
techniques under controlled effective stress between 5 and 30 MPa. The experimental 
details of the permeability measurements are explained in chapters 4 and 5.  
6.6 Results  
6.6.1 TOC, Rock-Eval, vitrinite reflectance and XRD analyses 
The results of the TOC, Rock-Eval, vitrinite reflectance and XRD analyses are listed in 
Table 6.2. The studied shale samples were organic-rich with TOC contents ranging 
between 1.8 and 8.1%. For the mature sample (Tmax: 445 °C) from the Barnett Shale, 
the TOC content determined in this study was well with the TOC contents (4.7 – 6.4%) 
previously reported for mature samples (466 < Tmax < 452 °C)  from the Barnett Shale 
(Jarvie et al., 2007, Bernhard et al., 2012).  
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Table 6.2: Summary of TOC content, Rock-Eval, vitrinite reflectance and XRD analyses (n.a.: not 
analyzed) 
Sample TOC (%) Tmax (°C) % VRr Clay minerals (%) 
Quartz 
(%) 
Pyrite 
(%) 
Carbonate 
(%) 
Chokier#1 2.41 n.a. 1.9 38.9  37.4  8.4 1 
Chokier#2 1.78 n.a. 2.4 21  66.0  2.9 <1 
Mesquite 5.13 445 1.0 60  31.0  <1 8.4 
 
For Upper Alum Shale/Chokier Formation, the non-clay compositions consisted mainly 
of quartz (31.0 – 66.0%), and lesser quantities of pyrites (2.9 – 8.4%) and calcite (0.8 - 
1%). Clay contents were about 21 and 38.9%. Illite and Muscovite were the 
predominant clay minerals (14.0 – 28.0%) with lesser quantities of chlorite (4.5 – 6.3%) 
and kaolinite (2.2 – 3.8%). For the Barnett Shale sample, the non-clay compositions 
consisted mainly of quartz and feldspar (31%), and lesser quantities of calcite (8.4%). 
Clay content was about 60% for the Barnett Shale sample. Mixed layers Illite/smectite 
(39.3%) and Kaolinite (12.1%) were the predominant clay minerals for the Barnett Shale 
sample with lesser quantities of dolomite (5.1%) and chlorite (3.5%). 
6.6.2 Porosity measurements by Mercury Injection Porosimetry (MIP) 
and helium pycnometry techniques 
The porosity values at dry state were measured using MIP and helium pycnometry 
techniques, combined with direct measurements of dimensions of the plugs for 
determination of bulk volumes. These results are listed in Table 6.3. The pore size 
detection limit of the MIP technique is about 3 nm, whereas helium pycnometry 
technique measures pore sizes larger than the kinetic diameter of helium (0.26 nm). 
The relative difference between the porosity values obtained from these two methods, 
for one of the Scandinavin Alum Shales (Djupvik), indicates the presence of the pores 
within the pore size range of 0.26 to 3 nm in this sample. 
 
 
 
Lithological controls on matrix permeability of European organic-rich shales 
 
154 
 
Table 6.3: Summary of porosity measurements under unconfined condition (n.a.: not analyzed)  
Sample 
Porosity (%) 
Hg porosimetry (dry)     He pycnometry (dry)    
Chokier#1,┴ 2.5 n.a. 
Chokier#1,‖ 2.5 n.a. 
Chokier#2,‖ 6.0 n.a. 
Mesquite, ‖ n.a. 4 
 
6.6.3 Klinkenberg-corrected gas permeability coefficients  
Parallel to bedding, k  (He, Ar, CH4) measured on plugs from Upper Alum 
Shale/Chokier Formation at effective stress ranging between 5 and 30 MPa are plotted 
in Figures 6.1 - 6.2. Parallel to bedding, k  (He) measured on dry mature sample from 
the Barnett Shale at effective stress of 30 MPa was about 5 nDarcy (5.0·10-21 m2). 
Perpendicular to bedding, k  (He) measured on a plug (Chokier#1) from shallow depth 
(14.3 m) of Upper Alum Shale/Chokier Formation at effective stress of 30 MPa was 
about 2.5 nDarcy (2.5·10-21 m2). 
 
Figure 6.1: gask  (He, CH4); Sample Chokier#1, drilled parallel to bedding, dry 
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Figure 6.2: gask  (He, Ar, CH4); Sample Chokier#2, drilled parallel to bedding, dry 
6.7 Discussion 
6.7.1 Porosity-Permeability relationship 
For the samples analyzed in this study and those from chapters 4 and 5 (excluding one 
sample from Harderode well, Posidonia Shale; HAR,1), k  (He) measured 
perpendicular and parallel to bedding at effective stress of 30 MPa are shown in Figure 
6.3, as a porosity-permeability plot. To keep consistency, only the samples for which the 
porosity values were measured using helium pycnometry technique were considered. 
Permeability coefficients in this plot are Klinkeberg-corrected and were all measured at 
an effective stress fo 30 MPa. 
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Figure 6.3: Relationship between porosity and permeability. All permeability data were measured at 
effective stress of 30 MPa. 
As observed by previous studies (Dewhurst et al., 1998, Yang and Aplin 2007), Figure 
6.3 shows that there is a fair to modest log-linear relationship between porosity and 
permeability coefficients measured perpendicular to bedding. There is, however, a poor 
correlation between porosity and permeability coefficients measured parallel to bedding. 
The convergence of the permeability coefficients at lower porosity values in parallel and 
perpendicular directions to bedding reflects the fact that shales appear to compact by 
preferential collapse of larger pores which contribute most to the fluid flow (Dewhurst et 
al., 1998; Yang and Aplin, 2007, 2010). Pore throat size distributions of lithologically 
diverse mudstones/shales are expected to become increasingly similar as porosity 
decreases (Dewhurst et al., 1998; Yang and Aplin, 2007, 2010). 
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6.7.2 Effect of organic matter on porosity and permeability  
For immature and overmature samples analyzed in this chapter and those from 
chapters 4 and 5, Figure 6.4 shows that there is a modest correlation between existing 
TOC content and porosity values measured by helium pycnometry. Figure 6.4 indicates, 
furthermore, that the porosity values measured for mature samples (oil-window: 445 < 
Tmax < 449 °C; 0.85 – 1.05% VRr) were significantly lower than those measured for 
immature and overmature samples with similar TOC contents. These lower porosity 
values for mature samples are, most likely, attributed to the thermally generated viscous 
bitumen which has not been expelled from the pore network system blocking the pore 
throats/volume (Loucks et al., 2009; Bernard et al., 2011).  
 
Figure 6.4: Relationship between porosity and TOC content. Mature samples have significantly lower 
porosity values than immature/overmature samples with similar TOC contents. 
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Consistent with the latter observations, among the sample suite studied perpendicular 
and parallel to bedding, the lowest k  (He) were measured for mature samples (< 
1·10-20 m2).  
The large continuous commercial gas resources within the Barnett Shale, according to 
Jarvie et al. (2007), are located in the gas-prone areas (>1.4% VRr). The oil-prone (0.6 
– 1.0 %VRr) areas of the Barnett Shale have generally lower gas flow rates than gas-
prone areas. This observation is, most likely, due to the lower volumes of generated gas 
and the presence of residual oil/hydrocarbon fluids that occlude pore throats (Jarvie et 
al., 2007). These observations show that TOC content in combination of thermal 
maturity could be a key geochemical parameter to assess the likelihood of high-flow-
rates in shale gas plays (Jarvie et al., 2007).  
6.7.3 Effect of mineralogy on permeability  
For the sample suite analyzed in this chapter and those from chapters 4 and 5, 
permeability was not simply controlled by mineralogy as samples with higher 
permeability coefficients were quartz-, carbonate- and clay-rich (Figure 6.5). Figure 6.5 
shows, furthermore, that there was no significant relationship between mineralogy and 
stress dependence of permeability. Consistent with the latter observation, for organic-
rich shales from Western Canadian Basin and Woodford Shale, Pathi (2008) observed 
that the mineralogy was not the only factor affecting the stress dependence of 
permeability, as the permeability coefficients of the samples with similar amounts of 
quartz and clay showed different sensitivity to effective stress.  
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Figure 6.5: Relationship between mineralogy and permeability for European organic-rich shales 
The effect of mineralogy on matrix permeability and stress dependence of permeability 
was discussed in chapter 2. 
6.7.5 Effect of orientation on permeability (permeability anisotropy) 
For the sample suite analyzed in this chapter and those from chapters 4 and 5, k  (He) 
measured parallel to bedding were up to more than one order of magnitude higher than 
those measured perpendicular to bedding (Figure 6.6). Comparable degrees of 
permeability anisotropy have been reported for other organic-rich shales/mudstones 
(Pathi, 2008; Metwally and Sondergeld, 2011; Chalmers et al., 2012), as explained in 
chapters 4 and 5.  
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Figure 6.6: Relationship between permeability coefficients measured parallel and perpendicular to 
bedding. Permeability coefficients are Klinkenberg-corrected and were measured at an effective stress of 
30 MPa. 
Permeability anisotropy reflects sediment heterogeneity and particle alignment (Yang 
and Aplin, 2007, 2010). Sediment heterogeneity is primarily dependent on sediment 
deposition and conditions leading to the formation of silt-clay lamination (Yang and 
Aplin, 2010) and particle alignment is related to the subsequent mechanical compaction 
and clay mineral recrystallisation (Aplin et al., 2006; Yang and Aplin, 2010). In shales, in 
particularly, the permeability anisotropy is strongly related to the microstructure 
(bedding/lamination planes), pre-existing micro-fractures and the orientation of minerals 
and pores/cracks along a preferential direction, as the result of sedimentation, 
compaction and diagenesis (Georgi et al., 2002; Kwon et al., 2004; Pathi, 2008; 
Metwally and Sondergeld, 2011; Kanitpanyacharoen et al., 2012).  
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6.7.6 Effect of permeating fluid on permeability  
Considering the typical pore throat diameters encountered in the matrix of organic-rich 
shales ranging between 1 and 100 nm (Sakhaee-pour et al., 2011), slip and transitional 
flow (0.001 < nK  < 10) are the most dominant gas flow regimes in the matrix of the 
shale under laboratory conditions, as well as within the field conditions of the productive 
gas shale plays (Freeman et al., 2011). Knudsen number and slip flow mechanism in 
the matrix of organic-rich shales are discussed in chapter 4. The degree of slip flow 
(Knudsen number) is dependent on pore throat sizes and mean free path of the gas 
molecules (Javadpour et al., 2007; Javadpour et al., 2009). The “collision diameter” of 
the gas molecules is one of the factors that control the mean free path of the gases, and 
therefore, slip flow. Slip flow becomes more dominant as the size of the gas molecules 
decreases. In particular, slip flow is more dominant in shales, which are typically 
characterized by nanometer pore throats. At given pressure and pore throat diameters, 
the Knudsen number, and thus slip flow, increases in the order of CH4 < Ar < He which 
agrees with the increase of the permeability in the order CH4 < Ar < He (Figures 6.1-
6.2). It has been, furthermore, discussed by some studies that the smaller permeability 
coefficients measured using argon and methane could be partially due to the larger 
molecular diameters of these gases compared to helium, i.e. molecular sieving effects 
(Ross and Bustin 2007; Cui et al., 2009; Letham, 2011). The molecular diameters of 
argon and methane are significantly larger (0.37 and 0.38 nm, respectively), than those 
for helium (0.28 nm), which may prevent the molecules of these gases to flow through 
extremely small pore throats accessible to helium (Cui et al., 2009).  
 
Gas sorption and the occupation of pore throats/volume by interlayer sorbed gas could 
affect the surface area of pore throats and connected pore volume within the shale 
matrix, and in consequence, permeability. Furthermore, the layers of sorbed gas 
molecules on organic/inorganic matter of organic-rich shales enhances drag forces on 
flowing gas molecules and slow down the fluid transport (permeability) through the 
shale matrix (Wang et al., 2009). The typical diameter of pore throats in shales, 
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particularly within the organic matrix, are so small that the thickness of the sorbed gas 
layer could become important, affecting the mechanism of fluid transport within the 
matrix of shales (Akkutlu and Fathi, 2011). Since there is commonly an exponential 
increase in surface area with decrease of pore (grain) size, fine-grained 
mudstones/shales, which dominantly have micro- and meso-pores, can contain 
substantial surface area available for gas sorption (Cui et al., 2009). Particularly, in 
organic-rich shales gas sorption capacities could be substantial, as a result of high 
internal surface area within kerogen/organic matter and its sorption affinity (Cui et al., 
2009). Based on the experimental observations of Gasparik et al. (2012), clay minerals 
can, furthermore, contribute significantly to the overall methane sorption capacity of 
shales. Using numerical simulation, it has been, however, discussed that under 
laboratory conditions ( P < 5 MPa, T = 30 °C) the thickness of sorbed gas (CH4) layer, 
and therefore its diminishing effect on matrix permeability of shales, is negligible 
(Sakhaee-pour et al. 2011). In the numerical study by Sakhaee-pour et al. (2011), the 
thickness of adsorbed layer of methane molecules assumed to be constant (0.7 nm) at 
pore pressure of 28 MPa, and decreased linearly with pressure. Based on the numerical 
simulations by Sakhaee-pour et al. (2011), the effect of sorbed gas layer on shale 
permeability could become significant only under field conditions ( P >10 MPa, T =90 
°C). 
Figure 6.7 shows the ratio between helium permeability coefficients to those of argon 
and methane for the tested immature/overmatures organic-rich shales, differing in TOC 
content. The ratio between helium and argon permeability coefficients highlights the 
influence of slip flow (due to the molecular size difference), while the ratio between 
helium and methane permeability coefficients highlights the combined influences of slip 
flow and gas sorption.  
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Figure 6.7: The ratio between helium permeability to those of argon and methane over a range of TOC 
content. All permeability data were measured at effective stress of 30 MPa. 
Figure 6.7 indicates, in particular, that, 1) for the samples tested k  measured using 
helium were consistently, up to two times, higher than those measured using argon and 
methane; 2) the ratio between helium and methane permeability coefficients, (
4,
,
CHk
Hek

 ), 
increased as TOC content increased. The increase of TOC content, however, had no 
significant effect of the ratio between helium and argon permeability coefficients (Figure 
6.7). For the sample suite studied, Figure 6.8 shows, furthermore, that compared to the 
TOC content, the clay content had no significant effect on the ratio between helium 
permeability coefficients to those of methane. Based on these observations, within the 
sample suite studied, the permeability reduction associated with argon and methane as 
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permeates is, most likely, due to: 1) the enhanced slip flow and smaller molecular size 
associated with helium as permeate, and/or, 2) methane sorption on organic matter of 
the shale matrix. 
 
Figure 6.8: The ratio between helium permeability to those of argon and methane over a range of clay 
content. All permeability data were measured at effective stress of 30 MPa. 
6.7.7 Comparison between measured and modeled permeability  
Previous laboratory studies have shown that, perpendicular to bedding, the permeability 
of mudstones is roughly related to porosity ( ) or void ratio (




1
e ) by log-linear 
relationships (Dewhurst et al., 1998, 1999; Yang and Aplin, 1998, 2007, 2010). For 
marine mudstones over a broad range of porosity, Yang and Aplin (2010) indicated, in 
particular, that the relationship between the logarithmic permeability (perpendicular to 
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bedding) and porosity (or void ratio) is better described by a more complex form. Using 
clay content as the quantitative lithology descriptor, Yang and Aplin (2010) considered a 
dataset comprising 376 data points to derive a new relationship between permeability of 
marine mudstones (perpendicular to bedding) and porosity (or void ratio) as a function 
of clay content: 
5.05.0
5.05.0
)61.16391.8161.86(
)78.13203.8061.53(07.4479.2659.69)ln(
eCFCF
eCFCFCFCFk


 
where CF  is the clay content, e  is the void ratio and k  is the bedding perpendicular 
permeability coefficient (m2). The coefficient of regression (
2r ), according to Yang and 
Aplin (2010), is 0.93. 
Using clay contents and porosity values as inputs, the Yang and Aplin (2010) model 
was used in this chapter to model the permeability coefficients perpendicular to bedding 
for the sample suite studied. These results are shown in Figure 6.9. Figure 6.9 indicates 
that the Yang and Aplin (2010) model is capable of predicting the (gas/water) 
permeability coefficients of most of the samples within a factor of 2 over a three orders 
of magnitude range of permeability. The remaining uncertainty in the predicted 
permeability coefficients is, partially, due to the measurement uncertainty and the fact 
that a simple descriptor such as clay content can only approximate the complexities of 
mudstone lithology and grain size distribution (Yang and Aplin, 2010). Figure 6.9 shows, 
furthermore, that, for most of the samples the (measured) Klinkenberg-corrected, gas 
permeability coefficients are higher than the predicted permeability coefficients. This 
observation is, most likely, due to the fact that the Yang and Aplin (2010) model was 
principally calibrated using the permeability coefficients, which were measured with 
liquid permeates (NaCl/CaCl2 solutions, distilled water). However, as observed in 
previous laboratory studies (Jones and Owens, 1980; Freeman and Bush, 1983; Wie et 
al, 1986), the permeability coefficients, which are measured using gaseous permeates 
(Klinkenberg-correcetd gas permeability: k ) may be significantly higher than those 
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measured with liquid permeates, particularly water (absolute/intrinsic permeability: absk ). 
Possible explanations for the observed discrepancy between absk  and k  including the 
“swelling of clay minerals”, “trapped gas within pores”, “structured water on surface of 
minerals” and “enhanced compaction due to water” were discussed in detail in Chapter 
3. 
 
Figure 6.1: The relationship between measured and modeled permeability coefficnets using Yang and 
Aplin model (2010). Helium and water were used for measurement of permeability coefficients at effective 
stress of 30 MPa. 
6.8 Conclusions 
Based on the experimental observations of this study, the following conclusions could 
be drawn: 
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 Among the sample suite studied, the lowest porosity and permeability coefficients 
in parallel and perpendicular directions were measured at intermediate maturity 
levels (oil-window; 0.85 - 1.05 %Ro).  
 Permeability coefficients measured parallel to bedding were more than one order 
of magnitude higher than those measured perpendicular to bedding.  
 In general, the Klinkenberg-corrected gas permeability coefficients increased with 
porosity (4-16 %) ranging between 4·10-22 and 9.7·10-17 m². There was a fair to 
modest log-linear relationship between porosity and permeability coefficients 
measured perpendicular to bedding.   
 Permeability coefficients measured with He were consistently up to two times 
higher than those measured with Ar and CH4 under similar experimental 
conditions. The permeability reduction associated with argon and methane as 
permeates is, most likely, due to: 1) the enhanced slip flow and smaller molecular 
size associated with helium as permeate, and/or, 2) methane sorption on organic 
matter of the shale matrix. 
 Perpendicular to bedding, the Yang and Aplin (2010) model was capable of 
predicting the (gas/water) permeability coefficients of most of the samples within 
a factor of 2 over a three orders of magnitude range of permeability.
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Outlook 
During this PhD study, issues, such as the “in-situ” moisture state of gas shales and its 
influence on gas permeability was identified as important problems requiring 
fundamental research in terms of methodology, experimental techniques and “best 
practice”. In particular, the measurement of gas permeability on organic-rich shales with 
different moisture contents (fully and partially water-saturated) is still an experimental 
challenge.  
The method of permeability measurement on rock cuttings (so called “GRI method”) 
was considered as an alternative technique to overcome this issue. This technique is 
commercially favorable for measurements of shale permeability/diffusivity because; 1) it 
can be conducted on small shale fragments (cuttings) instead of plugs, and, 2) the test 
durations are considerably shorter than for other methodologies. This technique 
consists of pressure pulse decay experiments on unconfined shale cuttings. The 
pressure transient curves over time are evaluated to obtain the permeability/diffusivity of 
shale. The GRI method is still poorly understood and the results of the measurements 
may differ by 3 orders of magnitude on identical samples. Within this PhD study, this 
methodology was analyzed and tested on selected shale cuttings. This research 
program is, however, still ongoing and further tests and analyses are required before 
final conclusions can be drawn.  
Based on experimental results, discussions with project partners and sponsors, 
consistency, accuracy and reliability of laboratory data (petrophysical and geochemical 
analyses) provided by commercial and academic laboratories is one of the major 
concerns within shale gas research. As discussed between sponsors and the RWTH 
Aachen team, during the “Methods Workshop” (Aachen, February 2012) and GASH 
meeting (Potsdam, May 2012), a round robin study for permeability measurements has 
been organized within GASH. This round robin study is the first international inter-
laboratory study for permeability. The measurements are planned to be conducted in 
commercial (CoreLab, Weatherford, TerraTek) and research (ExxonMobil, EMR 
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Aachen, RIPED of PetroChina) laboratories worldwide on selected identical organic-rich 
shales, differing in mineralogy, TOC and maturity. The results of these measurements, 
conducted in the commercial and research laboratories, will be further compared and 
potential discrepancies will be analyzed. 
References 
 
170 
 
References 
Adeboye, O.O., Bustin, R.M., 2013. Variation of gas flow properties in coal with probe 
gas, composition and fabric: Examples from western Canadian sedimentary basin. 
International Journal of Coal Geology 108, 47 - 52. 
Akkutlu, Y., Fathi, E., 2011. Multi-scale gas transport in shales with local kerogen 
heterogeneities. Society of Petroleum Engineers (SPE), Annual Technical Conference 
and Exhibition, Denver, Colorado, USA. SPE Paper 146422. 
 
Amann-Hildenbrand, A., Ghanizadeh, A., Krooss, B.M., 2012. Transport properties of 
unconventional gas systems. Marine and Petroleum Geology 31 (1), 90 - 99. 
Aplin, A.C., Matenaar, I.F., McCarty, D.K., van der Pluijm, B.A., 2006. Influence of 
mechanical compaction and clay mineral diagenesis on the microfabric and porescale 
properties of deep-water Gulf of Mexico mudstones. Clays and Clay Minerals 54, 500 – 
514. 
Baumann-Wilke, M., Bauer K., Schovsbo N.H., Stiller, M., 2012. P-wave traveltime 
tomography for a seismic characterization of black shales at shallow depth on 
Bornholm, Denmark. Geophysics 77 (5), 53 - 60. 
Bell, F.G., Jerry, C.A., 2002. A laboratory investigation of some factors affecting the 
stability of a mine in the Eastern Transvaal coalfield, South Africa. Environmental and 
Engineering Geoscience 8, 85 - 104. 
Bernard, S., Horsfield, B., Schulz, H.-M., Wirth, R., Schreiber, A., Sherwood, N., 2011. 
Geochemical evolution of organic-rich shales with increasing maturity: A STXM and 
TEM study of the Posidonia Shale (Lower Toarcian, northern Germany). Marine and 
Petroleum Geology 31 (1), 70 - 89. 
Bernard, S. Wirth, R. Schreiber, A. Schulz, H.-M. Horsfield, B., 2012. Formation of 
nanoporous pyrobitumen residues during maturation of the Barnett Shale (Fort Worth 
Basin. International Journal of Coal Geology 103, 3 - 11. 
Berner U., Kahl T., Scheeder, G., 2010. Shale gas exploration – hydrocarbon potential 
of sediments of the German Wealden basin. Erdöl-Erdgas-Kohle 126, 80 - 84. 
 
Billiotte, J., Yang, D., Su, K., 2008. Experimental study on gas permeability of 
mudstones. Physics and Chemistry of the Earth 33, 231 - 236. 
Bloomfield, J.P., Williams, A.T., 1995. An empirical liquid permeability-gas permeability 
correlation for use in aquifer properties studies. Quarterly Journal of Engineering 
Geology 28, 143 - 150. 
References 
 
171 
 
Boulin, P.F., Bretonnier, P., Gland, N., Lombard, J.M., 2010. Low water permeability 
measurements of clay sample. Contribution of steady state method compared to 
transient methods. Presented at International Symposium of the Society of Core 
Analysis, Halifax, Canada.  
Broichhausen, H., Littke, R., Hantschel, T., 2005. Mudstone compaction and its 
influence on overpressure generation, elucidated by a 3D case study in the North Sea. 
International Journal of Earth Sciences 94, 956 – 978. 
 
Bruns, B., di Primio, R., Berner, U., Littke, R., 2013. Petroleum system evolution in the 
inverted Lower Saxony Basin, Northwest Germany: a 3D basin modeling study. 
Geofluids, in press. 
Buchardt, B., Clausen, J., Thomsen, E., 1986. Carbon isotope composition of Lower 
Palaeozoic kerogen: effects of maturation. Organic geochemistry 10, 127 - 134. 
 
Buchardt, B., Lewan, M.D., 1990. Reflectance of vitrinite-like macerals as a thermal 
maturity index for Cambrian-Ordovician Alum Shale, southern Scandinavia. American 
Association of Petroleum Geologists (AAPG) Bulletin 74, 394 - 406. 
 
Busch, A. Alles, S., Gensterblum, Y., Prinz, D., Dewhurst, D.N., Raven, M.D., Stanjek, 
H., Krooss, B.M., 2008. Carbon dioxide storage potential of shales. International Journal 
of Greenhouse Gas Control 2, 297 - 308. 
Bustin, A.M.M., Bustin, R.M., Cui, X., 2008. Importance of fabric on the production of 
gas shales. Society of Petroleum Engineers (SPE), Unconventional Gas Conference, 
Keystone, Colorado, USA. SPE Paper 114167. 
Bustin, A.M.M., Bustin, R.M., 2012. Importance of rock properties on the producibility of 
gas shales. International Journal of Coal Geology 103, 132 - 147. 
Byerlee, J., 1990. Friction, overpressure and fault normal compression. Geophysical 
Research Letters 17, 2109 - 2112. 
Carles, P., Egermann, P., Lenormand, P., Lombard, J.M., 2007. Low permeability 
measurements using steady-state and transient methods. Presented at International 
Symposium of the Society of Core Analysis, Calgary, Canada. 
http://www.scaweb.org/assets/papers/2007_papers/07.pdf 
 
Chalmers, G.R.L., Bustin, R.M., 2008. Lower Cretaceous gas shales in northeastern 
British Columbia, Part I: geological controls on methane sorption capacity. Bulletin of 
Canadian Petroleum Geology 56, 1 - 21. 
 
References 
 
172 
 
Chalmers, G.R.L., Bustin, A.M.M., Bustin R.M., 2011. Lithological controls on 
hydrocarbon saturation, total porosity, pore size distribution, and matrix permeability of 
Devonian strata of the Horn River basin. Presented at The Society for Organic 
Petrology 28th Annual Meeting, Halifax, Nova Scotia, Canada. 
http://archives.datapages.com/data/meta/tsop/TSOPv28_2011/chalmers_firstpage.pdf 
 
Chalmers, G.R.L., Ross, D.J.K., Bustin, R.M., 2012. Geological controls on matrix 
permeability of Devonian Gas Shales in the Horn River and Liard basins, northeastern 
British Columbia, Canada. International Journal of Coal Geology 103, 120 - 131. 
Chalmers, G.R.L., Bustin, R.M., 2012. Geological evaluation of Halfway–Doig–Montney 
hybrid gas shale–tight gas reservoir, northeastern British Columbia. Marine and 
Petroleum Geology 38 (1), 53 - 72. 
Chandle, R.J., Leroueila, S., Trenter, N.A., 1990. Measurements of the permeability of 
London clay using a self-boring permeameter. Geotechnique 40, 113 - 124. 
 
Chen, Z., Pan, Z., Liu, J., Connell, L.D., Elsworth, D., 2011. Effect of the effective stress 
coefficient and sorption-induced strain on the evolution of coal permeability: 
experimental observations. International Journal of Greenhouse Gas Control 5 (5), 
1284 - 1293. 
 
Cipolla, C.L., Lolon, E.P., Erdle, J.C., Rubin, B., 2010. Reservoir modeling in shale-gas 
reservoirs. SPE Reservoir Evaluation and Engineering13, 638 - 653. 
Cui, X., Bustin, A.M.M., Bustin, R.M., 2009. Measurement of gas permeability and 
diffusivity of tight reservoir rocks: Different approaches and their applications. Geofluids 
9, 208 - 223. 
Curtis, J.B., 2002. Fractured shale-gas systems. American Association of Petroleum 
Geologists (AAPG) Bulletin 86, 1921 - 1938. 
Curtis, M.E., Cardott, B.J., Sondergeld, C.H., Rai, C.S., 2012. The development of 
organic porosity in the Woodford Shale related to thermal maturity. International Journal 
of Coal Geology 103, 26 - 31. 
Deming, D., 1994. Factors necessary to define a pressure seal. American Association 
of Petroleum Geologists (AAPG) Bulletin 78, 1005 - 1009. 
Dewhurst, D.N., Aplin, A.C., Sarda, J.P., Yang, Y., 1998. Compaction-driven evolution 
of porosity and permeability in natural mudstones: An experimental study. Journal of 
Geophysical Research 103 (1), 651 - 661. 
Dong, J.J., Hsu, J.J.,  Wu, W.J., Shimamoto, T.,  Hung, J.H., Yeh, E.C., Wu, Y.H., 
Sone, H., 2010. Stress-dependence of the permeability and porosity of sandstone and 
References 
 
173 
 
shale from TCDPHole-A. International Journal of Rock Mechanics and Mining Sciences 
47 (7), 1141 - 1115. 
Dyni J.R., 2006. Geology and resources of some world oil-shale deposits. US 
Geological Survey, Scientific Investigations Report, 2005–5294. 
http://pubs.usgs.gov/sir/2005/5294/pdf/sir5294_508.pdf 
Eseme, E., Littke, R., Krooss, B.M., 2006. Factors controlling the thermo-mechanical 
deformation of oil shales: Implications for compaction of mudstones and exploitation. 
Marine and Petroleum Geology 23 (7), 715 - 734.  
Eseme, E., Krooss, B.M., Littke, R., 2012. Evolution of petrophysical properties of oil 
shales during high-temperature compaction tests: Implications for petroleum expulsion. 
Marine and Petroleum Geology 31 (1), 110 - 124. 
Fathi, E., Akkutlu, I.Y., 2009. Matrix heterogeneity effects on gas transport and 
adsorption in coalbed and shale gas reservoirs. Transport in Porous Media 80, 281 -  
304. 
Faulkner, D.R., Rutter, E.H., 2000. Comparisons of water and argon permeability in 
natural clay-bearing fault gouges under high pressure at 20°C. Journal of Geophysical 
Research 105, 16415 - 16426.   
Faulkner, D.R., Rutter, E.H., 2003. The effect of temperature, the nature of the pore 
fluid, and subyield differential stress on the permeability of phyllosilicate-rich fault 
gouge. Journal of Geophysical Research 108, 2227 - 2239. 
Freeman, D.L., Bush, D.C., 1983. Low-permeability laboratory measurements by 
nonsteady-state and conventional methods.  SPE Journal 23, 928-936. 
Freeman, C.M., Moridis, G.J., Blasingame, T.A., 2011. A numerical study of microscale 
flow behaviour in tight gas and shale gas reservoir systems. Transport in Porous Media 
90, 253 - 268. 
Frimmel, A., Oschmann, W., Schwark, L., 2004. Chemostratigraphy of the Posidonia 
Black Shale, SW-Germany: I – Influence of Sea Level Variation on Organic Facies 
Evolution. Chemical Geology 206, 199 - 230. 
Gasparik, M., Ghanizadeh, A., Gensterblum, Y., Sander, B., Krooss, B.M., 2012. High-
pressure methane sorption isotherms on black shales from the Netherlands. Energy and 
Fuels 26 (8), 4995 - 5004. 
 
Gasparik, M., Bertier, P., Gensterblum, Y., Ghanizadeh, A., Krooss, B.M., Littke, R., 
2013. Geological controls on the methane storage capacity in organic-rich shales. 
International Journal of Coal Geology, in press. 
References 
 
174 
 
 
Georgi, D., Bespalov, A., Tabarovsky, L., Schoen, J., 2002. On the relationship between 
resistivity and permeability anisotropy. Society of Petroleum Engineers (SPE), Annual 
Technical Conference and Exhibition, San Antonio, Texas, USA. SPE Paper 77715. 
Han, F., Busch, A., Krooss, B.M., Liu, Z., van Wageningen, N., Yang, J., 2010a. 
Experimental study on fluid transport processes in the cleat and matrix systems of coal. 
Energy and Fuels 24, 6653 - 6661 
 
Han, F., Busch, A., van Wageningen, N., Yang, J., Liu, Z., Krooss, B.M., 2010b. 
Experimental study of gas and water transport processes in the inter-cleat (matrix) 
system of coal: Anthracite from Qinshui Basin, China. International Journal of Coal 
Geology 81, 128 - 138. 
 
Hildenbrand, A., Schloemer, S., Krooss, B.M., 2002. Gas breakthrough experiments on 
fine-grained sedimentary rocks. Geofluids 2, 3 - 23. 
Homola,  A.M., Israelachvili, J.N., Gee, M.L., McGuiggan, P.M., 1989. Measurements of 
and relation between the adhesion and friction of two surfaces separated by molecularly 
thin liquid films. Journal of Tribology 111, 675 - 682. 
 
Horsfield, B., Schulz H-M. and GASH Team, 2008. GASH: a shale gas initiative for 
Europe. EGU general assembly, Geophysical Research Abstracts 10, 1607 
7962/gra/EGU2008-A-01508. 
http://meetings.copernicus.org/www.cosis.net/abstracts/EGU2008/01508/EGU2008-A-
01508.pdf 
Inagaki, N., Tasaka, S., Abe, H., 1994. Adsorption of carbon dioxide in plasma polymers 
prepared from silicon compounds and carbon dioxide separation membrane. Polymer 
Bulletin 33, 709 - 715. 
 
Jarvie, D.M., Hill, R.J., Ruble, T.E., Pollastro, R.M., 2007. Unconventional shale-gas 
systems: the Mississippian Barnett Shale of north-central Texas as one model for 
thermogenic shale-gas assessment. American Association of Petroleum Geologists 
(AAPG) Bulletin 91 (4), 475 - 499. 
 
Javadpour, F., Fisher, D., Unsworth, M., 2007. Nanoscale gas flow in shale sediments. 
Journal of Canadian Petroleum Technology 46 (10), 55 - 61. 
 
Javadpour, F., 2009. Nanopores and apparent permeability of gas flow in mudrocks 
(shales and siltstone). Journal of Canadian Petroleum Technology 48 (8), 16 - 21. 
 
Jenkins, C., Boyer, C., 2008. Coalbed and shale-gas reservoirs. Journal of Petroleum 
Technology 60 (2), 92 - 99. 
References 
 
175 
 
 
Jenkyns, H.C., 1988. The early Toarcian (Jurassic) event: stratigraphy, sedimentary, 
and geochemical evidence. American Journal of Science 288, 101 - 151. 
 
Jensenius, J., 1987. Regional studies of fluid inclusions in Paleozoic sediments from 
southern Scandinavia. Bulletin of the Geological Society of Denmark 36, 221 - 235. 
Jochum, J., Friedrich, G., Leythaeuser, D., Littke, R., 1995a. Intraformational 
redistribution of selected trace elements in the Posidonia Shale (Hils Syncline, NW-
Germany) caused by the thermal influence of the Vlotho Massif. Ore Geology Reviews 
9, 353 - 362. 
Jochum, J., Friedrich, G., Leythaeuser, D., Littke, R., Ropertz, B., 1995b. Hydrocarbon-
bearing fluid inclusions in calcite-tilled horizontal fractures from mature Posidonia Shale 
(Hils Syncline, NW Germany). Ore Geology Reviews 9 (5), 363 - 370. 
Jones, F.O., Owens, W.W., 1980. A laboratory study of low-permeability gas sands. 
Journal of Petroleum Technology 32, 1631-1640. 
Kalantari-Dahaghi, A., 2011. Systematic approach to numerical simulation and 
modelling of shale gas reservoirs. International Journal of Oil, Gas and Coal Technology 
4, 209 - 243. 
Kanitpanyacharoen, W., Kets, F.B., Wenk, H.-R., Wirth, R., 2012. Preferred mineral 
orientation and microstructure in the posidonia shale in relation to different degrees of 
thermal maturity. Clays and Clay Minerals 60 (3), 315 - 329. 
Katsube, T.J., 2000. Shale permeability and pore-structure evolution characteristics. 
Natural Resource Canada Current Research, E15. 
ftp://ftp.geogratis.gc.ca/part6/ess_pubs/211/211622/cr_2000_e15.pdf 
 
Klaver, J., Desbois, G., Urai, J.L., Littke, R., 2012. BIB-SEM study of the pore space 
morphology in early mature Posidonia Shale from the Hils area, Germany. International 
Journal of Coal Geology 103, 12 - 25. 
Klinkenberg, L. J., 1941. The permeability of porous media to liquid and gases. API 
Drilling and Production Practice, 200 - 213. 
Koren, T., Bjerreskov, M., 1997. Early Llandovery monograptids from Bornholm and the 
southern Urals: taxonomy and evolution. Bulletin of the Geological Society of Denmark 
44, 1 - 43. 
Kwon, O, Kroneberg, A.K., Gangi, A.F., Johnson, B, 2001. Permeability of Wilcox shale 
and its effective pressure law. Journal of Geophysical Research 106, 19, 339 - 353. 
References 
 
176 
 
Kwon, O, Kroneberg, A.K., Gangi, A.F., Johnson, B., Herbert, B., 2004. Permeability of 
illite- bearing shale: anisotropy and effects of clay content and loading. Journal of 
Geophysical Research 109, B10205. 
Letham, E.A., 2011. Matrix permeability measurements of gas shales: gas slippage and 
adsorption as sources of systematic errors. Thesis (B.Sc.), The University of British 
Columbia, Vancouver, Canada. 
 
Lewan, M.D., Buchardt, B., 1989. Irradiation of organic matter by uranium decay in the 
Alum Shale, Sweden. Geochimica et Cosmochimica Acta 53 (6), 1307-1322. 
Lewis, A.M., P., 2007. Production data analyses of shale gas reservoirs. Thesis (M.Sc.), 
Louisiana State University, Louisiana, US. 
 
Leythaeuser, D., Littke, R., Radke, M., Schaefer, R., 1988. Geochemical effects of 
petroleum migration and expulsion from Toarcian source rocks in the Hils syncline area, 
NW-Germany. Organic Geochemistry 13, 489 - 502. 
 
Li, S., Dong, M., Dai, L., Li, Z., Pan, X., 2004. Determination of gas permeability of tight 
reservoir cores without using Klinkenberg correlation. Society of Petroleum Engineers 
(SPE). SPE Asia Pacific Oil and Gas Conference and Exhibition, Perth, Australia. SPE 
Paper 88472.  
Lindgreen, H., Drits, V.A., Sakharov, B.A., Salyn, A.L., and Dainyak, L.G., 2000. Illite-
smectite structural changes during metamorphism in black Cambrian Alum Shales from 
the Baltic area. American Mineralogist 85, 1223 - 1238. 
 
Littke, R., Baker, D., Leythaeuser, D., 1988. Microscopic and sedimentologic evidence 
for the generation and migration of hydrocarbons in Toarcian source rocks of different 
maturities. Organic Geochemistry 13, 549 - 559. 
 
Littke, R., Leythaeuser, D., Rullkotter, J., Baker, D.R., 1991a. Keys to the depositional 
history of the Posidonia Shale (Toarcian) in the Hils syncline, northern Germany. 
Geological Society of London, Special Publications 58 (1), 311 - 333. 
 
Littke, R., Klussmann, U., Krooss, B., Leythaeuser, D., 1991b. Quantification of loss of 
calcite, pyrite, and organic matter due to weathering of Toarcian black shales and 
effects on kerogen and bitumen characteristics. Geochimica et Cosmochimica Acta 55 
(11), 3369 - 3378. 
 
Littke, R., Krooss, B., Uffmann, A.K., Schulz, H-M, Horsfield, B., 2011. Unconventional 
Gas Resources in the Paleozoic of Central Europe. Oil & Gas Science and Technology 
66 (6), 953 - 977. 
References 
 
177 
 
Loucks, R.G., Reed, R.M., Ruppel, S.C., Jarvie, D.M., 2009. Morphology, genesis, and 
distribution of nanometer-scale pores in siliceous mudstones of the Mississippian 
Barnett shale. Journal of Sedimentary Research 79 (12), 848 - 861. 
 
Luffel, D.L., Hopkins, C.W., Holditch, S.A., Schetter, P.D., 1993. Matrix permeability 
measurement of gas productive shales. Society of Petroleum Engineers (SPE), Annual 
Technical Conference and Exhibition, Houston, Texas, US. SPE Paper 26633. 
Mallon, A.J., Swarbrick, R.E., 2008. How should permeability be measured in fine-
grained lithologies? Evidence from the chalk. Geofluids 8, 35 - 45. 
 
Mann, U., Müller, P.J., 1988. Source rock evaluation by well log analysis (lower 
Toarcian, Hils syncline. Organic Geochemistry 13, 109 - 119. 
Massarotto, P., 2002. 4-D coal permeability under true triaxial stress and constant 
volume conditions. Thesis (PhD), The University of Queensland, Brisbane, Australia. 
 
Mayerhofer, M.J., Lolon, E.P., Youngblood, J.E., Heinze, J.R., 2006. Integration of 
microseismic fracture mapping results with numerical fracture network production 
modeling in the Barnett shale. Society of Petroleum Engineers (SPE), Annual Technical 
Conference and Exhibition, San Antonio, Texas, US. SPE Paper 102103. 
Massey B, Smith JW (2005) Mechanics of fluids. 8th edition, Spon Press, New York. 
 
Martini, A.M., Walter, L.M., Ku, T.C. W., Budai, J.M., McIntosh, J.C., Schoell, M., 2003. 
Microbial production and modification of gases in sedimentary basins: A geochemical 
case study from a Devonian shale gas play, Michigan basin. American Association of 
Petroleum Geologists (AAPG) Bulletin 87, 1355 - 1375. 
 
Mazumder, S., Wolf, K.H., 2008. Differential swelling and permeability change of coal in 
response to CO2 injection for ECBM. International Journal of Coal Geology 74 (2), 
123 - 138. 
 
Mazumder, S., Karnik, A.A., Wolf, K.-H.A.A., 2006. Swelling of coal in response to CO2 
sequestration for ECBM and its effect on fracture permeability. SPE Journal 11 (3), 390 
- 398. 
 
McGuiggan, P.M., Israelachvili, J.N., Gee, M.L., Homola, A.M., 1989. Measurements of 
static and dynamic interactions of molecularly thin liquid films between solid interfaces. 
Materials Research Society Symposium 140, 79 - 88. 
McPhee, C.A., Arthur, K.G., 1991. Klinkenberg permeability measurements: Problems 
and practical solutions. In: Worthington, P. F. & Longeron, D. (eds), Advances in Core 
Evaluation IL Reservoir Appraisal. Proceedings of the 2nd Society of Core Analysts 
References 
 
178 
 
European Core Analysis Symposium. Gordon and Breach Science Publishers, 
Philadelphia, 371-391. 
http://www.scaweb.org/assets/papers/1991_papers/1-SCA1991-20EURO.pdf 
 
Metwally, Y.M., Sondergeld, C., 2011. Measuring low permeabilities of gas-sands and 
shales using a pressure transmission technique. International Journal of Rock 
Mechanics and Mining Sciences 48 (7), 1135 - 1144. 
Moore, D.E., Morrow, C.A., Byerlee, J.D., 1982. Use of swelling clays to reduce 
permeability and its potential application to nuclear waste repository sealing. 
Geophysical Research Letters 9, 1009 - 1012. 
Moore, D.E., Lockner, D.A., 2004. Crystallographic controls on the frictional behavior of 
dry and water-saturated sheet structure minerals. Journal of Geophysical Research 
109, B03401. 
Nelson, P.H., 2009. Pore throat sizes in sandstones, tight sandstones, and shales. 
American Association of Petroleum Geologists (AAPG) Bulletin 93, 1 - 13. 
 
Nielsen, A.T., Schovsbo, N.H., 2006. Cambrian to basal Ordovician lithostratigraphy in 
southern Scandinavia. Bulletin of the Geological Society of Denmark 53, 47 - 92. 
 
Noman, R., M. Z. Kalam, 1990. Transition from laminar to non-darcy flow of gases in 
porous media. In: Worthington, P. F. & Longeron, D. (eds), Advances in core evaluation, 
volume 1: accuracy and precision in reserves estimation: London, Gordon and Breach, 
447 - 462.  
http://www.scaweb.org/assets/papers/1990_papers/1-SCA1990-23EURO.pdf 
 
Okiongbo, K.S., 2011. Petrophysical properties of North Sea shales. Research Journal 
of Applied Sciences, Engineering and Technology 3(1), 46 - 52. 
Pan, Z., Connell, L.K., 2012. Modelling permeability for coal reservoirs: A review of 
analytical models and testing data. International Journal of Coal Geology 92, 1 - 44. 
Pan, Z., Connell, L.D., Camilleri, M., 2010. Laboratory characterisation of coal reservoir 
permeability for primary and enhanced coalbed methane recovery. International Journal 
of Coal Geology 82 (3),  252 - 261. 
 
Passey, Q.R., Bohacs, K.M., Esch, W.L., Klimentidis, R., Sinha, S., 2010. From oil-
prone source rock to gas-producing shale reservoir - geologic and petrophysical 
characterization of unconventional shale gas reservoirs. Society of Petroleum Engineers 
(SPE), International Oil and Gas Conference and Exhibition, Beijing, China. SPE Paper 
131350. 
References 
 
179 
 
Pathi, V.S.M., 2008. Factors affecting the permeability of gas shales. Thesis (M.Sc.), 
University of British Columbia, Vancouver, British Columbia, Canada. 
 
Pedersen, G.K., 1989. The sedimentology of Lower Palaeozoic black shales from the 
shallow wells Skelbro 1 and Billegrav 1, Bornholm, Denmark. Bulletin of the Geological 
Society of Denmark 37, 151 - 173. 
 
Pedersen, G.K., Klitten, K., 1990. Anvendelse af gamma-logs ved correlation af marine 
skifre i vandforsyningsboringer på Bornholm. Danmarks. Geologisk Forening Årskrift 
1987– 89, 21 - 35. 
Petmecky, S., Meier, L., Reiser, H., Littke, R., 1999. High thermal maturity in the lower 
Saxony basin: intrusion or deep burial?. Tectonophysics 304 (4), 317 - 344. 
Pini, R., Ottiger, S., Burlini, L., Storti, G., Mazzotti, M., 2009. Role of adsorption and 
swelling on the dynamics of gas injection in coal. Journal of Geophysical Research 114 
(4), B04203. 
 
Pollastro, R.M., 2007. Total petroleum system assessment of undiscovered resources in 
the giant Barnett Shale continuous (unconventional) gas accumulation, Fort Worth 
Basin, Texas. American Association of Petroleum Geologists (AAPG) Bulletin 91 (4), 
551 - 578. 
Pollastro, R.M., Jarvie, D.M., Hill, R.J., Adams, C.W., 2007. Geologic framework of the 
Mississippian Barnett Shale, Barnett-Paleozoic total petroleum system, Bendarch-Fort 
Worth Basin, Texas. American Association of Petroleum Geologists (AAPG) Bulletin 91 
(4), 405 - 436. 
 
Pool, W., Geluk, M., Abels, J., Tiley, G., 2012. Assessment of an unusual European 
Shale Gas play: the Cambro-Ordovician Alum Shale, southern Sweden. Society of 
Petroleum Engineers (SPE), SPE/EAGE European Unconventional Resources 
Conference and Exhibition, Vienna, Austria. SPE Paper 152339. 
 
Pugh, V.J., Thomas, D.C., Gupta, S.P., 1991. Correlations of liquid and air 
permeabilities for use in reservoir engineering studies. The Log Analyst 32, 493 - 496. 
 
Rickman, R., Mullen, M., Petre, E., Grieser, B., Kundert, D., 2008. A Practical Use of 
Shale Petrophysics for Stimulation Design Optimization: All Shale Plays Are Not Clones 
of the Barnett Shale. Society of Petroleum Engineers (SPE), SPE Annual Technical 
Conference and Exhibition, Denver, Colorado, USA. SPE Paper 115258. 
Robertson, E.P., Christiansen, R.L., 2007. Modeling laboratory permeability in coal 
using sorption-induced strain data. SPE Reservoir Evaluation and Engineering 10 (3), 
260 - 269. 
References 
 
180 
 
 
Röhl, H.-J., Schmid-Röhl, A., Oschmann, W., Frimmel, A., Schwark, L., 2001. The 
Posidonia Shale (Lower Toarcian) of SW-Germany: An oxygen depleted ecosystem 
controlled by sea level and palaeoclimate. Palaeogeology, Palaeoclimatology, 
Palaeoecology 165, 27 - 52. 
 
Ross, D.J.K., Bustin, R.M., 2007. Impact of mass balance calculations on adsorption 
capacities in microporous shale gas reservoirs. Fuel 86, 2696 - 2706. 
 
Ross, D.J.K., Bustin, R.M., 2008. Characterizing the shale gas resource potential of 
DevonianeMississippian strata in the western Canada sedimentary basin: application of 
an integrated formation evaluation. American Association of Petroleum Geologists 
(AAPG) Bulletin 92, 87 - 125. 
 
Ross, D.J., Bustin, R.M., 2009. The importance of shale composition and pore structure 
upon gas storage potential of shale gas reservoirs. Marine and Petroleum Geology 26 
(6), 916 - 927. 
 
Rullkötter, J., Marzi, R., 1988. Natural and artificial maturation of biological markers in a 
Toarcian shale from northern Germany. Organic Geochemistry 13, 639 - 645. 
Rullkötter, J., Leythaeuser, D., Horsfield, B., Littke, R., Mann, U., Müller, P., Radke, M., 
Schaefer, R., Schenk, H.-J., Schwochau, K., Witte, E., Welte, D., 1988. Organic matter 
maturation under the influence of a deep intrusive heat source: a natural experiment for 
quantitation of hydrocarbon generation and expulsion from a petroleum source rock 
(Toarcian shale, northern Germany). Organic Geochemistry 13, 847 - 856. 
 
Rushing, J.A., Newsham, K.E., Lasswell, P.M., Blasingame, T.A., 2004. Klinkenberg-
corrected permeability measurements in tight gas sands steady-state versus unsteady-
state techniques. Society of Petroleum Engineers (SPE), The Annual Technical 
Conference and Exhibition, Houston, Texas, US. SPE Paper 89867. 
Ryan, B., 2006. A discussion on moisture in coal implications for coalbed gas and coal 
utilization. Summary of Activities, BC Ministry of Energy, Mines and Petroleum 
Resources,139-149. 
http://www.empr.gov.bc.ca/Mining/Geoscience/PublicationsCatalogue/OilGas/OGReport
s/Documents/2006/OG_Rpt2006Ryan%20CBG%202.pdf 
Sakhaee-Pour, A., Bryant, S., 2011. Gas Permeability of Shale. Society of Petroleum 
Engineers (SPE), Annual Technical Conference and Exhibition, Denver, Colorado, US. 
SPE Paper 146944. 
 
Saghafi, A., 2008. Gas permeation in coal and rocks: measurement techniques and 
data processing. CSIRO Investigation Report ET/IR 1015, p. 30, February. 
References 
 
181 
 
Saghafi, A., Javanmard, H., Roberts, D., 2010. Parameters affecting coal seam gas 
escape through floor and roof strata. Proceeding of the 10th Underground Coal 
Operators Conference, University of Wollongong and the Australian Institute of Mining 
and Metallurgy, 210 - 216. 
Saghafi, A., Pinetown, K., 2011. The role of inter-seam strata in the retention of CO2 
and CH4 in a coal seam gas system. Energy Procedia 4, 3117 - 3124. 
Sasaki, T., Watanabe, K., Lin, W., Hosoya, S., 2003. A study on hydraulic conductivity 
for Neogene sedimentary rocks under low hydraulic gradient condition. Shigen-to-Sozai 
119, 587 - 592. 
Sereshki, F., 2005. Improving coal mine safety by identifying factors that influence the 
sudden release of gases in outburst prone zones. Thesis (PhD), University of 
Wollongong, New South Wales, Australia. 
 
Schlomer, S., Krooss, B. M., 1997. Experimental characterization of the hydrocarbon 
sealing efficiency of cap rocks. Marine and Petroleum Geology 14, 565 - 580. 
Schloemer, S., Krooss, B., 2004. Molecular transport of methane, ethane and nitrogen 
and the influence of diffusion on the chemical and isotopic composition of natural gas 
accumulations. Geofluids 4, 81 - 108. 
Schmid-Röhl, A., Röhl, J., Oschmann, W., Frimmel, A., Schwark, L., 2002. The palaeo-
environmental reconstruction of Lower Toarcian epicontinental black shales (Posidonia 
Shale, SW-Germany): global versus regional control. GEOBIOS 35, 13 - 20 
Schovsbo, N.H., 2003. The geochemistry of Lower Palaeozoic sediments deposited at 
the margins of Baltica. Bulletin of the Geological Society of Denmark 50, 11 - 27.  
 
Schovsbo, N.H., Nielsen, A.T., Klitten, K., Mathiesen A., Rasmussen, P., 2011. Shale 
gas investigations in Denmark: Lower Palaeozoic shales on Bornholm. Geological 
Survey of Denmark and Greenland Bulletin 23, 9 - 12. 
Schwark, L., Frimmel, A., 2004. Chemostratigraphy of the Posidonia Black Shale, SW-
Germany: II – Assessment of extent and persistence of Photic Zone Anoxia via aryl 
isoprenoid distributions. Chemical Geology 206, 231 - 248.  
Soeder, D.J., 1988. Porosity and Permeability of Eastern Devonian Gas Shale. SPE 
Formation Evaluation 3 (1), 116 - 124. 
Sondergeld, C., Newsham, K., Comisky, J.T., Rice, M.C., 2010. Petrophysical 
Considerations in Evaluating and Producing Shale Gas Resources. Society of 
References 
 
182 
 
Petroleum Engineers (SPE), Unconventional Gas Conference, Pittsburgh, 
Pennsylvania, US. SPE Paper 131768. 
 
Sundararaman, P., Schoell, M., Littke, R., Baker, D.R., Leythaeuser, D., Rullkötter, J., 
1993. Depositional environment of Toarcian shales from northern Germany as 
monitored with porphyrins. Geochimica Cosmochimica Acta 57, 4213 - 4218. 
Swanson, B.F., 1981. A simple correlation between permeabilities and mercury capillary 
pressures. Journal of Petroleum Technology 33, 2498 - 2504. 
 
Swami, V., Settari, A., 2012. A Pore Scale Gas Flow Model for Shale Gas Reservoir. 
Society of Petroleum Engineers (SPE), Americas Unconventional Resources 
Conference, Pittsburgh, Pennsylvania, US. SPE Paper 155756. 
Tanikawa, W., Shimamoto, T., 2009. Comparison of Klinkenberg-corrected gas 
permeability and water permeability in sedimentary rocks. International Journal of Rock 
Mechanics and Mining Sciences 46 (2), 229 - 238. 
Tian, H, Zhang, S., Liu, S., Chen, J., 2011. Evolution of pores in organic-rich shales 
during thermal maturation. American Association of Petroleum Geologists (AAPG) 
Hedberg Conference, Beijing, China.   
http://www.searchanddiscovery.com/abstracts/pdf/2011/hedberg-
beijing/abstracts/ndx_tian.pdf 
 
Tinni, A., Fathi, E., Agarwal, R., Sondergeld, C., Akkutlu, Y., Rai, C., 2012. Shale 
permeability measurements on plugs and crushed samples. Society of Petroleum 
Engineers (SPE), Canadian Unconventional Resources Conference, Calgary, Alberta, 
Canada. SPE Paper 162235. 
 
Tissot, B.P., Welte, D.H., 1984. Petroleum Formation and Occurrence. Second edition. 
Springer-Verlag. 
Ufer, K., Stanjek, H., Roth, G., Dohrmann, R., Kleeberg, R., Kaufhold, S., 2008. 
Quantitative phase analysis of bentonites by the Rietveld method. Clays and Clay 
Minerals 56 (2), 272 - 282. 
Uffmann, A.K., Littke, R., Rippen, D., 2012. Mineralogy and geochemistry of 
Mississippian and Lower Pennsylvanian black shales at the northern margin of the 
Variscian mountain belt (Germany and Belgium). International Journal of Coal Geology 
103, 92 - 108. 
Vandenbroucke, M., Behar, F., San Torcuato, A., Rullkötter, J., 1993. Kerogen 
maturation in a reference kerogen Type II series: the Toarcian shales of the Hils 
syncline, NW Germany. Organic Geochemistry 20 (7), 961 - 972. 
References 
 
183 
 
Vandenbroucke, M., Largeau, C., 2007. Kerogen origin, evolution and structure. 
Organic Geochemistry 38 (5), 719 - 833. 
Vermylen, J.P., 2011. Geomechanic studies of the Barnett Shale, Texas, USA. Thesis 
(PhD), Standford University, Standford, US. 
 
Vernik, L., 1993. Microcrack-induced versus intrinsic elastic anisotropy in mature hc-
source shales. Geophysics 58, 1703 - 1706. 
Vernik, L., 1994. Hydrocarbon-generation-induced microcracking of source rocks. 
Geophysics 59, 555 - 563. 
Wang, F.P., Reed, R.M., Jackson, J.A., Jackson, K.G., 2009. Pore networks and fluid 
flow in gas shales. Society of Petroleum Engineers (SPE), SPE Annual Technical 
Conference and Exhibition, New Orleans, Louisiana, US. SPE Paper 124253.  
Wei, K.K., Morrow, N.R., Brower, K.R., 1986. Effect of fluid, confining pressure, and 
temperature on absolute permeabilities of low-permeability sandstones. SPE Formation 
Evaluation 1, 413 - 423. 
Wilkes, H., Disko, U., Horsfield, B., 1998. Aromatic aldehydes and ketones in the 
Posidonia Shale, Hils syncline, Germany. Organic Geochemistry 29, 107 - 117. 
 
Wollenweber, J., Alles, S., Busch, A., Krooss, B.M., Stanjek, H., Littke, R., 2010. 
Experimental investigation of the CO2 sealing efficiency of caprocks. International 
Journal of Greenhouse Gas Control 4, 231 – 241. 
Yang, Y., Aplin, A.C., 1998. Influence of lithology and compaction on the pore size 
distribution and modelled permeability of some mudstones from the Norwegian margin. 
Marine and Petroleum Geology 15, 163 - 175. 
Yang, Y.L., Aplin, A.C., 2007. Permeability and petrophysical properties of 30 natural 
mudstones. Journal of Geophysical Research 112, B03206. 
Yang, Y.L., Aplin, A.C., 2010. A permeability–porosity relationship for mudstones. 
Marine and Petroleum Geology 27 (8), 1692 - 1697. 
 
 
 
 
Apendixes 
 
184 
 
Appendix 1  
The formulation of non-steady state gas permeability through porous media is based on 
the interpretation of the fundamental flow equations i.e. the mass balance equation 
(continuity equation) and Darcy's law (Saghafi and Pinetown, 2011; Saghafi et al., 2010; 
Saghafi, 2008). 
A.1 Conservation of mass 
The continuity equation states, in any steady state process, the rate at which mass 
enters a system is equal to the rate at which mass leaves the system. The differential 
form of the continuity equation is as follow: 
 
sudiv
t



)(



 
where 
 
is the porosity of the porous medium,   is the density of fluid, 
 
t
 
 
represents the gas accumulation in the sample, )( udiv

  is the mass variation due to 
the velocity and density changes across the sample, and s  is the source (or sink if 
negative) which represents the gas sorption or desorption in the sample.  
Assuming that at the beginning of each test, there is no residual gas in the sample, and 
absence of sorption and desorption within the system, the equation (1) becomes: 
 
0)( 


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(1) 
(2) 
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The term 

)( udiv  is called the expansion rate or expansion velocity. The expansion 
rate depends on the velocity and it is the mass variation due to the velocity changes. 
Expansion of equation (4) results to: 
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Considering one-directional flow (in x direction), equation (5) becomes: 
 
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Equation (6) can be simplified as: 
   
x
u
t
x




 
 
The 
 
x
ux

 
 term is the difference between the gas mass flux leaving and entering a 
unit volume of sample. 
A.2 Development of the equation using Darcy’s law 
Substituting Darcy’s equation (differential form) in equation (7), results in: 
(3) 
(4) 
(7) 
(6) 
(5) 
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 
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In the above equation, the gas density can be replaced by the expression 
zRT
PM
  
yielding: 
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Assuming the permeability ( k ), the porosity ( ) and the viscosity of the gas ( ) are 
constant (isothermal condition), and considering ideal gas condition (z= 1), equation (9) 
becomes: 
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which can also be rewritten as: 
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The basic hypothesis in non-steady state method is that the transient state is formed by 
a succession of steady-state stages with the boundary conditions as below: 
(9) 
(8) 
(10) 
(11) 
(12) 
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- )(11 tPP   at x= 0 
- )(22 tPP  at x = L (L: length of sample) 
So considering 
0


t
P
 
Equation (12) becomes 
0
2
22



x
P
 
The pressure regime in the sample plug is obtained by integration of equation (14). After 
the first integration: 
A
x
xP


 )(2
 
and after the second integration: 
BAxxP )(2  
Using the following boundary conditions, constants A and B can be determined: 
- boundary condition 1:   )(,0 1 tPtxP   
- boundary condition 2:   )(, 2 tPtLxP   
 
(13) 
(14) 
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where )(1 tP  and )(2 tP  are the pressures in upstream and downstream chambers 
(dependent on time). Considering these boundary conditions and substitution in 
equation (16) yields: 
BtP )(
2
1  
and 
L
tPtP
A
)()( 21
2
2   
Therefore, the gas pressure throughout the sample plug can be expressed as a function 
of sample length: 
  )(
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Based on Darcy’s law, the gas flux across the sample is: 
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2
2
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The normalized flux ( ) at standard pressure ( aP ) is: 
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P
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2
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or: 
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(19) 
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where aP  is the atmospheric pressure. The rate of gas volume change or gas flow rate 
into the receiving gas chamber is, therefore, calculated as: 
A
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2
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where 2V  is the volume of gas in the receiving chamber at standard pressure and 
temperature conditions. The rate of pressure changes in chambers 1 and 2 are then: 
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where: 
L
Ak

   
And A is the cross-sectional area of the sample disk. Subtracting equation (25) from 
(24) results in: 
(22) 
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The integration of equation (28) results in: 
     ItPtPtP av  21ln  
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The slope of the straight line from equation (31), c , can be expressed as below: 
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Consequently, the final expression for the apparent gas permeability ( k ) becomes: 

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In the above expression, all the parameters can be experimentally measured and 
calculated. The parameters 1V , 2V , L , and A  are known and the gas viscosity can be 
found in tables for different experimental conditions. The slope c  can be deduced from 
the curve of equation (31), since the pressure 1P  
and 2P  in each chamber are recorded 
as a function of time during the experiment. 
 
 
 
 
 
 
 
 
 
(34) 
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Appendix 2 
Table A.2.1: gask  (He, CH4); perpendicular to bedding (Scandinavian Alum Shale) 
Sample Permeating gas 
.confP  (MPa) mP  (MPa) eP  (MPa) gask  (X10
-21
 m
2
) 
Alum#2,┴,dry Helium 12.0 0.7 11.3 44±2 
Alum#2,┴,dry Helium 12.0 1.2 10.8 31±2 
Alum#2,┴,dry Helium 12.0 3.2 8.8 21±1 
      
Alum#2,┴,dry Helium 30.0 0.7 29.3 21±1 
Alum#2,┴,dry Helium 30.0 1.2 28.8 13±1 
Alum#2,┴,dry Helium 30.0 2.2 27.8 9±1 
Alum#2,┴,dry Helium 30.0 3.2 26.8 7±1 
      
Alum#8,┴,dry Helium 12.0 1.2 10.8 177±9 
Alum#8,┴,dry Helium 12.0 2.2 8.8 132±7 
Alum#8,┴,dry Helium 12.0 5.0 7.0 121±6 
      
Alum#8,┴,dry,1 Helium 30.0 1.2 28.8 142±7 
Alum#8,┴,dry,2 Helium 30.0 1.2 28.8 134±7 
Alum#8,┴,dry Helium 30.0 2.2 27.8 106±6 
Alum#8,┴,dry,1 Helium 30.0 5.0 25.0 93±5 
Alum#8,┴,dry,2 Helium 30.0 5.0 25.0 93±5 
      
Alum#8,┴,dry Methane 12.0 1.2 10.8 137±7 
Alum#8,┴,dry Methane 12.0 2.2 9.8 88±5 
Alum#8,┴,dry Methane 12.0 3.6 8.4 67±4 
Alum#8,┴,dry Methane 12.0 5.0 7.0 58±3 
      
Alum#8,┴,dry Methane 30.0 1.2 28.8 64±3 
Alum#8,┴,dry Methane 30.0 2.2 27.8 41±2 
Alum#8,┴,dry Methane 30.0 3.6 26.4 32±2 
Alum#8,┴,dry Methane 30.0 5.0 25.0 25±2 
 
Table A.2.2: gask  (He, CH4); parallel to bedding (Scandinavian Alum Shale) 
Sample Permeating gas 
.confP  (MPa) mP  (MPa) eP  (MPa) gask  (X10
-21
 m
2
) 
Alum#2-‖-dry Helium 8.0 0.7 7.3 186±9 
Alum#2-‖-dry Helium 11.9 0.7 11.2 167±8 
Alum#2-‖-dry Helium 14.9 0.7 14.2 145±7 
Alum#2-‖-dry Helium 25.1 0.7 24.4 135±7 
Alum#2-‖-dry Helium 25.0 0.7 24.3 140±7 
Alum#2-‖-dry Helium 30.1 0.7 29.4 131±7 
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Alum#2-‖-dry Helium 8.0 1.2 6.8 132±7 
Alum#2-‖-dry Helium 12.0 1.2 10.8 130±7 
Alum#2-‖-dry Helium 14.9 1.2 13.7 112±6 
Alum#2-‖-dry Helium 24.9 1.2 23.7 95±5 
Alum#2-‖-dry Helium 25.5 1.2 24.3 102±5 
Alum#2-‖-dry-1 Helium 30.0 1.2 28.8 103±5 
Alum#2-‖-dry-2 Helium 30.1 1.2 28.9 103±5 
      
Alum#2-‖-dry Helium 7.9 2.2 5.7 104±5 
Alum#2-‖-dry Helium 12.0 2.2 9.8 105±5 
Alum#2-‖-dry Helium 14.9 2.2 12.7 85±4 
Alum#2-‖-dry Helium 25.0 2.2 22.8 75±4 
Alum#2-‖-dry Helium 28.9 2.2 26.7 71±4 
Alum#2-‖-dry-1 Helium 30.0 2.2 27.8 73±4 
Alum#2-‖-dry-2 Helium 30.0 2.2 27.8 79±4 
Alum#2-‖-dry-3 Helium 30.1 2.2 27.9 79±4 
      
Alum#2-‖-dry Helium 8.0 3.2 4.8 96±5 
Alum#2-‖-dry Helium 11.9 3.2 8.7 93±5 
Alum#2-‖-dry Helium 15.1 3.2 11.9 79±4 
Alum#2-‖-dry Helium 25.0 3.2 21.8 66±3 
Alum#2-‖-dry-1 Helium 30.0 3.2 26.8 69±3 
Alum#2-‖-dry-2 Helium 30.1 3.2 26.9 71±4 
      
Alum#2-‖-dry Methane 8.0 0.7 7.3 104±5 
Alum#2-‖-dry Methane 15.1 0.7 14.4 84±4 
Alum#2-‖-dry Methane 25.1 0.7 29.4 80±4 
Alum#2-‖-dry Methane 30.2 0.7 29.5 72±4 
      
Alum#2-‖-dry Methane 7.9 1.2 6.7 77±4 
Alum#2-‖-dry Methane 12.0 1.2 10.8 68±3 
Alum#2-‖-dry Methane 12.1 1.2 10.9 69±3 
Alum#2-‖-dry-1 Methane 30.2 1.2 29.0 58±3 
Alum#2-‖-dry-2 Methane 30.2 1.2 29.0 53±3 
Alum#2-‖-dry-3 Methane 30.2 1.2 29.0 52±3 
      
Alum#2-‖-dry Methane 8.0 2.2 5.8 62±3 
Alum#2-‖-dry Methane 12.0 2.2 9.8 56±3 
Alum#2-‖-dry Methane 14.9 2.2 12.7 47±2 
Alum#2-‖-dry Methane 25.0 2.2 22.8 44±2 
Alum#2-‖-dry Methane 29.4 2.2 27.2 37±2 
      
Alum#2-‖-dry Methane 8.0 3.2 4.8 60±3 
Alum#2-‖-dry Methane 12.1 3.2 8.9 55±3 
Alum#2-‖-dry Methane 14.9 3.2 11.7 45±2 
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Alum#2-‖-dry Methane 24.9 3.2 21.7 41±2 
Alum#2-‖-dry Methane 29.3 3.2 26.1 36±2 
      
Alum#2-‖-ar Helium 8.0 0.7 7.3 186±9 
Alum#2-‖-ar Helium 11.9 0.7 11.2 98±5 
Alum#2-‖-ar-1 Helium 19.9 0.7 19.2 50±3 
Alum#2-‖-ar-2 Helium 19.9 0.7 19.2 50±3 
Alum#2-‖-ar Helium 30.0 0.7 29.3 23±1 
      
Alum#2-‖-ar Helium 8.1 1.2 6.9 125±6 
Alum#2-‖-ar Helium 11.9 1.2 10.7 78±4 
Alum#2-‖-ar Helium 19.6 1.2 18.4 37±2 
Alum#2-‖-ar Helium 30.1 1.2 28.9 13±1 
      
Alum#2-‖-ar Helium 8.3 2.2 6.1 63±3 
Alum#2-‖-ar Helium 12.1 2.2 9.9 58±3 
Alum#2-‖-ar-1 Helium 20.1 2.2 17.9 31±2 
Alum#2-‖-ar-2 Helium 20.1 2.2 17.9 31±2 
Alum#2-‖-ar-3 Helium 20.1 2.2 17.9 31±2 
Alum#2-‖-ar-1 Helium 30.0 2.2 27.8 18±1 
Alum#2-‖-ar-2 Helium 30.5 2.2 28.3 12±1 
      
Alum#2-‖-ar Helium 8.4 3.2 5.2 79±4 
Alum#2-‖-ar Helium 12.2 3.2 9.0 45±2 
Alum#2-‖-ar Helium 20.1 3.2 16.9 26±1 
Alum#2-‖-ar. Helium 30.1 3.2 26.9 13±1 
      
Alum#2-‖-ar Methane 8.1 0.7 7.4 79±4 
Alum#2-‖-ar Methane 12.1 0.7 11.4 55±3 
Alum#2-‖-ar Methane 20.1 0.7 29.5 31±2 
Alum#2-‖-ar Methane 30.2 0.7 19.4 16±1 
      
Alum#2-‖-ar Methane 8.0 1.2 6.8 58±3 
Alum#2-‖-ar Methane 12.1 1.2 10.9 41±2 
Alum#2-‖-ar Methane 20.2 1.2 19.0 20±1 
Alum#2-‖-ar Methane 30.1 1.2 28.9 11±1 
      
Alum#2-‖-ar Methane 12.0 2.2 9.8 36±2 
Alum#2-‖-ar Methane 12.1 2.2 9.9 34±2 
Alum#2-‖-ar Methane 20.1 2.2 17.9 15±1 
Alum#2-‖-ar-1 Methane 30.2 2.2 28.0 8±1 
Alum#2-‖-ar-2 Methane 30.2 2.2 28.0 8±1 
      
Alum#2-‖-ar Methane 8.2 3.2 5.0 46±2 
Alum#2-‖-ar Methane 12.1 3.2 8.9 30±2 
Alum#2-‖-ar Methane 30.3 3.2 27.1 7±1 
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Alum#8-‖-dry Helium 8.7 0.4 8.3 8070±400 
Alum#8-‖-dry Helium 12.5 0.4 12.1 7400±370 
Alum#8-‖-dry Helium 24.4 0.4 24.0 5820±290 
Alum#8-‖-dry Helium 29.5 0.4 29.1 5480±275 
      
Alum#8-‖-dry Helium 8.3 0.6 7.7 7920±395 
Alum#8-‖-dry Helium 12.5 0.6 11.9 7010±350 
Alum#8-‖-dry Helium 19.1 0.6 18.5 6260±310 
Alum#8-‖-dry Helium 24.8 0.6 24.2 5670±285 
Alum#8-‖-dry Helium 29.5 0.6 28.9 5320±265 
      
Alum#8-‖-dry Helium 8.3 0.8 7.5 7600±380 
Alum#8-‖-dry Helium 12.4 0.8 11.6 7050±355 
Alum#8-‖-dry Helium 18.9 0.8 18.1 6280±315 
Alum#8-‖-dry Helium 25.3 0.8 24.5 5390±270 
Alum#8-‖-dry Helium 29.7 0.8 28.9 5040±250 
      
Alum#8-‖-dry Helium 8.2 1.2 7.1 7740±385 
Alum#8-‖-dry Helium 12.3 1.2 11.2 7040±350 
Alum#8-‖-dry Helium 18.6 1.2 17.5 6100±305 
Alum#8-‖-dry Helium 24.4 1.2 23.3 5360±270 
Alum#8-‖-dry Helium 29.7 1.2 28.6 5040±250 
      
Alum#8-‖-dry Helium 12.4 1.6 10.8 6980±350 
Alum#8-‖-dry Helium 18.9 1.6 17.3 6030±300 
Alum#8-‖-dry Helium 24.5 1.6 22.9 5320±265 
Alum#8-‖-dry Helium 29.3 1.6 27.7 4940±250 
      
Alum#8-‖-dry Argon 8.9 0.4 8.5 6870±345 
Alum#8-‖-dry Argon 8.9 0.4 .58 6870±345 
Alum#8-‖-dry Argon 15.3 0.4 14.9 6090±305 
Alum#8-‖-dry Argon 25.7 0.4 25.3 5210±260 
Alum#8-‖-dry Argon 29.5 0.4 29.1 4770±240 
      
Alum#8-‖-dry Argon 8.7 0.6 8.1 6490±325 
Alum#8-‖-dry Argon 15.3 0.6 14.7 5770±290 
Alum#8-‖-dry Argon 18.8 0.6 18.2 5410±270 
Alum#8-‖-dry Argon 25.6 0.6 25.0 5190±260 
Alum#8-‖-dry Argon 29.3 0.6 28.7 4670±235 
      
Alum#8-‖-dry Argon 8.6 0.8 7.8 6320±315 
Alum#8-‖-dry Argon 10.8 0.8 10.0 6260±315 
Alum#8-‖-dry Argon 15.3 0.8 14.5 5560±280 
Alum#8-‖-dry Argon 18.6 0.8 17.8 5170±260 
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Alum#8-‖-dry Argon 25.7 0.8 24.9 5010±250 
Alum#8-‖-dry Argon 29.2 0.8 28.4 4520±225 
      
Alum#8-‖-dry Argon 9.2 1.2 8.1 6000±300 
Alum#8-‖-dry Argon 10.9 1.2 9.8 5780±290 
Alum#8-‖-dry Argon 15.4 1.2 14.3 5300±265 
Alum#8-‖-dry Argon 18.7 1.2 17.6 4880±245 
Alum#8-‖-dry Argon 25.7 1.2 24.6 4690±235 
Alum#8-‖-dry Argon 29.4 1.2 28.3 4350±220 
      
Alum#8-‖-dry Argon 10.9 1.6 9.3 5550±280 
Alum#8-‖-dry Argon 11.0 1.6 9.4 5520±275 
Alum#8-‖-dry Argon 25.6 1.6 24.0 4250±215 
Alum#8-‖-dry Argon 29.3 1.6 27.7 3980±200 
      
Alum#8-‖-dry Methane 9.2 0.4 8.8 6640±330 
Alum#8-‖-dry Methane 15.2 0.4 14.8 5940±300 
Alum#8-‖-dry Methane 18.6 0.4 18.2 5650±285 
Alum#8-‖-dry Methane 26.0 0.4 25.6 5130±260 
Alum#8-‖-dry Methane 29.4 0.4 29.0 4670±235 
      
Alum#8-‖-dry Methane 8.4 0.6 7.8 6490±325 
Alum#8-‖-dry Methane 10.1 0.6 9.5 6380±320 
Alum#8-‖-dry Methane 15.2 0.6 14.6 5760±290 
Alum#8-‖-dry Methane 18.5 0.6 17.9 5500±275 
Alum#8-‖-dry Methane 25.8 0.6 25.2 4900±245 
Alum#8-‖-dry Methane 29.4 0.6 28.8 4580±230 
      
Alum#8-‖-dry-1 Methane 10.3 0.8 9.5 5980±300 
Alum#8-‖-dry-2 Methane 10.5 0.8 9.7 5900±295 
Alum#8-‖-dry Methane 15.1 0.8 14.3 5340±270 
Alum#8-‖-dry Methane 18.5 0.8 17.7 5260±260 
Alum#8-‖-dry Methane 25.7 0.8 24.9 4640±230 
Alum#8-‖-dry Methane 29.6 0.8 28.8 4330±215 
      
Alum#8-‖-dry Methane 8.9 1.2 7.8 5690±285 
Alum#8-‖-dry Methane 10.6 1.2 9.5 5500±275 
Alum#8-‖-dry Methane 15.0 1.2 13.9 5090±255 
Alum#8-‖-dry Methane 18.5 1.2 17.4 4830±240 
Alum#8-‖-dry Methane 25.7 1.2 24.6 4270±215 
Alum#8-‖-dry Methane 29.3 1.2 28.2 3970±200 
Alum#8-‖-dry Methane 30.2 1.2 29.1 3920±200 
      
Alum#8-‖-dry Methane 9.4 1.6 7.8 5060±250 
Alum#8-‖-dry Methane 10.5 1.6 8.9 4820±240 
Alum#8-‖-dry Methane 15.0 1.6 13.4 4390±220 
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Alum#8-‖-dry Methane 19.6 1.6 18.0 4280±215 
Alum#8-‖-dry Methane 25.7 1.6 24.1 3840±190 
Alum#8-‖-dry Methane 29.3 1.6 27.7 3550±180 
      
Djupvik-‖-dry Helium 8.6 0.4 8.2 4950±250 
Djupvik-‖-dry Helium 9.1 0.4 8.7 4810±240 
Djupvik-‖-dry Helium 18.4 0.4 18.0 4840±240 
Djupvik-‖-dry-1 Helium 30.4 0.4 30.0 4240±210 
Djupvik-‖-dry-2 Helium 30.9 0.4 30.5 4330±215 
      
Djupvik-‖-dry Helium 8.6 0.6 8.0 3020±150 
Djupvik-‖-dry Helium 9.1 0.6 8.5 3140±160 
Djupvik-‖-dry Helium 12.4 0.6 11.8 3180±160 
Djupvik-‖-dry Helium 19.9 0.6 19.3 3100±155 
Djupvik-‖-dry-1 Helium 30.4 0.6 29.8 2900±145 
Djupvik-‖-dry-2 Helium 30.5 0.6 29.9 3000±150 
      
Djupvik-‖-dry Helium 8.6 0.8 7.8 2210±110 
Djupvik-‖-dry Helium 9.1 0.8 8.3 2380±120 
Djupvik-‖-dry Helium 12.4 0.8 11.6 2340±115 
Djupvik-‖-dry Helium 19.9 0.8 19.1 2350±120 
Djupvik-‖-dry Helium 30.4 0.8 29.6 2230±110 
Djupvik-‖-dry Helium 30.5 0.8 29.7 2160±110 
      
Djupvik-‖-dry-1 Helium 9.0 1.2 7.8 1850±95 
Djupvik-‖-dry-2 Helium 9.4 1.2 8.2 1930±95 
Djupvik-‖-dry Helium 12.6 1.2 11.4 1890±95 
Djupvik-‖-dry Helium 20.0 1.2 18.8 1850±95 
Djupvik-‖-dry-1 Helium 30.6 1.2 29.4 1820±90 
Djupvik-‖-dry-2 Helium 30.6 1.2 29.4 1760±90 
      
Djupvik-‖-dry-1 Helium 9.1 1.6 7.5 1370±70 
Djupvik-‖-dry-2 Helium 9.3 1.6 7.7 1440±70 
Djupvik-‖-dry Helium 12.7 1.6 11.1 1400±70 
Djupvik-‖-dry-1 Helium 19.7 1.6 18.1 1400±70 
Djupvik-‖-dry-2 Helium 19.7 1.6 18.1 1390±70 
Djupvik-‖-dry-1 Helium 30.4 1.6 28.8 1340±65 
Djupvik-‖-dry-2 Helium 
 
30.4 1.6 28.8 1320±65 
      
Djupvik-‖-dry Argon 9.0 0.4 8.6 1650±85 
Djupvik-‖-dry Argon 12.6 0.4 12.2 1750±90 
Djupvik-‖-dry Argon 20.1 0.4 19.7 1630±80 
Djupvik-‖-dry Argon 30.8 0.4 30.4 1540±75 
      
Djupvik-‖-dry Argon 9.2 0.6 8.6 1170±60 
Djupvik-‖-dry Argon 12.7 0.6 12.1 1210±60 
Djupvik-‖-dry Argon 20.0 0.6 19.4 1170±60 
Apendixes 
 
198 
 
Djupvik-‖-dry Argon 31.0 0.6 30.4 1120±55 
      
Djupvik-‖-dry Argon 9.3 0.8 8.5 980±50 
Djupvik-‖-dry Argon 12.7 0.8 11.9 940±45 
Djupvik-‖-dry Argon 19.9 0.8 19.1 920±45 
Djupvik-‖-dry Argon 30.9 0.8 30.1 890±45 
      
Djupvik-‖-dry Argon 9.5 1.2 8.3 800±40 
Djupvik-‖-dry Argon 12.8 1.2 11.6 790±40 
Djupvik-‖-dry Argon 20.0 1.2 18.8 780±40 
Djupvik-‖-dry Argon 31.1 1.2 29.9 730±35 
      
Djupvik-‖-dry Argon 9.4 1.6 7.8 630±30 
Djupvik-‖-dry Argon 12.8 1.6 11.2 650±35 
Djupvik-‖-dry Argon 20.0 1.6 18.4 620±30 
Djupvik-‖-dry Argon 31.1 1.6 29.5 580±30 
      
Djupvik-‖-dry Methane 9.3 0.4 8.9 1150±60 
Djupvik-‖-dry Methane 12.6 0.4 12.2 1160±60 
Djupvik-‖-dry Methane 19.8 0.4 19.4 1120±55 
Djupvik-‖-dry Methane 30.7 0.4 30.3 1110±55 
      
Djupvik-‖-dry Methane 9.4 0.6 8.8 770±40 
Djupvik-‖-dry Methane 12.8 0.6 12.2 810±40 
Djupvik-‖-dry Methane 19.7 0.6 19.1 790±40 
Djupvik-‖-dry Methane 30.8 0.6 30.2 760±40 
      
Djupvik-‖-dry Methane 9.3 0.8 8.5 630±30 
Djupvik-‖-dry Methane 12.5 0.8 11.7 640±30 
Djupvik-‖-dry Methane 19.8 0.8 19.0 630±30 
Djupvik-‖-dry Methane 30.9 0.8 30.1 610±30 
      
Djupvik-‖-dry Methane 9.5 1.2 8.3 550±30 
Djupvik-‖-dry Methane 12.9 1.2 11.7 560±30 
Djupvik-‖-dry Methane 20.0 1.2 18.8 540±25 
Djupvik-‖-dry Methane 31.1 1.2 29.9 510±25 
      
Djupvik-‖-dry Methane 9.5 1.6 7.9 440±20 
Djupvik-‖-dry Methane 12.9 1.6 11.3 450±25 
Djupvik-‖-dry Methane 20.0 1.6 18.4 435±20 
Djupvik-‖-dry Methane 31.0 1.6 29.4 410±20 
      
Gislöv-‖-dry Helium 12.0 0.7 11.3 60±3 
Gislöv-‖-dry Helium 12.0 1.2 10.8 45±2 
Gislöv-‖-dry Helium 12.0 2.2 9.8 34±2 
Gislöv-‖-dry Helium 12.0 3.2 8.8 30±2 
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Gislöv-‖-dry Helium 30.0 1.2 28.8 80±4 
Gislöv-‖-dry Helium 30.0 2.2 27.8 52±3 
Gislöv-‖-dry Helium 30.0 3.2 26.8 38±2 
      
Gislöv-‖-dry Methane 30.0 0.7 29.3 42±2 
Gislöv-‖-dry Methane 30.0 1.2 28.8 25±1 
Gislöv-‖-dry Methane 30.0 2.2 27.8 20±1 
Gislöv-‖-dry Methane 30.0 3.2 26.8 17±1 
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Appendix 3 
Table A.3.1: gask  (He, CH4); perpendicular to bedding (Posidonia Shale) 
Sample Permeating gas 
.confP  (MPa) mP  (MPa) eP  (MPa) gask  (X10
-21
 m
2
) 
WIC,┴,ar Helium 12.0 0.7 11.3 193±10 
WIC,┴,ar Helium 12.0 1.1 10.9 172±9 
WIC,┴,ar Helium 12.0 2.1 9.9 112±6 
WIC,┴,ar Helium 12.0 3.1 8.9 98±5 
      
WIC,┴,ar Helium 30.0 0.7 29.3 159±8 
WIC,┴,ar Helium 30.0 1.1 28.9 135±7 
WIC,┴,ar Helium 30.0 2.1 27.9 107±6 
WIC,┴,ar Helium 30.0 3.1 26.9 90±5 
      
WIC,┴,ar Methane 12.0 0.7 11.3 93±5 
WIC,┴,ar Methane 12.0 1.1 10.9 77±4 
WIC,┴,ar Methane 12.0 2.1 26.9 90±5 
WIC,┴,ar Methane 12.0 3.1 8.9 54±3 
      
WIC,┴,dry Helium 30.0 0.7 29.3 267±14 
WIC,┴,dry Helium 30.0 2.1 27.9 129±7 
WIC,┴,dry Helium 30.0 3.1 26.9 104±6 
      
HAR,1,┴,dry Helium 30.0 0.7 29.3 1.4±0.1 
HAR,1,┴,dry Helium 30.0 1.1 28.9 0.7±0.1 
HAR,1,┴,dry Helium 30.0 2.1 27.9 0.5±0.1 
HAR,1,┴,dry Helium 30.0 3.1 26.9 0.3±0.1 
      
HAR,2,┴,dry Helium 30.0 1.1 29.0 0.7±0.1 
HAR,2,┴,dry Helium 30.0 2.1 27.9 0.6±0.1 
HAR,2,┴,dry Helium 30.0 3.1 26.9 0.5±0.1 
      
HAD,1,┴,dry Helium 12.0 0.7 11.3 12±0.6 
HAD,1,┴,dry Helium 12.0 1.1 10.9 9±0.5 
HAD,1,┴,dry Helium 12.0 2.1 9.9 5±0.3 
HAD,1,┴,dry Helium 12.0 3.1 8.9 5±0.3 
      
HAD,1,┴,dry Helium 30.0 0.7 29.3 10±0.5 
HAD,1,┴,dry Helium 30.0 1.1 28.9 7±0.4 
HAD,1,┴,dry Helium 30.0 2.1 27.9 4±0.2 
HAD,1,┴,dry Helium 30.0 3.1 26.9 3±0.2 
      
HAD,2,┴,dry Helium 12.0 1.1 10.9 425±22 
HAD,2,┴,dry Helium 12.0 2.1 9.9 272±14 
HAD,2,┴,dry Helium 12.0 3.1 8.9 209±11 
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HAD,2,┴,dry Helium 12.0 5.1 6.9 182±9 
      
HAD,2,┴,dry Helium 30.0 1.1 28.9 344±18 
HAD,2,┴,dry Helium 30.0 2.1 27.9 230±12 
HAD,2,┴,dry Helium 30.0 3.1 26.9 190±10 
HAD,2,┴,dry Helium 30.0 5.1 24.9 142±8 
      
HAD,2,┴,dry Methane 12.0 1.1 10.9 171±9 
HAD,2,┴,dry Methane 12.0 2.1 9.9 120±6 
HAD,2,┴,dry Methane 12.0 5.1 6.9 94±5 
      
HAD,2,┴,dry Methane 30.0 1.1 28.9 157±8 
HAD,2,┴,dry Methane 30.0 2.1 27.9 92±5 
HAD,2,┴,dry Methane 30.0 3.1 26.9 76±4 
HAD,2,┴,dry Methane 30.0 5.1 24.9 64±4 
 
Table A.3.2: gask  (He, Ar, CH4); parallel to bedding (Posidonia Shale) 
Sample Permeating gas 
.confP  (MPa) mP  (MPa) eP  (MPa) gask  (X10
--18
 m
2
) 
HAR-1-‖-dry Helium 30.0 0.7 29.3 0.03±0.002 
HAR-1-‖-dry Helium 30.0 1.1 28.9 0.01±0.001 
      
HAR-2-‖-dry Helium 30.0 0.7 29.3 0.007±0.0004 
HAR-2-‖-dry Helium 30.0 1.1 28.9 0.004±0.0002 
HAR-2-‖-dry Helium 30.0 2.1 27.9 0.003±0.0002 
HAR-2-‖-dry Helium 30.0 3.1 26.9 0.002±0.0001 
      
HAD-1-‖-dry Helium 19.0 0.4 18.6 65±4 
HAD-1-‖-dry Helium 24.9 0.4 24.5 51±3 
HAD-1-‖-dry Helium 26.2 0.4 25.8 49±3 
HAD-1-‖-dry Helium 31.0 0.4 30.6 40±2 
HAD-1-‖-dry Helium 37.0 0.4 36.6 32±2 
HAD-1-‖-dry Helium 19.0 0.6 18.4 57±3 
HAD-1-‖-dry Helium 24.9 0.6 24.3 43±3 
HAD-1-‖-dry Helium 30.9 0.6 30.3 32±2 
HAD-1-‖-dry Helium 38.0 0.6 37.4 22±2 
HAD-1-‖-dry Helium 19.0 0.9 18.1 50±3 
HAD-1-‖-dry Helium 24.7 0.9 23.9 38±2 
HAD-1-‖-dry Helium 30.9 0.9 30.1 30±2 
HAD-1-‖-dry Helium 37.1 0.9 36.2 22±2 
      
HAD-1-‖-dry Argon 19.2 0.4 18.8 42±3 
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HAD-1-‖-dry Argon 24.6 0.4 24.2 38±2 
HAD-1-‖-dry Argon 30.9 0.4 30.5 29±2 
HAD-1-‖-dry Argon 37.0 0.4 36.6 26±2 
HAD-1-‖-dry Argon 19.0 0.6 18.4 34±2 
HAD-1-‖-dry Argon 24.6 0.6 24.0 30±2 
HAD-1-‖-dry Argon 30.9 0.6 30.3 23±2 
HAD-1-‖-dry Argon 34.7 0.6 34.1 20±1 
HAD-1-‖-dry Argon 19.0 0.9 18.2 28±2 
HAD-1-‖-dry Argon 24.6 0.9 23.7 24±2 
HAD-1-‖-dry Argon 31.6 0.9 30.8 20±1 
HAD-1-‖-dry-1 Argon 37.0 0.9 36.2 17±1 
HAD-1-‖-dry-2 Argon 37.9 0.9 37.0 17±1 
HAD-1-‖-dry Argon 19.1 1.1 18.0 25±2 
HAD-1-‖-dry Argon 24.6 1.1 23.5 21±2 
HAD-1-‖-dry Argon 31.0 1.1 29.9 17±1 
HAD-1-‖-dry Argon 38.1 1.1 37.0 14±1 
      
HAD-1-‖-dry Methane 18.8 0.4 18.4 49±3 
HAD-1-‖-dry Methane 24.8 0.4 24.4 39±2 
HAD-1-‖-dry Methane 31.0 0.4 30.6 31±2 
HAD-1-‖-dry Methane 37.2 0.4 36.8 26±2 
HAD-1-‖-dry Methane 18.8 0.6 18.2 36±2 
HAD-1-‖-dry Methane 20.7 0.6 20.1 33±2 
HAD-1-‖-dry Methane 24.7 0.6 24.1 27±2 
HAD-1-‖-dry Methane 31.1 0.6 30.6 22±2 
HAD-1-‖-dry Methane 37.4 0.6 36.8 19±2 
HAD-1-‖-dry Methane 20.7 0.9 19.8 26±2 
HAD-1-‖-dry Methane 24.8 0.9 24.0 21±2 
HAD-1-‖-dry Methane 30.9 0.9 30.0 18±1 
HAD-1-‖-dry Methane 37.3 0.9 36.4 15±1 
      
HAD-2-‖-dry Helium 7.1 0.4 6.7 97±5 
HAD-2-‖-dry Helium 8.0 0.4 7.6 93±5 
HAD-2-‖-dry Helium 16.4 0.4 16.0 84±5 
HAD-2-‖-dry Helium 22.5 0.4 22.1 75±4 
HAD-2-‖-dry-1 Helium 29.4 0.4 29.0 73±4 
HAD-2-‖-dry-2 Helium 29.9 0.4 29.5 65±4 
HAD-2-‖-dry Helium 7.0 0.6 6.4 69±4 
HAD-2-‖-dry Helium 8.0 0.6 7.4 66±4 
HAD-2-‖-dry Helium 16.4 0.6 15.8 57±3 
HAD-2-‖-dry Helium 22.5 0.6 21.9 57±3 
HAD-2-‖-dry Helium 29.3 0.6 28.7 53±3 
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HAD-2-‖-dry Helium 30.0 0.6 29.4 50±3 
HAD-2-‖-dry Helium 7.2 0.9 6.3 57±3 
HAD-2-‖-dry Helium 8.2 0.9 7.3 55±3 
HAD-2-‖-dry Helium 16.5 0.9 15.8 48±3 
HAD-2-‖-dry Helium 22.5 0.9 21.6 47±3 
HAD-2-‖-dry Helium 29.4 0.9 28.5 43±3 
HAD-2-‖-dry Helium 30.0 0.9 29.1 41±3 
HAD-2-‖-dry Helium 8.2 1.1 7.1 48±3 
HAD-2-‖-dry Helium 16.6 1.1 15.5 42±3 
HAD-2-‖-dry Helium 22.6 1.1 21.5 40±2 
HAD-2-‖-dry Helium 29.3 1.1 28.2 38±2 
HAD-2-‖-dry Helium 30.0 1.1 28.9 36±2 
HAD-2-‖-dry Helium 8.2 1.6 6.6 40±2 
HAD-2-‖-dry Helium 16.6 1.6 15.0 35±2 
HAD-2-‖-dry Helium 22.6 1.6 21.0 34±2 
HAD-2-‖-dry-1 Helium 29.5 1.6 27.9 31±2 
HAD-2-‖-dry-2 Helium 29.9 1.6 28.3 29±2 
      
HAD-2-‖-dry Argon 6.6 0.4 6.2 48±3 
HAD-2-‖-dry Argon 16.5 0.4 16.1 40±2 
HAD-2-‖-dry Argon 22.7 0.4 22.3 39±2 
HAD-2-‖-dry Argon 30.0 0.4 29.6 34±2 
HAD-2-‖-dry Argon 7.8 0.6 7.2 38±2 
HAD-2-‖-dry Argon 16.6 0.6 16.0 32±2 
HAD-2-‖-dry Argon 22.8 0.6 22.2 30±2 
HAD-2-‖-dry Argon 29.9 0.6 29.3 27±2 
HAD-2-‖-dry Argon 7.8 0.9 6.9 32±2 
HAD-2-‖-dry Argon 16.5 0.9 15.6 27±2 
HAD-2-‖-dry Argon 22.8 0.9 21.9 26±2 
HAD-2-‖-dry Argon 29.9 0.9 29.0 22±2 
HAD-2-‖-dry Argon 7.8 1.1 6.7 29±2 
HAD-2-‖-dry Argon 16.3 1.1 15.2 25±2 
HAD-2-‖-dry Argon 22.7 1.1 21.6 22±2 
HAD-2-‖-dry Argon 29.8 1.1 28.7 20±1 
HAD-2-‖-dry Argon 7.9 1.6 6.3 25±2 
HAD-2-‖-dry Argon 16.4 1.6 14.8 21±2 
HAD-2-‖-dry Argon 22.8 1.6 21.2 20±1 
HAD-2-‖-dry Argon 29.8 1.6 28.2 17±1 
      
HAD-2-‖-dry Methane 7.5 0.4 7.1 41±2 
HAD-2-‖-dry Methane 16.1 0.4 15.7 36±2 
HAD-2-‖-dry Methane 23.0 0.4 22.6 34±2 
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HAD-2-‖-dry Methane 30.1 0.4 29.8 30±2 
HAD-2-‖-dry Methane 7.5 0.6 6.9 33±2 
HAD-2-‖-dry Methane 16.1 0.6 15.5 28±2 
HAD-2-‖-dry Methane 23.1 0.6 22.5 27±2 
HAD-2-‖-dry Methane 30.2 0.6 29.6 23±2 
HAD-2-‖-dry Methane 7.6 0.9 6.7 28±2 
HAD-2-‖-dry Methane 16.3 0.9 15.4 24±2 
HAD-2-‖-dry Methane 23.1 0.9 22.3 23±2 
HAD-2-‖-dry Methane 29.8 0.9 28.9 20±1 
HAD-2-‖-dry Methane 7.6 1.1 6.5 25±2 
HAD-2-‖-dry Methane 16.2 1.1 15.1 22±2 
HAD-2-‖-dry Methane 23.2 1.1 22.1 20±1 
HAD-2-‖-dry Methane 29.9 1.1 28.8 18±1 
HAD-2-‖-dry Methane 7.1 1.6 5.5 23±2 
HAD-2-‖-dry Methane 16.4 1.6 14.8 19±1 
HAD-2-‖-dry Methane 23.3 1.6 21.7 17±1 
HAD-2-‖-dry Methane 30.0 1.6 28.4 15±1 
 
